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ENVIRONMENTAL  PROTECTION 
AGENCY 

40  CFR  Part  60 

(FRL  1240-71 

New  Stationary  Sources  Performance 
Standards;  Electric  Utility  Steam 
Generating  Units 

agency:  Environmental  Protection 
Agency  (EPA). 

ACTION:  Final  rule. 


summary:  These  standards  of 
performance  limit  emissions  of  sulfur 
dioxide  (SOt).  particulate  matter,  and 
nitrogen  oxides  (NO,)  from  new, 
modified,  and  reconstructed  electric 
utility  steam  generating  units  capable  of 
combusting  more  than  73  megawatts 
(MW)  heat  input  (250  million  Btu/hour) 
of  fossil  fuel.  A  new  reference  method 
for  determining  continuous  compliance 
with  SO2  and  NO,  standards  is  also 
established.  The  Clean  Air  Act 
Amendments  of  1977  require  EPA  to 
revise  the  current  standards  of 
performance  for  fossil-fuel-fired 
stationary  sources.  The  intended  effect 
of  this  regulation  is  to  require  new, 
modified,  and  reconstructed  electric 
utility  steam  generating  units  to  use  the 
best  demonstrated  technological  system 
of  continuous  emission  reduction  and  to 
satisfy  the  requirements  of  the  Clean  Air 
Act  Amendments  of  1977. 

DATES:  The  effective  date  of  this 
regulation  is  June  11, 1979. 

addresses:  A  Background  Information 
Document  (BID;  EPA  450/3-79-021)  has 
been  prepared  for  the  final  standard. 
Copies  of  the  BID  may  be  obtained  from 
the  U.S.  EPA  Library  (MD-35),  Research 
Triangle  Park,  N.C.  27711,  telephone 
919-541-2777.  In  addition,  a  copy  is 
available  for  inspection  in  the  Office  of 
Public  Affairs  in  each  Regional  Office, 
and  in  EPA's  Central  Docket  Section  in 
Washington,  D.C.  The  BID  contains  (1)  a 
summary  of  all  the  public  comments 
made  on  the  proposed  regulation;  (2)  a 
summary  of  the  data  EPA  has  obtained 
since  proposal  on  SOt,  particulate 
matter,  and  NO,  emissions;  and  (3)  the 
final  Environmental  Impact  Statement 
which  summarizes  the  impacts  of  the 
regulation. 

Docket  No.  OAQPS-78-1  containing 
all  supporting  information  used  by  EPA 
in  developing  the  standards  is  available 
for  public  inspection  and  copying 
between  8  a.m.  and  4  p.m.,  ge 
alljn0.005Monday  through  Friday,  at 
EPA’s  Central  Docket  Section,  room 


2903B,  Waterside  Mall,  401  M  Street, 

SW..  Washington,  D.C.  20460. 

The  docket  is  an  organized  and 
complete  tile  of  all  the  information 
submitted  to  or  otherwise  considered  by 
the  Administrator  in  the  development  of 
this  rulemaking.  The  docketing  system  is 
intended  to  allow  members  of  the  public 
and  industries  involved  to  readily 
identify  and  locate  documents  so  that 
they  can  intelligently  and  etiectively 
participate  in  the  rulemaking  process. 
Along  with  the  statement  of  basis  and 
purpose  of  the  promulgated  rule  and 
EPA  responses  to  significant  comments, 
the  contents  of  the  docket  will  serve  as 
the  record  in  case  of  judicial  review 
[section  107(d)(a)]. 

FOR  FURTHER  INFORMATION  CONTACT: 

Don  R.  Goodwin,  Director,  Emission 
Standards  and  Engineering  Division 
(MD-13),  Environmental  Protection 
Agency,  Research  Triangle  Park,  N.C. 
27711,  telephone  919-541-5271. 
SUPPLEMENTARY  INFORMATION:  This 
preamble  contains  a  detailed  discussion 
of  this  rulemaking  under  the  following 
headings:  SUMMARY  OF  STANDARDS, 
RATIONALE.  BACKGROUND. 
APPUCABIUTY,  COMMENTS  ON 
PROPOSAL.  REGULATORY 
ANALYSIS.  PERFORMANCE  TESTING. 
MISCELLANEOUS. 

Summary  of  Standards 
Applicability 

The  standards  apply  to  electric  utility 
steam  generating  units  capable  of  tiring 
more  than  73  MW  (250  million  Btu/hour) 

•  heat  input  of  fossil  fuel,  for  which 
construction  is  commenced  atier 
September  18, 1978.  Industrial 
cogeneratipn  facilities  that  sell  less  than 
25  MW  of  electricity,  or  less  than  one- 
third  of  their  potential  electrical  output 
capacity,  are  not  covered.  For  electric 
utility  combined  cycle  gas  turbines, 
applicability  of  the  standards  is 
determined  on  the  basis  of  the  fossil-fuel 
fired  to  the  steam  generator  exclusive  of 
the  heat  input  and  electrical  power 
contribution  of  the  gas  turbine. 

SOt  Standards 

The  SOt  standards  are  as  follows: 

(1)  Solid  and  solid-derived  fuels 
(except  solid  solvent  refined  coal):  SOt 
emissions  to  the  atmosphere  are  limited 
to  520  ng/]  (1.20  Ib/million  Btu)  heat 
input,  and  a  90  percent  reduction  in 
potential  SOt  emissions  is  required  at  all 
times  except  when  emissions  to  the 
atmosphere  are  less  than  260  ng/J  (0.60 
Ib/million  Btu)  heat  input.  When  SOt 
emissions  are  less  than  260  mg/J  (0.60 
Ib/million  Btu)  heat  input,  a  70  percent 
reduction  in  potential  emissions  is 


required.  Compliance  with  the  emission 
limit  and  percent  reduction  requirements 
is  determined  on  a  continuous  basis  by 
using  continuous  monitors  to  obtain  a 
30-day  rolling  average.  The  percent 
reduction  is  computed  on  the  basis  of 
overall  SOt  removed  by  all  types  of  SOt 
and  sulfur  removal  technology,  including 
flue  gas  desulfurization  (FGD)  systems 
and  fuel  pretreatment  systems  (such  as 
coal  cleaning,  coal  gasitication,  and  coal 
liquefaction).  Sulfur  removed  by  a  coal 
pulverizer  or  in  bottom  ash  and  fly  ash 
may  be  included  in  the  computation. 

(2)  Gaseous  and  liquid  fuels  not 
derived  from  solid  fuels:  SOt  emissions 
into  the  atmosphere  are  limited  to  340 
ng/I  (0.80  Ib/million  Btu)  heat  input,  and 
a  90  percent  reduction  in  potential  SOt 
emissions  is  required.  The  percent 
reduction  requirement  does  not  apply  if 
SOt  emissions  into  the  atmosphere  are 
less  than  86  ng/J  (0.20  Ib/million  Btu) 
heat  input.  Compliance  with  the  SOt 
emission  limitation  and  percent 
reduction  is  determined  on  a  continuous 
basis  by  using  continuous  monitors  to 
obtain  a  30-day  rolling  average. 

(3)  Anthracite  coal:  Electric  utility 
steam  generating  units  tiring  anthracite 
coal  alone  are  exempt  from  the 
percentage  reduction  requirement  of  the 
SOt  standard  but  are  subject  to  the  520 
ng/J  (1.20  Ib/million  Btu)  heat  input 
emission  limit  on  a  30-day  rolling 
average,  and  all  other  provisions  of  the 
regulations  including  the  particulate 
matter  and  NO,  standards. 

(4)  Noncontinental  areas:  Electric 
utility  steam  generating  units  located  in 
noncontinental  areas  (State  of  Hawaii, 
the  Virgin  Islands,  Guam,  American 
Samoa,  the  Commonwealth  of  Puerto 
Rico,  and  the  Northern  Mariana  Islands) 
are  exempt  from  the  percentage 
reduction  requirement  of  the  SOt 
standard  but  are  subject  to  the 
applicable  SOt  emission  limitation  and 
all  other  provisions  of  the  regulations 
including  the  particulate  matter  and  NO, 
standards. 

(5)  Resource  recovery  facilities: 
Resource  recovery  facilities  that  tire  less 
than  25  percent  fossil-fuel  on  a  quarterly 
(90-day)  heat  input  basis  are  not  subject 
to  the  percentage  reduction 
requirements  but  are  subject  to  the  520 
ng/J  (1.20  Ib/million  Btu)  heat  input 
emission  limit.  Compliance  with  the 
emission  limit  is  determined  on  a 
continuous  basis  using  continuous 
monitoring  to  obtain  a  30-day  rolling 
average.  In  addition,  such  facilities  must 
monitor  and  report  their  heat  input  by 
fuel  type. 

(6)  Solid  solvent  refined  coal:  Electric 
utility  steam  generating  units  firing  solid 
solvent  refined  coal  (SRC  I)  are  subject 
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to  the  520  ng/J  (1.20  Ib/million  Btu)  heat 
input  emission  limit  (30-day  rolling 
average)  and  all  requirements  under  the 
NO,  and  particulate  matter  standards. 
Compliance  with  the  emission  limit  is 
determined  on  a  continuous  basis  using 
a  continuous  monitor  to  obtain  a  30-day 
rolling  average.  The  percentage 
reduction  requirement  for  SRC  I.  which 
is  to  be  obtained  at  the  refining  facility 
itself,  is  85  percent  reduction  in  potential 
SOf  emissions  on  a  24-hoiu'  (daily) 
averaging  basis.  Compliance  is  to  be 
determined  by  Method  19.  Initial  full 
scale  demonstration  facilities  may  be 
granted  a  commercial  demonstration 
permit  establishing  a  requirement  of  80. 
percent  reduction  in  potential  emissions 
on  a  24-hour  (daily)  basis. 

Particulate  Matter  Standards 

The  particulate  matter  standard  limits 
emissions  to  13  ng/J  (0.03  Ib/million  Btu) 
heat  input.  The  opacity  standard  limits 
the  opacity  of  emission  to  20  percent  (6- 
minute  average).  The  standards  are 
based  on  the  performance  of  a  well- 
designed  and  operated  baghouse  or 
electostatic  precipitator  (ESP). 

A/D,  Standards 

The  NO,  standards  are  based  on 
combustion  modification  and  vary 
according  to  the  fuel  type.  The 
standards  are: 

(1)  86  ng/J  (0.20  Ib/million  Btu)  heat 
input  from  the  combustion  of  any 
gaseous  fuel,  except  gaseous  fuel 
derived  from  coal; 

(2)  130  ng/J  (0.30  Ib/million  Btu)  heat 
input  from  the  combustion  of  any  liquid 
fuel,  except  shale  oil  and  liquid  fuel 
derived  from  coal; 

(3)  210  ng/J  (0.50  Ib/million  Btu)  heat 
input  from  the  combustion  of 
subbituminous  coal,  shale  oil,  or  any 
solid,  liquid,  or  gaseous  fuel  derived 
from  coal; 

(4)  340  ng/J  (0.80  Ib/million  Btu)  heat 
input  from  the  combustion  in  a  slag  tap 
furnace  of  any  fuel  fgntaining  more  than 
25  percent,  by  weight,  lignite  which  has 
been  mined  in  North  Dakota,  South 
Dakota,  or  Montana; 

(5)  Combustion  of  a  fuel  containing 
inore  than  25  percent,  by  weight,  coal 
refuse  is  exempt  from  the  NO,  standards 
and  monitoring  requirements;  and 

(6)  260  ng/J  (0.60  Ib/million  Btu)  heat 
input  from  the  combustion  of  any  solid 
fuel  not  specified  under  (3),  (4),  or  (5). 

Continuous  compliance  with  the  NO, 
standards  is  required,  based  on  a  30-day 
rolling  average.  Also,  percent  reductions 
in  uncontrolled  NO,  emission  levels  are 
required.  The  percent  reductions  are  not 
controlling,  however,  and  compliance 
with  the  NO,  emission  limits  will  assure 


compliance  with  the  percent  reduction 
requirements. 

Emerging  Technologies 

The  standards  include  provisions 
which  allow  the  Administrator  to  grant 
commercial  demonstration  permits  to 
allow  less  stringent  requirements  for  the 
initial  full-scale  demonstration  plants  of 
certain  technologies.  The  standards 
include  the  following  provisions: 

(1)  Facilities  using  SRC  I  would  be 
subje&t  to  an  emission  limitation  of  520 
ng/J  (1.20  Ib/million  Btu)  heat  input, 
based  on  a  30-day  rolling  average,  and 
an  emission  reduction  requirement  of  85 
percent,  based  on  a  24-hour  average. 
However,  the  percentage  reduction 
allowed  under  a  commercial 
demonstration  permit  for  the  initial  full- 
scale  demonstration  plants,  using  SRC  I 
would  be  80  percent  (based  on  a  24-hour 
average).  The  plant  producing  the  SRC  I 
would  monitor  to  insure  that  the 
required  percentage  reduction  (24-hour 
average)  is  achieved  and  the  power 
plant  using  the  SRC  I  would  monitor  to 
insure  that  the  520  ng/J  heat  input  limit 
(30-day  rolling  average)  is  achieved. 

(2)  Facilities  using  fluidized  bed 
combustion  (FBC)  or  coal  liquefaction 
would  be  subject  to  the  emission 
limitation  and  percentage  reduction 
requirement  of  the  SOa  standard  and  to 
the  particulate  matter  and  NO, 
standards.  However,  the  reduction  in 
potential  SO*  emissions  allowed  under  a 
commercial  demonstration  permit  for 
the  initial  full-scale  demonstration 
plants  using  FBC  would  be  85  percent 
(based  on  a  30-day  rolling  average).  The 
NO,  emission  limitation  allowed  under  a 
commercial  demonstration  permit  for 
the  initial  full-scale  demonstration 
plants  using  coal  liquefaction  would  be 
300  ng/J  (0.70  Ib/million  Btu)  heat  input, 
based  on  a  30-day  rolling  average. 

(3)  No  more  than  15,000  MW 
equivalent  electrical  capacity  would  be 
allotted  for  the  purpose  of  commercial 
demonstration  permits.  The  capacity 
will  be  allocated  as  follows: 


Technology 

Pollutant 

Equivalent 
electrical  capacity 
MW 

Solid  •olvent.felined  coel _ 

so. 

5.000-10,000 

Fluidized  bed  combustion 

(atmospheric) 

SO. 

400-3,000 

Fluidized  bed  combustion 

(pressurized) 

SO. 

20&-1,200 

Coal  liquefaction  _ 

NO. 

750-t0,000 

Compliance  Provisions 

Continuous  compliance  with  the  SOt 
and  NO,  standards  is  required  and  is  to 
be  determined  with  continuous  emission 
monitors.  Reference  methods  or  other 


approved  procedures  must  be  used  to 
supplement  the  emission  data  when  the 
continuous  emission  monitors 
malfimction,  to  provide  emissions  data 
for  at  least  18  hoiirs  of  each  day  for  at 
least  22  days  out  of  any  30  successive 
days  of  boiler  operation. 

A  malfunctioning  FGD  system  may  be 
bypassed  under  emergency  conditions. 
Compliance  with  the  particulate 
standard  is  determined  through 
performance  tests.  Continuous  monitors 
are  required  to  measure  and  record  the 
opacity  of  emissions.  This  data  is  to  be 
used  to  identify  excess  emissions  to 
insure  that  the  particulate  matter  control 
system  is  being  properly  operated  and 
maintained. 

Rationale 

SOt  Standards 

Under  section  111(a)  of  the  Act,  a 
standard  of  performance  for  a  fossil- 
fuel-Hred  stationary  source  must  reflect 
the  degree  of  emission  limitation  and 
percentage  reduction  achievable  through 
the  application  of  the  best  technological 
system  of  continuous  emission  reduction 
taking  into  consideration  cost  and  any 
nonair  quality  health  and  environmental 
impacts  and  energy  requirements.  In 
addition,  credit  may  be  given  for  any 
cleaning  of  the  fuel,  or  reduction  in 
pollutant  characteristics  of  the  fuel,  after 
mining  and  prior  to  combustion. 

In  the  1977  amendments  to  the  Clean 
Aif  Act  Congress  was  severely  critical 
of  the  current  standard  of  performance 
for  power  plants,  and  especially  of  the 
fact  that  it  could  be  met  by  the  use  of 
untreated  low-sulfur  coal.  The  House,  in 
particular,  felt  that  the  cmrent  standard 
failed  to  meet  six  of  the  purposes  of 
section  111.  The  six  purposes  are  (H. 
Rept.  at  184-186): 

1.  The  standards  must  not  give  a 
competitive  advantage  to  one  State  over 
another  in  attracting  industry. 

2.  The  standards  must  maximize  the 
potential  for  long-term  economic  growth 
by  reducing  emissions  as  much  as 
practicable.  This  would  increase  the 
amotmt  of  industrial  growth  possible 
within  the  limits  set  by  the  air  quality 
standards. 

3.  The  standards  must  to  the  extent 
practical  force  the  installation  of  all  the 
control  technology  that  will  ever  be 
necessary  on  new  plants  at  the  time  of 
construction  when  it  is  cheaper  to 
install,  thereby  minimizing  the  need  for 
retroHt  in  the  future  when  air  quality 
standards  begin  to  set  limits  to  growth. 

4and  5.  The  standards  to  the  extent 
practical  must  force  new  sources  to  bum 
high-sulfur  fuel  thus  freeing  low-sulfur 
fuel  for  use  in  existing  sources  where  it' 
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is  harder  to  control  emissions  and  where 
low-sulfur  fuel  is  needed  for  compliance. 
This  will  (1)  allow  old  sources  to 
operate  longer  and  (2)  expand 
environmentally  acceptable  energy 
supplies. 

6.  The  standards  should  be  stringent 
in  order  to  force  the  development  of 
improved  technology. 

To  deal  with  these  perceived 
deficiences,  the  House  initiated 
revisions  to  section  111  as  follows; 

1.  New  source  performance  standards 
must  be  based  on  the  “best 
technological”  control  system  that  has 
been  “adequately  demonstrated,”  taking 
cost  and  other  factors  such  as  energy 
into  account.  The  insertion  of  the  word 
“technological”  precludes  a  new  source 
performance  standard  based  solely  on 
the  use  of  low-sulfur  fuels. 

2.  New  source  performance  standards 
for  fossil-fuel-fired  sources  (e.g.,  power 
plants]  must  require  a  “percentage 
reduction”  in  emissions,  compared  to 
the  emissions  that  would  result  from 
burning  untreated  fuels. 

The  Conference  Committee  generally 
followed  the  House  bill.  As  a  result,  the 
1977  amendments  substantially  changed 
the  criteria  for  regulating  new  power 
plants  by  requiring  the  application  of 
technological  methods  of  control  to 
minimize  SOa  emissions  and  to 
maximize  the  use  of  locally  available 
coals.  Under  the  statute,  these  goals  are 
to  be  achieved  through  revision  of  the 
standards  of  performance  for  new  fossil- 
fuel-fired  stationary  sources  to  specify 
(1)  an  emission  limitation  and  (2)  a 
percentage  reduction  requirement. 
According  to  legislative  history 
accompanying  the  amendments,  the 
percentage  reduction  requirement 
should  be  applied  uniformly  on  a 
nationwide  basis,  unless  the 
Administrator  finds  that  varying 
requirements  applied  to  fuels  of  differing 
characteristics  will  not  undermine  the 
objectives  of  the  house  bill  and  other 
Act  provisions. 

The  principal  issue  throughout  this 
rulemaking  has  been  whether  a  plant 
burning  low-sulfur  coal  should  be 
required  to  achieve  the  same  percentage 
reduction  in  potential  SOt  emissions  as 
those  burning  higher  sulfur  coal.  The 
public  comments  on  the  proposed  rules 
and  subsequent  analyses  performed  by 
the  Office  of  Air,  Noise  and  Radiation  of 
EPA  served  to  bring  into  focus  several 
other  issues  as  well. 

These  issues  included  performance 
capabilities  of  SOt  control  technology, 
the  averaging  period  for  determining 
compliance,  and  the  potential  adverse 
impact  of  the  emission  ceiling  on  high- 
sulfur  coal  reserves. 


Prior  to  framing  the  final  SOt 
standards,  the  EPA  staff  carried  out 
extensive  analyses  of  a  range  of 
alternative  SOt  standards  using  an 
econometric  model  of  the  utility  sector. 
As  part  of  this  effort,  a  joint  working 
group  comprised  of  representatives  from 
EPA,  the  Department  of  Energy,  the 
Council  of  Elconomic  Advisors,  the 
Council  on  Wage  and  Price  Stability, 
and  others  reviewed  the  underlying 
assumptions  used  in  the  model.  The 
results  of  these  analyses  served  to 
identify  environmental,  economic,  and 
energy  impacts  associated  with  each  of 
the  alternatives  considered  at  the 
national  and  regional  levels.  In  addition, 
supplemental  analyses  were  performed 
to  assess  impacts  of  alternative 
emission  ceilings  on  specific  coal 
reserves,  to  verify  performance 
characteristics  of  alternative  SOa 
scrubbing  technologies,  and  to  assess 
the  sulfur  reduction  potential  of  coal 
preparation  techniques. 

Based  on  the  public  record  and 
additional  analyses  performed,  the 
Administrator  concluded  that  a  90 
percent  reduction  in  potential  SO* 
emissions  (30-day  rolling  average)  has 
been  adequately  demonstrated  for  high- 
sulfur  coals.  This  level  can  be  achieved 
at  the  individual  plant  level  even  under 
the  most  demanding  conditions  through 
the  application  of  flue  gas 
desulfurization  (FGD)  systems  together 
with  sulfur  reductions  achieved  by 
currently  practiced  coal  preparation 
techniques.  Reductions  achieved  in  the 
fly  ash  and  bottom  ash  are  also 
applicable.  In  reaching  this  finding,  the 
Administrator  considered  the 
performance  of  currently  operating  FGD 
systems  (scrubbers)  and  found  that 
performance  could  be  upgraded  to 
achieve  the  recommended  level  with 
better  design,  maintenance,  and 
operating  practices.  A  more  stringent 
requirement  based  on  the  levels  of 
scrubber  performance  specified  for 
lower  sulfur  coals  in  a  number  of 
prevention  of  significant  deterioration 
permits  was  not  adopted  since 
experience  with  scrubbers  operating 
with  such  performance  levels  on  hi^- 
sulfur  coals  is  limited.  In  selecting  a  30- 
day  rolling  average  as  the  basis  for 
determining  compliance,  the 
Administrator  took  into  consideration 
ei^ects  of  coal  sulfur  variability  on 
scrubber  performance  as  well  as 
potential  adverse  impacts  that  a  shorter 
averaging  period  may  have  on  the 
ability  of  small  plants  to  comply. 

With  respect  to  lower  sulfur  coals,  the 
EPA  staff  examined  whether  a  uniform 
or  variable  application  of  the  percent 
reduction  requirement  would  best 
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satisfy  the  statutory  requirements  of 
section  111  of  the  Act  and  the  supporting 
legislative  history.  The  Conference 
Report  for  the  Clean  Air  Act 
Amendments  of  1977  says  in  the 
pertinent  part: 

In  establishing  a  national  percent  reduction 
for  new  fossil  fuel-fired  sources,  the 
conferees  agreed  that  the  Administrator  may, 
in  his  discretion,  set  a  range  of  pollutant 
reduction  that  reflects  varying  fuel 
characteristics.  Any  departure  from  the 
uniform  national  percentage  reduction 
requirement,  however,  must  be  accompanied 
by  a  finding  that  such  a  departure  does  nOt 
undermine  the  basic  purposes  of  the  House 
provision  and  other  provisions  of  the  act, 
such  as  maximizing  the  use  of  locally 
available  fuels. 

In  the  face  of  such  language,  it  is  clear 
that  Congress  established  a  presumption 
in  favor  of  a  uniform  application  of  the 
percentage  reduction  requirement  and 
that  any  departure  would  require  careful 
analysis  of  objectives  set  forth  in  the 
House  bill  and  the  Conference  Report. 

This  question  was  made  more 
complex  by  the  emergence  of  dry  SOa 
control  systems.  As  a  result  of  public 
comments  on  the  discussion  of  dry  SO* 
control  technology  in  the  proposal,  the 
EPA  staff  examined  the  potential  of  this 
technology  in  greater  detail.  It  was 
found  that  the  development  of  dry  SOa 
controls  has  progressed  rapidly  during 
the  past  12  mon&s.  Three  Lll  scale 
systems  are  being  installed  on  utility 
boilers  with  scheduled  start  up  in  the 
1981-1982  period.  These  already 
contracted  systems  have  design 
efficiencies  ranging  from  50  to  85 
percent  SOa  removal,  long  term  average. 
In  addition,  it  was  determined  that  bids 
are  currently  being  sought  for  five  more 
dry  control  systems  (70  to  90  percent 
reduction  range)  for  utility  applications. 

Activity  in  the  dry  SOa  control  Held  is 
being  stimulated  by  several  factors. 

First,  dry  control  systems  are  less 
complex  than  wet  technology.  These 
simplified  designs  offer  the  prospect  of 
greater  reliability  at  substantially  lower 
costs  than  their  wet  counterparts. 
Second,  dry  systems'  use  less  water  than 
wet  scrubbers,  which  is  an  important 
consideration  in  the  Western  part  of  the  * 
United  States.  Third,  the  amount  of 
energy  required  to  operate  dry  systems 
is  less  than  that  required  for  wet 
systems.  Finally,  the  resulting  waste 
product  is  more  easily  disposed  of  than 
wet  sludge. 

The  applicability  of  dry  control 
technology,  however,  appears  limited  to 
low-sulfur  coals.  At  coal  sulfur  contents 
greater  than  about  1290  ng/J  (3  pounds 
SOi/ million  Btu),  or  about  1.5  percent 
sulfur  coal,  available  data  indicate  that 
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it  probably  will  be  more  economical  to 
employ  a  wet  scrubber  than  a  dry 
control  system. 

Faced  with  these  findings,  the 
Administrator  had  to  determine  what 
efiect  the  strucbire  of  the  final 
regulation  would  have  on  the  continiiing 
development  and  application  of  this 
technology.  A  thorough  engineering 
review  of*the  available  data  indicated 
that  a  requirement  of  90  percent 
reduction  in  potential  SOa  emissions 
would  be  likely  to  constrain  the  full 
development  of  this  technology  by 
limiting  its  potential  applicability  to  high 
alkaline  content,  low-sulfur  coals.  For 
non-alkaline,  low-sulfur  coals,  the 
certainty  of  economically  achieving  a  90 
percent  reduction  level  is  markedly 
reduced.  In  the  face  of  this  finding,  it 
would  be  unlikely  that  the  technology 
would  be  vigorously  pursued  for  these 
low  alkaline  fuels  which  comprise 
approximately  one  half  of  the  Nation's 
low-sulfur  coal  reserves.  In  view  of  this, 
the  Administrator  sought  a  percentage 
reduction  requirement  that  would 
provide  an  opportunity  for  dry  SOt 
technology  to  be  developed  for  all  low- 
sulfur  coal  reserves  and  yet  would  be 
sufficiently  stringent  to  assure  that  the 
technology  was  developed  to  its  fullest 
potential.  The  Administrator  concluded 
that  a  variable  control  approach  with  a 
minimum  requirement  of  70  percent 
reduction  potential  in  SOt  emissions  (30- 
day  rolling  average)  for  low-sulfur  coals 
would  fulfill  this  objective.  This  will  be 
discussed  in  more  detail  later  in  the 
preamble.  Less  stringent,  sliding  scale 
requirements  such  as  those  offered  by 
the  utility  industry  and  the  Department 
of  Energy  were  rejected  since  they 
would  have  higher  associated  emissions, 
would  not  be  significantly  less  costly, 
and  would  not  serve  to  encourage 
development  of  this  technology. 

In  addition  to  promoting  the 
development  of  dry  SO*  systems,  a 
variable  approach  offers  several  other 
advantages  often  cited  by  the  utility 
industry.  For  example,  if  a  source  c^ose 
to  employ  wet  technology,  a  70  percent 
reduction  requirement  serves  to 
substantially  reduce  the  energy  impact 
of  operating  wet  scrubbers  in  low-sulfur 
coals.  At  this  level  of  wet  scrubber 
control,  a  portion  of  the  untested  flue 
gas  could  be  used  for  plume  reheat  so  as 
to  increase  plume  buoyancy,  thus 
reducing  if  not  eliminating  the  need  to 
expend  energy  for  flue  gas  reheat. 
Further,  by  establishing  a  range  of 
percent  reductions,  a  variable  approach 
would  allow  a  source  some  flexibility 
particulaily  when  selecting  intermediate 
sulfur  content  coals.  Finally,  under  a 
variable  approach,  a  source  could  move 


to  a  lower  sulfur  content  coal  to  achieve 
compliance  if  its  control  equipment 
failed  to  meet  design  expectations. 

While  these  points  alone  would  not  be 
sufficient  to  warrant  adoption  of  a 
variable  standard,  they  do  serve  to 
supplement  the  benefits  associated  with 
permitting  the  use  of  dry  technology. 

Regarding  the  maximum  emission 
limitation,  the  Administrator  had  to 
determine  a  level  that  was  appropriate 
when  a  90  percent  reduction  in  potential 
emissions  was  applied  to  high-sulfur 
coals.  Toward  tlds  end,  detailed 
assessments  of  the  potential  impacts  of 
a  wide  range  of  emission  limitations  on 
highTSulfur  coal  reserves  were 
performed.  The  results  revealed  that  a 
significant  portion  (up  to  30  percent)  of 
the  high-sulfur  coal  reserves  in  the  ^st. 
Midwest  and  portions  of  the  Northern 
Appalachia  coal  regions  would  reqiiire 
more  than  a  90  percent  reduction  if  the 
emission  limitation  were  established 
below  520  ng/J  (1.2  Ib/million  Btu)  heat 
input  on  a  30^ay  rolling  average  basis. 
Although  higher  levels  of  control  are 
technically  feasible,  conservatism  in 
utility  perceptions  of  scrubber 
performance  could  create  a  significant 
disincentive  against  the  use  of  these 
coals  and  disrupt  the  coal  markets  in 
these  regions.  Accordingly,  the 
Administrator  concluded  the  emission 
limitation  should  be  maintained  at  520 
ng/J  (1.2  Ib/million  Btu)  heat  input  on  a 
30-day  rolling  average  basis.  A  more 
stringent  emission  limit  would  be 
coimter  to  one  of  the  purposes  of  the 
1977  Amendments,  that  is,  encouraging 
the  use  of  higher  sulfur  coals. 

Having  determined  an  appropriate 
emission  limitation  and  that  a  variable 
percent  reduction  requirement  should  be 
established,  the  Administrator  directed 
his  attention  to  specifying  the  final  form 
of  the  standard.  In  doing  so.  he  sought  to 
achieve  the  best  balance  in  control 
requirements.  This  was  accomplished  by 
specifying  a  520  ng/J  (1.2  Ib/million  Btu) 
heat  input  emission  limitation  with  a  90 
percent  reduction  in  potential  SOt 
emissions  except  when  emissions  to  the 
atmosphere  were  reduced  below  260  ng/ 
J  (0.6  Ib/million  Btu)  heat  input  (30-day 
rolling  average),  when  only  a  70  percent 
reduction  in  potential  SOt  emissions 
would  apply.  Compliance  with  each  of 
the  requirmnents  would  be  determined 
on  the  basis  of  a  30-day  rolling  average. 
Under  this  approach,  plants  ^ng  hi^- 
sulfur  coals  would  be  required  to 
achieve  a  90  percent  reduction  in 
potential  emissions  in  order  to  comply 
with  the  emission  limitation.  Those 
using  intermediate-  or  low-sulfur  content 
coals  would  be  permitted  to  achieve 
between  70  and  90  percent  reduction. 


provided  their  emissions  were  less  than 
260  ng/J  (0.6  Ib/million  Btu).  The  260  ng/ 

J  (0.6  Ib/million  Btu)  level  was  selected 
to  provide  for  a  smooth  transition  of  the 
percentage  reduction  requirement  fi*om 
high-  to  low-sulfur  coals.  Other 
transition  points  were  examined  but  not 
adopted  since  they  tended  to  place 
certain  types  of  coal  at  a  disadvantage. 

By  fashioning  the  SO*  standard  in  this 
manner,  the  Adbninistrator  believes  he 
has  satisfied  both  the  statutory  language 
of  section  111  and  the  pertinent  part  of 
the  Conference  Report.  The  standard 
reflects  a  balance  in  environmental, 
economic,  and  energy  considerations  by 
being  sufficiently  stringent  to  bring 
about  substantial  reductions  in  SOt 
emissions  (3  million  tons  in  1995)  yet 
does  so  at  reasonable  costs  without 
significant  energy  penalties.  When 
compared  to  a  uniform  90  percent 
reduction,  the  standard  adiieves  the 
same  emission  reductions  at  the 
national  leVel.  More  importantly,  by 
providing  an  opportunity  for  full 
development  of  dry  SOi  technology  the 
standard  offers  potential  for  further 
emission  reductions  (100  to  200 
thousand  tons  per  year),  cost  savings 
(over  $1  billion  per  year),  and  a 
reduction  in  oil  consumption  (200 
thousand  barrels  per  day)  when 
compared  to  a  uniform  standard.  The 
standard  through  its  balance  and 
recognition  of  varying  coal 
characteristics,  serves  to  expand 
environmentally  acceptable  energy 
supplies  without  conveying  a 
competitive  advantage  to  any  one  coal 
producing  region.  The  maintenance  of 
the  emission  limitation  at  520  ng/J  (1.2  lb 
SOi/million  Btu)  Will  serve  to  encourage 
the  use  of  locally  available  high-sulfur 
coals.  By  providing  for  a  range  of 
percent  reductions,  the  standard  offers 
flexibility  in  regard  to  burning  of 
intermediate  sulfur  content  coals.  By 
placing  a  minimum  requirement  of  70 
percent  on  low-sulfur  coals,  the  final 
rule  encourages  the  full  development 
and  application  of  dry  SOa  control 
systems  on  a  range  of  coals.  At  the  same 
time,  the  minimum  requirement  is 
sufficiently  stringent  to  reduce  the 
amount  of  low-sulfur  coal  that  moves 
eastward  when  compared  to  the  current 
standard.  Admittedly,  a  uniform  90 
percent  requirement  would  reduce  such 
movements  further,  but  in  the 
Administrator's'opinion,  such  gains 
would  be  of  marginal  value  when 
compared  to  expected  increases  in  high- 
sulfur  coal  production.  By  achieving  a 
balanced  coal  demand  within  the  utility 
sector  and  by  promoting  the 
development  of  less  expensive  SOs 
control  technology,  the  final  standard 
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will  expand  environmentally  acceptable 
energy  supplies  to  existing  power  plants 
and  industrial  sources. 

By  substantially  reducing  SOs 
emissions,  the  standard  wUl  enhance  the 
potential  for  long  term  economic  growth 
at  both  the  national  and  regional  levels. 
While  more  restrictive  requirements 
may  have  resulted  in  marginal  air 
quality  improvements  locally,  their 
higher  costs  may  well  have  served  to 
retard  rather  than  promote  air  quality 
improvement  nationally  by  delaying  the 
retirement  of  older,  poorly  controlled 
plants. 

The  standard  must  also  be  viewed 
within  the  broad  context  of  the  Clean 
Air  Act  Amendments  of  1977.  It  serves 
as  a  minimum  requirement  for  both 
prevention  of  significant  deterioration 
and  non-attainment  considerations. 
When  warranted  by  local  conditions, 
ample  authority  exists  to  impose  more 
restrictive  requirements  through  the 
case-by-case  new  source  review 
process.  When  exercised  in  conjunction 
with  the  standard,  these  authorities  will 
assure  that  our  pristine  areas  and 
national  parks  are  adequately  protected. 
Similarly,  in  those  areas  where  the 
attainment  and  maintenance  of  the 
ambient  air  quality  standard  is 
threatened,  more  restrictive 
requirements  will  be  imposed. 

The  standard  limits  SOt  emissions 
from  facilities  firing  gaseous  or  liquid 
fuels  to  340  ng/J  (0.80  Ib/million  Btu) 
heat  input  and  requires  90  percent 
reduction  in  potential  emissions  on  a  30- 
day  rolling  average  basis.  The  percent 
reduction  does  not  apply  when 
emissions  are  less  than  86  ng/J  (0.20  lb/ 
million  Btu)  heat  input  on  a  30-day 
rolling  average  basis.  Hiis  reflects  a 
change  to  the  proposed  standards  in 
that  the  time  for  compliance  is  changed 
from  the  proposed  24-hour  basis  to  a  30- 
day  rolling  average.  This  change  is 
necessary  to  make  the  compliance  times 
consistent  for  all  fuels.  Enforcement  of 
the  standards  would  be  complicated  by 
different  averaging  times,  particularly 
when  more  than  one  fuel  is  used. 

Particulate  Matter  Standard 

The  standard  for  particulate  matter 
limits  the  emissions  to  13  ng/J  (0.03  lb/ 
million  Btu)  heat  input  and  requires  a  99 
percent  reduction  in  uncontrolled 
emissions  for  solid  fuels  and  a  70 
percent  reduction  for  liquid  fuels.  No 
particulate  matter  control  is  necessary 
for  units  firing  gaseous  fuels  alone,  and 
a  percent  reduction  is  not  required.  The 
percent  reduction  requirements  for  solid 
and  liquid  fuels  are  not  controlling,  and 
compliance  with  the  particulate  matter 


emission  limit  will  assure  compliance 
with  the  percent  reduction  requirements. 

A  20  percent  (6-minute  average) 
opacity  limit  is  included  in  this 
standard.  The  opacity  limit  is  included 
to  insure  proper  operation  and 
maintenance  of  the  emission  control 
system.  If  an  affected  facility  were  to 
comply  with  all  applicable  standards 
except  opacity,  the  owner  or  operator 
may  request  that  the  Administrator, 
under  40  CFR  60.11(e),  establish  a 
source-specific  opacity  limit  for  that 
affected  facility. 

The  standard  is  based  on  the 
performance  of  a  well  designed, 
operated  and  maintained  electrostatic 
precipitator  (ESP)  or  baghouse  control 
system.  The  Administrator  has 
determined  that  these  control  systems 
are  the  best  adequately  demonstrated 
technological  systems  of  continuous 
emission  reduction  (taking  into 
consideration  the  cost  of  achieving  such 
emission  reduction,  and  nonair  quality 
health  and  environmental  impacts  and 
energy  requirements). 

Electrostatic  Precipitators 

EPA  collected  emission  data  from  21 
ESP-equipped  steam  generating  units 
which  were  firing  low-sulfur  coals  (0.4- 
1.9  percent).  EPA  evaluated  emission 
levels  fiom  units  burning  relatively  low- 
sulfur  coal  because  it  is  more  difficult 
for  an  ESP  to  collect  particulate  matter 
emissions  generated  by  the  combustion 
of  low-sul^  coal  than  high-sulfur  coal. 
None  of  the  ESP  control  systems  at  the 
21  coal-fired  steam  generators  tested 
were  designed  to  ac^eve  a  13  ng/J  (0.03 
Ib/million  Btu)  heat  input  emission  level, 
however,  emission  levels  at  9  of  the  21 
units  were  below  the  standard.  All  of 
the  units  that  were  firing  coal  with  a 
sulfur  content  between  1.0  and  1.9 
percent  and  which  had  emission  levels 
below  the  standard  had  either  a  hot-side 
ESP  (an  ESP  located  before  the 
combustion  air  preheater)  with  a 
specific  collection  area  greater  than  89 
square  meters  per  actud  cubic  meter  per 
second  (452  ftVl,000  ACFM),  or  a  cold- 
side  ESP  (an  ESP  located  after  the 
combustion  air  preheater)  with  a 
specific  collection  area  greater  than  85 
square  meters  per  actud  cubic  meter  per 
second  (435  ftVl.OOO  ACTT^. 

ESFs  require  a  larger  specific 
collection  area  when  applied  to  imits 
burning  low-sulfur  cod  than  to  units 
burning  high-sulfur  cod  because  the 
electricd  resistivity  of  the  fly  ash  is 
higher  with  low-sdfur  coaL  Based  on  an 
examination  of  the  emission  data  in  the 
record,  it  is  the  Administrator's 
judgment  that  when  low-sulfur  cod  is 
being  fired  cm  ESP  must  have  a  specific 


collection  area  from  about  130  (hot  side) 
to  200  (cold  side)  square  meters  per 
actual  cubic  meter  per  second  (650  to 
1,000  ft*  per  1,000  ACFM)  to  comply  with 
the  standard.  When  hi^-sulfur  coal 
(greater  than  3.5  percent  sulfur)  is  being 
fired  an  ESP  must  have  a  specific 
collection  area  of  about  72  (cold  side) 
square  meters  per  actual  cubic  meter  per 
second  (360  ft*  per  1,000  ACFM)  to 
comply  with  the  standard. 

Cold-side  ESFs  have  traditionally 
been  used  to  control  particulate  matter 
emissions  from  power  plants.  The 
problem  of  ESP  collection  of  hi^- 
electrical-resistivity  fly  ash  from  low- 
sdfur  coal  can  be  reduced  by  using  a 
hot-side  ESP.  Higher  fly  ash  collection 
temperatures  result  in  better  ESP 
performance  by  reducing  fly  ash 
resistivity  for  most  types  of  low-sdfur 
coal.  Reducing  fly  ash  resistivity  in  itself 
wodd  decrease  die  ESP  collection  plate 
al-ea  needed  to  meet  the  standard; 
however,  lor  a  hot-side  ESP  this  benefit 
is  reduced  by  the  increased  flue  gas 
volume  resdting  from  the  higher  flue  gas 
temperature.  Although  a  smaller 
collection  area  is  required  for  a  hot-side 
ESP  than  for  a  cold  side  ESP,  this  benefit 
is  offset  by  greater  construction  costs 
due  to  the  higher  qudity  of  materials, 
thicker  insulation,  and  special  design 
provisions  to  accommodate  the 
expansion  and  warping  potential  of  the 
collection  plates. 

Baghouses 

The  Administrator  has  evaluated  data 
from  more  than  50  emission  test  runs 
conducted  at  8  baghouse-eqdpped  cod- 
fired  steam  generating  units.  Although 
none  of  these  baghouse-controUed  units 
were  designed  to  achieve  a  13  Ng/J  (0.03 
Ib/million  Btu)  heat  input  emission  level 
48  of  the  test  resdts  achieved  this  level 
and  only  1  test  at  each  of  2  units 
exceeded  13  Ng/J  (0.03  Ib/million  Btu) 
heat  input.  The  emission  levels  at  the 
two  imits  with  emission  levels  above  13 
Ng/J  (0.03  Ib/million  Btu)  heat  input 
could  conceivably  be  reduced  bdow 
that  level  through  an  improved 
maintenance  program.  It  is  the 
Administrator’s  judgment  that 
baghouses  with  an  air-to-cloth  ratio  of 
0.6  actud  cubic  meter  per  minute  per 
square  meter  (2  ACFM/ft^  will  ai^eve 
the  standard  at  a  pressure  drop  of  less 
than  1.25  kilopascals  (5  in.  HaO).  The 
Administrator  has  conduded  that  this 
air/ cloth  ratio  and  pressure  drop  are 
reasonable  when  considering  cost 
energy,  and  nonair  quality  impacts. 

When  an  owner  or  operator  must 
choose  between  an  ESP  and  a  iMt^use 
to  meet  the  standard,  it  is  the 
Administrator’s  judgment  that 
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baghouses  have  an  advantage  for  low- 
sulfur  coal  applications  and  ESFs  have 
an  advantage  for  high-sulfur  coal 
applications.  Available  data  indicate 
that  for  low-sulfiir  coals,  ESFs  (hot-side 
or  cold-side)  require  a  large  collection 
area  and  thus  ESP  control  system  costs 
will  be  higher  than  baghouse  control 
system  costs.  For  high-sulfur  coals,  large 
collection  areas  are  not  required  for 
ESFs,  and  ESP  control  systems  offer 
cost  savings  over  baghouse  control 
systems. 

Baghouses  have  not  traditionally  been 
used  at  utility  power  plants.  At  the  time 
these  regulations  were  proposed,  the 
largest  baghouse-controUed  coal-fired 
steam  generator  for  which  EPA  had 
particulate  matter  emission  test  data 
had  an  electrical  output  of  44  MW. 
Several  larger  baghouse  installations 
were  under  construction  and  two  larger 
units  were  initiating  operation.  Since  the 
date  of  proposal  of  these  standards,  EPA 
has  tested  one  of  the  new  units.  It  has 
an  electrical  output  capacity  of  350  MW 
and  is  fired  with  pulverized, 
subbituminous  coal  containing  0.3 
percent  sulfur.  The  baghouse  control 
system  for  this  facility  is  designed  to 
achieve  a  43  Ng/J  (0.01  Ib/miUion  Btu) 
heat  input  emission  limit  This  unit  has 
achieved  emission  levels  below  13  Ng/J 
(0.03  Ib/million  Btu)  heat  input  The 
baghouse  control  system  was  designed 
with  an  air-to-cloth  ratio  of  1.0  actual 
cubic  meter  per  minute  per  square  meter 
(3.32  ACFM/ft*)  and  a  pressure  drop  of 
1.25  kilopascals  (5  in.  HtO).  Althou^ 
some  operating  problems  have  been 
encountered,  the  unit  is  being  operated 
within  its  design  emission  liMt  and  the 
level  of  the  standard.  During  the  testing 
the  power  plant  operated  in  excess  of 
300  MW  electrical  output  Work  is 
continuing  on  the  control  system  to 
improve  its  performance.  Regardless  of 
ty^,  large  emission  control  systems 
generally  require  a  period  of  time  for  the 
establishment  of  cleaning,  maintenance, 
and  operational  procedures  that  are  best 
suited  for  the  particular  application. 

Baghouses  are  designed  and 
constructed  in  modules  rather  than  as 
one  large  unit  The  baghouse  control 
system  for  the  new  350  MW  power  plant 
has  2&  baghouse  modules,  each  of  which 
services  12.5  MW  of  generating 
capacity.  As  of  May  1979,  at  least  26 
ba^ouse-equipped  coal-fired  utility 
steam  generators  were  operating,  and  an 
additional  28  utility  units  are  planned  to 
start  operation  by  the  end  of  1982.  About 
two-thirds  of  the  30  planned  baghouse- 
controlled  power  generation  systems 
will  have  an  electrical  output  capacity 
greater  than  150  MW,  and  more  than 
one-third  of  these  power  plants  %vill  be 


fired  with  coal  containing  more  than  3 
percent  sulfur.  The  Administrator  has 
concluded  that  baghouse  control 
systems  have  been  adequately 
demonstrated  for  full-sized  utility 
application. 

Scrubbers 

EPA  collected  emission  test  data  from 
seven  coal-fired  steam  generators 
controlled  by  wet  particulate  matter 
scrubbers.  Emissions  from  five  of  the 
seven  scrubber-equipped  power  plants 
were  less  than  21  Ng/J  (0.05  Ib/million 
Btu)  heat  input  Only  one  of  the  seven 
units  had  emission  test  results  less  than 
13  Ng/J  (0.03  Ib/million  Btu)  heat  input 
Scrubber  pressure  drop  can  be 
increased  to  improve  scrubber 
particulate  matter  removal  efficiencies; 
however,  because  of  cosland  energy 
considerations,  the  Administrator 
believes  that  wet  particulate  matter 
scrubbers  will  only  be  used  in  special 
situations  and  generally  will  not  be 
selected  to  comply  with  the  standards. 

Performance  Testing 

When  the  standards  were  proposed, 
the  Administrator  recognized  that  there 
'  is  a  potential  for  both  FGD  sulfate 
carryover  and  sulfuric  acid  mist  to  afreet 
particulate  matter  performance  testing 
downstream  of  an  FGD  system.  Data 
available  at  the  time  of  proposal 
indicated  that  overall  particulate  matter 
emissions,  including  sulfate  carryover, 
are  not  increased  by  a  properly 
designed,  constructed,  maintained,  and 
operated  FGD  system.  No  additional 
information  has  been  received  to  alter 
this  finding. 

The  data  available  at  proposal 
indicated  that  sulfuric  acid  mist  (HtSOJ 
interaction  with  Methods  5  or  17  would 
not  be  a  problem  when  firing  low-sulfur 
coal,  but  may  be  a  problem  when  firing 
high-sulfur  coals.  limited  data  obtained 
since  proposal  indicate  that  when  high- 
sulfur  co^  is  being  fired,  there  is  a 
potential  for  sulfuric  acid  mist  to  form 
after  an  FGD  system  and  to  introduce 
errors  in  the  performance  testing  results 
when  Methods  5  or  17  are  used.  EPA  has 
obtained  particulate  matter  emission 
test  data  firom  two  power  plants  that 
were  fired  with  coals  having  more  than 
.  3  percent  sulfur  and  that  were  equipped 
with  both  an  ESP  and  FGD  system.  The 
particulate  matter  test  data  collected 
after  the  FGD  system  were  not 
conclusive  in  assessing  the  acid  mist 
problem.  The  first  facility  tested 
appeared  to  experience  a  problem  with 
acid  mist  interaction.  The  second  facility 
did  not  appear  to  experience  a  problem 
with  add  mist,  and  emissions  after  the 
ESP/FGD  system  were  less  than  13  ng/J 


(0.03  Ib/million  Btu)  heat  input  The  tests 
at  both  facilities  were  conducted  using 
Method  5.  but  difrerent  methods  were 
used  for  measuring  the  filter 
temperature.  EPA  has  initiated  a  review 
of  Methods  5  and  17  to  determine  what 
modifications  may  be  necessary  to 
avoid  acid  mist  interaction  problems. 
Until  these  studies  are  completed  the 
Administrator  is  approving  as  an 
optional  test  procedure  the  use  of 
Method  5  (or  17)  for  performance  testing 
before  FGD  systems.  Performance 
testing  is  discussed  in  more  detail  in  the 
PERFORMANCE  TESTING  section  of 
this  preamble. 

The  particulate  matter  emission  limit 
and  opacity  limit  apply  at  all  times, 
except  during  periods  of  startup, 
shutdown,  or  malfunction.  Compliance 
with  the  particulate  matter  emission 
limit  is  determined  through  performance 
tests  using  Methods  5  or  17.  Compliance 
with  the  opacity  limit  is  determined  by 
the  use  of  Method  9.  A  continuous 
monitoring  system  to  measure  opacity  is 
required  to  assure  proper  operation  and 
maintenance  of  the  emission  control 
system  but  is  not  used  for  continuous 
compliance  determinations.  Data  &t)m 
the  continuous  monitoring  system 
indicating  opacity  levels  higher  than  the 
standard  are  reported  to  EPA  quarterly 
as  excess  emissions  and  not  as 
violations  of  the  opacity  standard. 

The  environmental  impacts  of  the 
revised  particulate  matter  standards 
were  estimated  by  using  an  economic 
model  of  the  coal  and  electric  utility 
industries  (see  discussion  imder 
REGULATORY  ANALYSIS).  This 
projection  took  into  consideration  the 
combined  effect  of  complying  with  the 
revised  SOi,  particulate  matter,  and  NO, 
standards  on  the  construction  and 
operation  of  both  new  and  existing 
capacity.  Particulate  matter  emissions 
from  power  plants  were  3.0  million  tons 
in  1975.  Under  continuation  of  the 
current  standards,  these  emissions  are 
predicted  to  decrease  to  1.4  million  tons 
by  1995.  The  primary  reason  for  this 
decrease  in  emissions  is  the  assmnption 
that  existing  power  plants  will  come 
into  compliance  with  current  state 
emission  regulations.  Under  these 
standards,  1995  emissions  are  predicted 
to  decrease  another  400  thousand  tons 
(30  percent). 

A/O,  Standards 

The  NO,  emission  standards  are 
based  on  emission  levels  achievable 
%vith  a  properly  designed  and  operated 
boiler  Aat  incorporates  combustion 
modification  techniques  to  reduce  NO, 
formation.  The  leveU  to  which  NO, 
emissions  can  be  reduced  with 
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combustion  modiHcation  depend  not 
only  upon  boiler  operating  practice,  but 
also  upon  the  type  of  fuel  burned. 
Consequently,  the  Administrator  has 
developed  fuel-specific  NO,  standards. 
The  standards  are  presented  in  this 
preamble  under  Summary  of  Standards. 

Continuous  compliance  with  the  NO. 
standards  is  required,  based  on  a  30-day 
rolling  average.  Also,  percent  reductions 
in  uncontrolled  NO,  emission  levels  are 
required.  The  percent  reductions  are  not 
controlling,  however,  and  compliance 
with  the  NO.  emission  limits  will  assure 
compliance  with  the  percent  reduction 
requirements. 

One  change  has  been  made  to  the 
proposed  NO.  standards.  The  proposed 
standards  would  have  required 
compliance  to  be  based  on  a  24-hour 
averaging  period,  whereas  the  final 
standards  require  compliance  to  be 
based  on  a  30-day  rolling  average.  This 
change  was  made  because  several  of  the 
comments  received,  one  of  which 
included  emission  data,  indicated  that 
more  flexibility  in  boiler  operation  on  a 
day-to-day  basis  is  needed  to 
accommodate  slagging  and  other  boiler 
problems  that  may  influence  NO. 
emissions  when  coal  is  burned.  The 
averaging  period  for  determining 
compliance  with  the  NO.  limitations  for 
gaseous  and  liquid  fuels  has  been 
changed  from  the  proposed  24-hour  to  a 
30-day  rolling  average.  This  change  is 
necessary  to  make  the  compliance  times 
consistent  for  all  fuels.  Enforcement  of 
the  standards  would  be  complicated  by 
different  averaging  times,  particularly 
where  more  than  one  fuel  is  used.  More 
details  on  the  selection  of  the  averaging 
period  for  coal  appear  in  this  preamble 
under  Comments  on  Proposal. 

The  proposed  standards  for  coal 
combustion  were  based  principally  on 
the  results  of  EPA  testing  performed  at 
six  electric  utility  boilers,  all  of  which 
are  considered  to  represent  modem 
boiler  designs.  One  of  the  boilers  was 
manufactured  by  the  Babcock  and 
Wilcox  Company  (B&\y)  and  was 
retrofitted  with  low-emission  burners. 
Four  of  the  boilers  were  Combustion 
Engineering,  Inc.  (CE)  designs  originally 
equipped  with  overfire  air,  and  one 
boiler  was  a  CE  design  retrofitted  with 
overfire  air.  The  six  boilers  burned  a 
variety  of  bituminous  and 
subbituminous  coals.  Conclusions 
drawn  from  the  EPA  studies  of  the 
boilers  were  that  the  most  effective 
combustion  modification  techniques  for 
reducing  NO.  emitted  from  utility 
boilers  are  staged  combustion,  low 
excess  air.  and  reduced  heat  release 
rate.  Low-emission  burners  were  also 


effective  in  reducing  NO,  levels  during 
the  EPA  studies. 

In  developing  the  proposed  standards 
for  coal,  the  A^inistrator  also 
considered  the  following:  (1)  data 
obtained  from  the  boiler  manufacturers 
on  11  CE,  three  B&W,  and  three  Foster 
Wheeler  Energy  Corporation  (FW)  ^ 
utility  boilers;  (2)  the  results  of  tests 
performed  twice  daily  over  30-day 
periods  at  three  well-controlled  utility 
boilers  manufactured  by  CE;  (3)  a  total 
of  six  months  of  continuously  monitored 
NO.  emission  data  from  two  CE  boilers 
located  at  the  Colstrip  plant  of  the 
Montana  Power  Company,  (4)  plans 
underway  at  B&W,  FW,  and  Ae  Riley 
Stoker  Corporation  (RS)  to  develop  low- 
emission  burners  and  furnace  designs; 

(5)  correspondence  from  CE  indicating 
Aat  it  would  guarantee  its  new  boilers 
to  achieve.  wiAout  adverse  side-effects, 
emission  limits  essentially  Ae  same  as 
Aose  proposed;  and  (6)  guarantees 
made  by  B&W  and  FW  Aat  Aeir  new 
boilers  would  achieve  Ae  State  of  New 
Mexico’s  NO.  emission  limit  of  190  ng/J 
(0.45  Ib/million  Btu)  heat  input. 

Since  proposal  of  the  standards,  the 
following  new  information  has  become 
available  and  has  been  considered  by 
the  Administrator:  (1)  additional  data 
from  Ae  boiler  manufacturers  on  four 
B&W  and  four  RS  utility  boilers;  (2)  a 
total  of  18  months  of  continuously 
monitored  NO.  data  from  Ae  two  CE 
utility  boilers  at  the  Colstrip  plant;  (3) 
approximately  10  monAs  of 
continuously  monitored  NO.  data  from 
five  other  CE  boilers;  (4)  recent 
performance  test  results  for  a  CE  and  a 
RS  utility  boiler;  and  (5)  recent 
guarantees  offered  by  CE  and  FW  to 
achieve  an  NO,  emission  limit  of  190  ng/ 
)  (0.45  Ib/million  Btu)  heat  input  in  the 
State  of  California.  'This  and  other  new 
information  is  discussed  m  “Electric 
Utility  Steam  Generating  Units, 
Background  Information  for 
Promulgated  Emission  Standards”  (EPA 
450/3-79-^)21). 

The  data  available  before  dnd  after 
proposal  indicate  Aat  NO.  emission 
levels  below  210  ng/J  (0.50  Ib/million 
Btu)  heat  input  are  achievable  wiA  a 
variety  of  coals  burned  m  boilers  made 
by  all  four  of  the  major  boiler 
manufacturers.  Lower  emission  levels 
are  Aeoretically  achievable  wiA 
catalytic  ammonia  injection,  as  noted  by 
several  commenters.  However,  these 
systems  have  not  been  adequately 
demonstrated  at  Ais  time  on  full-size 
electric  utility  boilers  Aat  bum  coal. 

Continuously  monitored  NO.  emission 
data  from  coal-fired  CE  boilers  Adicate 
Aat  emission  variability  during  day-to- 
day  operation  is  such  Aat  low  NO. 


levels  can  be  maintained  if  emissions 
are  averaged  over  30-day  periods. 
AlAough  Ae  Administrator  has  not 
been  able  to  obtain  continuously 
monitored  data  frt)m  boilers  made  by 
Ae  o  Aer  boiler  manufacturers,  the 
Administrator  believes  Aat  Ae  emission 
variability  exhibited  by  CE  boilers  over 
long  perils  of  time  is  also 
characteristic  of  B&W,  FW,  and  RS 
boilers.  This  is  because  the 
Admmistrator  expects  B&W.  FW,  and 
RS  boilers  to  experience  operational 
conAtions  which  are  similar  to  CE 
boilers  (e.g.,  slagging,  variations  in  fuel 
quality,  and  load  reductions)  when 
burning  similar  fuel.  Thus,  the 
Administrator  believes  the  30-day 
averaging  time  is  appropriate  for  coal- 
ffred  boilers  made  by  all  four 
manufacturers.  ^ 

Prior  to  proposal  of  the  standards 
several  electric  utilities  and  boiler 
manufacturers  expressed  concern  over 
Ae  potential  for  accelerated  boiler  Abe 
wastage  (i.e.,  corrosion)  during  low-NO. 
operation  of  a  coal-ffred  boiler.  The 
severity  of  tube  wastage  is  believed  to 
vary  wiA  several  factors,  but  especially 
with  the  sulfur  content  of  Ae  coal 
burned.  For  example,  Ae  combustion  of 
high-sulfur  biAminous  coal  appears  to 
aggravate  Abe  wastage,  partic^arly  if  it 
is  burned  in  a  reducing  atmosphere.  A 
reducmg  atmosphere  is  sometimes 
associated  with  low-NO.  operation. 

The  EPA  stuAes  of  one  B&W  and  five 
CE  utility  boilers  concluded  Aat  tube 
wastage  rates  did  not  sigAficantly 
mcrease  during  low-NO.  operation.  The 
significance  of  Aese  results  is  limited, 
however,  m  Aat  Ae  tube  wastage  tests 
were  conducted  over  relatively  short 
periods  of  time  (30  days  or  300  hours). 
Also,  only  CE  and  B&W  boilers  were 
studied,  and  the  B&W  boiler  was  not  a 
recent  design,  but  was  an  old-style  unit 
retrofitted  with  experimental  low- 
emission  burners.  Thus,  some  concern 
still  exists  over  potentially  greater  tube 
wastage  during  low-NO.  operation 
when  high-sulfur  coals  are  burned.  Since 
bituminous  coals  often  have  high  sulfur 
contents,  the  Administrator  has 
established  a  special  emission  limit  for 
biAminous  coals  to  reduce  the  potential 
for  mcreased  tube  wastage  during  low- 
NO.  operation. 

Based  on  Ascussions  wiA  Ae  boiler 
manufactiu'ers  and  on  an  evaluation  of 
all  available  tube  wastage  information, 
Ae  Administrator  has  esAblished  an 
NO.  emission  limit  of  260  ng/J  (0.60  lb/ 
million  BA)  heat  imput  for  Ae 
combustion  of  bituminous  coaL  The 
Admimstrator  believes  this  is  a  safe 
level  at  which  tube  wastage  will  not  be  ^ 
accelerated  by  low-NO,  operation.  In 
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support  of  diis  bdief,  CE  has  stated  that 
it  would  guarantee  its  new  boilers,  when 
equipped  with  overfire  air.  to  achieve 
the  260  ng/l  (060  Ib/milhon  Btu)  heat 
input  limit  without  increased  tube 
wastage  rates  when  Eastern  bituminous 
coals  are  burned.  In  addition,  B&W  has 
noted  in  several  recent  technical  papers 
that  its  low-emission  burners  allow  the 
furnace  to  be  maintained  in  an  oxidizing 
atmosphere,  thereby  reducing  the 
potential  for  tidie  wastage  when  high- 
sulfur  bituminoas  coals  are  burned.  The 
other  boiler  manufacturers  have  also 
developed  techniques  that  reduce  the 
potential  for  tube  wastage  during  low- 
NO,  operation.  Althou^  the  amount  of 
tube  wastage  data  available  to  the 
Administrator  on  B&W,  FW,  and  RS 
boilers  is  very  limited,  it  is  the 
Administrator’s  judgement  that  all  three 
of  these  manufacturers  are  capable  of 
designing  boilers  which  would  not 
experience  increased  tube  wastage  rates 
as  a  result  of  compliance  with  the  NO. 
standards.  , 

Since  the  potential  for  increased  tube 
wastage  during  low-NOs  operation 
appears  to  be  unall  when  low-sulfur  • 
subbituminous  coals  are  burned,  the 
Administrator  has  established  a  lower 
NO,  emission  limit  of  210  ng/}  (0.50  lb/ 
million  Btu)  heat  input  feu:  boilers 
burning  subbituminous  coal.  This  limit  is 
consistent  with  emission  data  from 
boilers  representing  all  four 
manufacturers.  Furthermore,  CE  has 
stated  that  it  would  guarantee  its 
modem  boilers  to  achieve  an  NO,  limit 
of  210  ng/J  (0.50  Ib/million  Btu]  heat 
input,  without  increased  tube  wastage 
rates,  when  subbituminous  coals  are 
burned. 

The  emission  limits  for  electric  utility 
power  plants  that  bum  liquid  and 
gaseous  fuels  are  at  the  same  levels  as 
the  emission  limits  originally 
promulgated  in  1971  under  40  CFR  Part 
60,  Subpart  D  for  large  steam  generators. 
It  was  decided  that  a  new  study  of 
combustion  modification  or  NO.  flue-gas 
treatment  for  oil-  or  gas-fired  electric 
utility  steam  generators  would  not  be 
appropriate  because  few,  if  any,  of  these 
kinds  of  power  plants  are  expected  to  be 
built  in  the  future. 

Several  studies  indicate  that  NO, 
emissions  firom  the  combustion  of  fuels 
derived  from  coal,  such  as  liquid 
solvent-refined  coal  (SRC  II)  and  low- 
Btu  synthetic  gas,  may  be  higher  than 
those  from  petroleiun  oil  or  natural  gas. 
This  is  because  coal-derived  fuels  have 
fuel-bound  nitrogen  contents  that 
approach  the  levels  found  in  coal  rather 
than  those  found  in  petroleum  oil  and 
natm^l  gas.  Based  on  limited  emission 
data  from  pilot-scale  facilities  and  on 


the  known  mnission  characteristics  of 
coal,  the  Administrator  believes  that  an 
achievaUe  emissioa  limit  for  solid, 
liquid,  and  gaseous  fuels  derived  from 
cold  is  210  Dg/J  (0.50  Ib/miUion  Btu)  heat 
input  Tube  wai^e  and  ofiver  bmler 
problems  are  not  expected  to  occur  from 
boiler  operation  at  l^els  as  low  as  210 
ng/I  when  firing  these  fuels  because  of 
their  low  sulfur  and  ash  contents. 

NOx  emission  limits  for  lignite 
combustion  were  promulgated  in  1978 
(48  FR  92719  as  amendments  to  the 
original  standards  under  40  CFR  Part  60, 
Subpart  D.  Since  no  new  information  cm 
NO.  emission  rates  from  lignite 
combustion  has  becxmie  available,  the 
emission  limits  have  not  been  cdianged 
for  these  standards.  Also,  these 
emission  limits  are  the  same  as  die 
proposed. 

Little  is  known  about  the  enaission 
characteristics  of  shale  oil.  However, 
since  shale  oil  typically  has  a  hi^ier 
fuel-bound  nhro^i  cemtent  dian 
petroleum  oH,  it  may  be  iuqiossible  lor  a 
well-controlled  unit  burning  shale  oil  to 
achieve  the  NQi  emission  limit  fear  liquid 
fuels.  Shale  oil  does  have  a  sinular 
nitrogen  content  to  coat  and  it  is 
reasonable  to  expecd  that  the  emissiem 
control  tecdiniques  used  fear  coal  could 
also  be  used  to  limit  NO^  emissions  from 
shale  oil  ccxnbustion.  Consequently,  die 
Administrator  has  limited  NO, 
emissions  frtnn  units  burning  shale  oil  to 
210  ng/]  (0.50  Ib/million  Btu)  heat  ii^mt, 
the  same  limit  applicable  to 
subbituminous  cx^,  whicdi  is  the  same 
as  proposed.  There  is  no  evidence  that 
tube  wastage  or  other  boiler  problems 
would  result  from  operation  of  a  boiler 
at  210  ng/I  when  shale  oil  is  bumecL 

The  combustion  of  coal  refuse  was 
exempted  from  the  original  steam 
generator  standards  under  40  CFR  Part 
60,  Subpart  D  because  the  only  furnace 
design  believed  capable  of  burning 
certain  kinds  of  coal  refuse,  the  slag  tap 
furnace,  inherently  produces  NO, 
emissions  in  excess  of  the  NO. 
standard.  Unlike  lignite,  virtually  no 
NO,  emission  data  are  available  for  the 
combustion  of  coal  refuse  in  slag  tap 
furnaces.  The  Administrator  has 
decided  to  continue  the  coal  refuse 
exemption  under  the  standards 
promulgated  here  because  no  new 
information  on  coal  refuse  cmnbustion 
has  become  available  since  the 
exemption  under  Subpart  D  was 
established. 

The  environmental  impacts  of  the 
revised  NO,  standards  were  estimated 
by  umng  an  economic  model  of  tlm  coal 
and  electric  utility  industries  (see 
discussion  under  REGULATORY 
ANALYSIS).  This  projection  took  into 


consideration  the  combined  efiect  of 
complying  with  the  revised  SOt. 
particulate  matter,  and  NO.  standards 
on  the  construction  and  operation  of 
both  new  and  existing  c^iacity. 

National  NO,  emissions  ^m  power 
plants  were  6A  million  tons  in  1975  and 
are  predicted  to  increase  to  9.3  million 
tons  by  1995  under  the  current 
standuds.  These  standards  are 
projected  to  reduce  1995  emissions  by 
600  thousand  tons  (6  percent). 

BackgrouMl 

In  December  1971,  und»  section  111 
of  the  Clean  Air  Act,  the  Administrator 
issued  standards  of  performance  to  limit 
emissions  of  SOi,  particulate  matter, 
and  NO,  from  new,  modified,  and 
reconstructed  fossil-fuel-fired  steam 
generators  (40  CFR  60.40  et  seq.).  Since 
that  time,  the  technology  for  controlling 
emissions  from  this  source  category  Im 
improved,  but  emissions  of  SOt, 
particulate  matter,  and  NO.  continue  to 
be  a  national  problem.  In  1976,  steam 
electric  generating  units  contributed  24 
percent  of  the  particulate  matter.  66 
percent  of  the  SO*,  and  29  percent  of  the 
NO,  emissions  on  a  national  basis. 

The  utility  industry  is  expected  to 
have  continued  and  significant  growth. 
The  capacity  is  ejected  to  increase  by 
about  50  percent  with  approximate  300 
new  fossil-fuel-fired  power  plant  boilers 
to  begin  operation  within  the  next  10 
years.  As^ciated  with  utility  growth  is 
the  continued  long-term  increase  in 
utility  coal  consumption  from  some  400 
million  tons/year  in  1975  to  about  1250 
million  tons/year  in  1995.  Under  the 
current  performance  standards  for 
power  plants,  national  SO*  emissions 
are  projected  to  increase  approximately 
17  percent  between  1975  and  1995. 

Impacts  will  be  more  dramatic  on  a 
regional  basis.  For  example,  in  the 
absence  of  more  stringent  controls, 
utility  SO*  emissions  are  expected  to 
increase  1300  percent  by  1995  in  the 
West  South  Central  region  (d  the 
country  (Texas,  Oklahoma,  Arkansas, 
and  Louisiana). 

EPA  was  petitioned  on  August  6, 1976, 
by  the  Sierra  Club  and  the  Oljato  and 
Red  Mesa  Chapters  (d  the  Navaho  Tribe 
to  revise  the  SO*  standard  so  as  to 
require  a  90  percent  reduction  in  SO* 
emissions  frmn  ail  new  coal-fired  power 
plants.  The  petition  claimed  that 
advances  in  technology  since  1971 
justified  a  revision  of  the  standard.  As  a 
result  of  the  petition,  EPA  agreed  to 
investigate  tte  matter  thoroughly-  On 
January  27. 1977  (42  FR  5121).  EPA 
aimounced  that  it  had  initiated  a  study 
to  review  the  technologicaL  ecmomic, 
and  other  foctors  need^  to  deteraaiie  to 
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what  extent  the  SO*  standard  for  fossil- 
fuel-fired  steam  generators  should  be 
revised. 

On  August  7, 1977,  President  Carter 
signed  into  law  the  Clean  Air  Act 
Amendments  of  1977.  The  provisions 
under  section  111(b)(6)  of  die  Act,  as 
amended,  required  ^A.to  revise  the 
standards  of  performance  for  fossil-fuel* 
fired  electric  utility  steam  generators 
within  1  year  after  enactment. 

After  the  Sierra  Club  petition  of 
August  1976,  EPA  initiated  studies  to 
review  the  advancement  made  on 
pollution  control  systems  at  power 
plants.  These  studies  were  continued 
following  the  amendment  of  the  Clean 
Air  Act.  In  order  to  meet  the  schedule 
established  by  the  Act,  a  preliminary 
assessment  of  the  ongoing  studies  was 
made  in  late  1977.  A  National  Air 
Pollution  Control  Techniques  Advisory 
Committee  meeting  was  held  on 
December  13  and  14, 1977,  to  present 
EPA  preliminary  data.  The  meeting  was 
open  to  the  public  and  comments  were 
solicited. 

The  Clean  Air  Act  Amendments  of 
1977  required  the  standards  to  be 
revised  by  August  7, 1978.  When  it 
appeared  that  the  Administrator  would 
not  meet  this  schedule,  the  Sierra  Club 
filed  a  complaint  on  July  14, 1978,  with 
the  U.S.  District  Court  for  the  District  of 
Columbia  requesting  injunctive  relief  to 
require,  among  other  things,  that  the 
Administrator  propose  the  revised 
standards  by  August  7, 1978  (Sierra  Club 
V.  Costle,  No.  78-1297).  The  Court 
approved  a  stipulation  requiring  the 
Administrator  to  (1)  deliver  proposed 
regulations  to  the  Office  of  the  Federal 
Register  by  September  12, 1978,  and  (2) 
promulgate  the  final  regulations  within  6 
months  after  proposal  (i.e.,  by  March  19, 
1979). 

The  Administrator  delivered  the 
proposal  package  to  the  Office  of  the 
Federal  Register  by  September  12, 1978, 
and  the  proposed  regulations  were 
published  September  19, 1978  (43  FR 
42154).  Public  comments  on  the  proposal 
were  requested  by  December  15,  and  a 
public  hearing  was  held  December  12 
and  13,  the  record  of  which  was  held 
open  until  January  15, 1979.  More  than 
625  comment  letters  were  received  on 
the  proposal.  The  comments  were 
carefully  considered,  however,  the 
issues  could  not  be  sufficiently 
evaluated  in  time  to  promulgate  the 
standards  by  March  19, 1979.  On  that 
date  the  Administrator  and  the  other 
parties  in  Sierra  Club  v.  Costle  filed 
with  the  Court  a  stipulation  whereby  the 
Administrator  would  sign  and  deliver 
the  final  standards  to  the  Federal 
Register  on  or  before  June  1, 1979. 


The  Administrator’s  conclusions  and 
responses  to  the  major  issues  are 
presented  in  this  preamble.  These 
regulations  represent  the 
Administrator's  response  to  the  petition 
of  the  Navaho  Tribe  and  Sierra  Club  and 
fulfill  the  rulemaking  requirements 
under  section  111(b)(6)  of  the  Act. 

Applicability 

General 

These  standards  apply  to  electric 
utility  steam  generating  units  capable  of 
firing  more  than  73  MW  (250  million 
Btu/hour)  heat  input  of  fossil  fuel,  for 
which  construction  is  commenced  after 
September  18, 1978.  This  is  principally 
the  same  as  the  proposal.  Some  minor 
changes  and  clarification  in  the 
applicability  requirements  for 
cogeneration  facilities  and  resource 
recovery  facilities  have  been  made. 

On  December  23, 1971,  the 
Administrator  promulgated,  under 
Subpart  D  of  40  CFR  Part  JM,  standards 
of  performance  for  fossil-fiiel-fired 
steam  generators  used  in  electric  utility 
and  large  industrial  applications.  The 
standards  adopted  herein  do  not  apply 
to  electric  utility  steam  generating  units 
originally  subject  to  those  standards 
(Subpart  D)  unless  the  affected  facilities 
are  modified  or  reconstructed  as  defined 
\mder  40  CFR  60  Subpart  A  and  this 
subpart.  Similarly,  imits  constructed 
prior  to  December  23, 1971,  are  not 
subject  to  either  performance  standard 
(Subpart  D  or  Da)  imless  they  are 
modified  or  reconstructed. 

Electric  Utility  Steam  Generating  Units 

An  electric  utility  steam  generating 
unit  is  defined  as  any  steam  electric 
generating  unit  that  is  physically 
connected  to  a  utility  power  distribution 
system  and  is  constructed  for  the 
purpose  of  selling  more  than  25  MW 
electiical  output  and  more  than  one 
third  of  its  potential  electrical  output 
capacity.  Amy  steam  that  is  sold  and 
ultimately  used  to  produce  electrical 
power  for  sale  through  the  utility  power 
distribution  system  is  also  included 
under  the  standard.  The  term  “potential 
electrical  generating  capacity”  has  been 
added  since  proposal  and  is  defined  as 
33  percent  of  the  heat  input  rate  at  the 
facility.  The  applicability  requirement  of 
selling  more  than  25  MW  electrical 
output  capacity  has  also  been  added 
since  proposal. 

These  standards  cover  industrial 
steam  electric  generating  units  or 
cogeneration  units  (producing  steam  for 
both  electrical  generation  and  process 
heat)  that  are  capable  of  firing  more 
than  73  MW  (250  million  Btu/hr)  heat 


input  of  fossil  fuel  and  are  constructed 
for  the  purpose  of  selling  through  a 
utility  power  distribution  system  more 
than  25  MW  electrical  output  and  more 
than  one-third  of  their  potential 
electrical  output  capacity  (or  steam 
generating  capacity  ultimately  used  to 
produce  electricity  for  sale).  Facilities 
with  a  heat  input  rate  in  excess  of  73 
MW  (250  million  Btu/hour)  that  produce 
only  industrial  steam  or  that  generate 
electricity  but  sell  less  than  25  MW 
electrical  output  through  the  utility 
power  distribution  system  or  sell  less 
than  one-third  of  their  potential  electric 
output  capacity  through  the  utility 
power  distribution  system  are  not 
covered  by  these  standards,  but  will 
continue  to  be  covered  under  Subpart  D, 
if  applicable. 

Resource  recovery  units  incorporating 
steam  electric  generating  units  that 
would  meet  the  applicability 
requirements  but  that  combust  less  than 
25  percent  fossil  fuel  on  a  quarterly  (90- 
day)  heat-input  basis  are  not  covered  by 
the  SO*  percent  reduction  requirements 
under  this  standard.  These  facilities  are 
subject  to  the  SO*  emission  limitation 
and  all  other  provisions  of  the 
regidation.  They  are  also  required  to 
monitor  their  heat  input  by  ^el  type  and 
to  monitor  SO*  emissions.  If  more  than 
25  percent  fossil  fuel  is  fired  on  a 
quarterly  heat  input  basis,  the  facility 
will  be  subject  to  the  SO*  percent 
reduction  requirements.  This  represents 
a  change  fi-om  the  proposal  which  did 
not  include  such  provisions. 

These  standards  cover  steam 
generator  emissions  fit)m  electric  utility 
combined-cycle  gas  turbines  that  are 
capable  of  being  fired  with  more  than  73 
MW  (250  million  Btu/hr)  heat  input  of 
fossil  fuel  and  meet  the  other 
applicability  requirements.  Electric 
utility  combined-cycle  gas  turbines  that 
use  only  turbine  exhaust  gas  to  provide 
heat  to  a  steam  generator  (waste  heat 
boiler)  or  that  incorporate  steam 
generators  that  are  not  capable  of  being 
fired  with  more  than  73  mIw  (250  million 
Btu/hr)  of  fossil  fuel  are  not  covered  by 
the  standards. 

Modification/Reconstruction 

Existing  facilities  are  only  covered  by 
these  standards  if  they  are  modified  or 
reconstructed  as  defined  under  Subpart 
A  of  40  CFR  Part  60  and  this  standard 
(Subpart  Da). 

Few,  if  any,  existing  facilities  that 
change  fuels,  replace  burners,  etc.  will 
be  covered  by  these  standards  as  a 
result  of  the  modification/reconstruction 
provisions.  In  particular,  the  standards 
do  not  apply  to  existing  facilities  that 
are  modified  to  fire  nonfossil  fuels  or  to 
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sxisting  facilities  that  were  designed  to 
^  gas  or  oil  fuels  and  diat  are  mod^ed 
to  fire  shale  oil,  coal/oil  nuxtures,  coal/ 
oil/ water  mixtures,  scrfvent  refined  coal, 
liquified  coal,  gasified  coal,  or  any  other 
coal-derived  fuel.  These  provisions  were 
included  in  the  proposal  but  have  bem 
clarified  in  the  final  standard. 

Comments  oo  PrtH>osal 

Electric  Utility  Steam  Generating  Units 

The  applicability  requirements  are 
basically  the  same  as  those  in  the 
proposal;  electric  utility  steam 
generating  units  capable  of  firing  greater 
than  73  MW  (250  nrillion  Btu/houx)  heat 
input  of  fossil  fiiel  for  which 
construction  is  commenced  after 
September  18, 1978,  are  covered.  Since 
proposal,  changes  have  been  made  to 
specific  applicability  requirements  for 
industrial  cogeneration  facilities, 
resource  recovery  facilities,  and 
anthracite  coal-fired  facilities.  These 
revisions  are  discussed  later  in  this 
preamble. 

Only  a  limited  number  of  conunents 
were  received  on  the  general 
applicability  provisions.  Some 
commenters  expressed  the  opinion  that 
the  standards  should  apply  to  both 
industrial  boilers  and  electric  utility 
steam  generating  units.  Industrial 
boilers  are  not  covered  by  these 
standards  because  there  are  significant 
differences  between  the  economic 
structure  of  utilities  and  the  industrial 
sector.  EPA  is  currently  developing 
standards  for  industrial  boilers  and 
plans  to  propose  them  in  1980.  v 

Cogeneration  Facilities 

Cogeneration  facilities  are  covered 
under  these  standards  if  they  have  the 
capability  of  firing  more  than  73  MW 
(250  million  Btu/hour)  heat  iiq)ut  of 
fossil  fuel  and  are  constructed  for  the 
purpose  oi  selling  more  than  25  MW  of 
electricity  and  more  than  one-third  of 
their  potential  electrical  output  capacity. 
This  reflects  a  change  from  the  proposed 
standards  under  which  facilities  selling 
less  than  25  MW  of  electricity  through 
the  utility  power  distribution  system 
may  have  been  covered. 

A  number  of  commenters  suggested 
that  industrial  cogeneration  facilities  are 
expected  to  be  hi^y  efficient  and  that 
their  construction  could  be  discoaraged 
if  the  proposed  standards  were  adopted. 
The  commenters  pointed  out  that 
industrial  cogeneration  facilities  are 
unusual  in  that  a  small  capacity  (10  MW 
electric  output  capacity,  fm  exanqile) 
steam-electric  generating  set  may  be 
matched  with  a  madi  la^er  industrial 


steam  generator  (larger  than  250  million 
Btu/hr  for  example).  The  Administrator 
intended  that  the  proposed  standards 
cover  only  electric  generation  sets  that 
would  s^  more  thw  25  MW  electrical 
output  on  the  utility  power  distribution 
system.  The  final  standards  allow  the 
sale  of  up  to  25  MW  electrical  output 
capacity  before  a  facility  is  covered. 
Since  most  industrial  cogeneration  units 
are  expected  to  be  less  than  25  MW 
electrkml  output  cfqmcity,  few,  if  any, 
new  industrial  cogeneration  units  will 
be  covered  by  th^  standards.  The 
standards  do  cova  large  electric  utility 
cogeneration  facilities  because  such 
units  are  fundamentally  electric  utility 
steam  generating  units. 

Comments  suggested  clarifying  what 
was  meant  in  the  proposal  by  the  sale  of 
more  than  oae-dii^  of  its  "maximimi 
electrical  generating  capacity”.  Under 
the  final  standard  ^  term  “potential 
electric  output  capacity”  is  used  in  place 
of  “maximum  electrictd  generating 
capacity”  and  is  defined  as  33  percent  of 
the  steam  generator  heat  input  capacity. 
Thus,  a  steam'  generator  with  a  500  MW 
(UOO  million  Btn/h^  heat  input 
capacity  would  have  a  165  MW 
potent!^  electrical  output  capacity  and 
could  sell  to  one-thM  of  this 
potential  output  capacity  oo  the  grid  (55 
MW  electrical  outynt)  b^ore  being 
covered  under  the  standard.  Under  the 
proposal,  it  was  unclear  if  the  standard 
allowed  the  sale  of  up  to  one-third  of  the 
actual  electric  generath^  capacity  of  a 
facility  at  one-third  of  tlm  potential 
generating  capacity  before  being 
covered  t^er  the  standards.  The 
Administrator  has  clarified  his 
inteutiona  in  these  standards.  Without 
this  darificatitm  the  standards  may 
have  discouraged  some  industrial 
cogeneratkm  facilities  that  have  low  in- 
house  electric^  demand. 

A  number  of  commenters  sug^sted 
that  emission  credits  should  be  allowed 
for  improvements  in  cycle  efficiency  at 
new  electric  utility  power  plants.  The 
commenters  suggested  that  the  use  of 
electrical  cogeneration  technology  and 
other  technologies  widi  high  qrde 
efficiencies  co^  result  in  less  overall 
fuel  consumption,  which  in  turn  axild 
reduce  oven^  environmental  impacts 
through  lower  air  emissions  and  less 
solid  waste  generation.  Hie  final 
standards  do  not  ghre  credit  for 
increases  in  cycle  efficiency  because  the 
differmit  tecfa^ogies  covered  by  the 
standards  and  av^able  for  conmiercial 
application  at  fins  time  are  based  on  die 
use  of  conventkxial  stram  generating 
units  wiudi  have  very  simifor  cyde 
efficiencies,  and  cret^  for  improved 
cycfe  effidenqr  wmdd  not  provide 


measiuable  benefits.  Although  the  final 
standards  do  not  address 
efficiency,  this  approach  will  not 
discourage  the  application  of  more 
efficient  tedmologies. 

If  a  facility  that  is  planned  for 
construction  will  incorporate  an 
innovative  control  technology  (including 
electrical  generation  technologies  with 
inherently  low  emissions  or  high 
electrical  generation  efficiencies)  the 
owner  or  operator  may  apply  to  the 
Administrator  under  section  lll(j)  of  the 
Act  for  an  innovative  technology  waiver 
which  will  allow  for  (1)  op  to  four  years 
of  operation  or  (2)  up  to  seven  years 
after  issuance  of  a  waiver  prior  to 
performance  testing.  The  technology 
woidd  have  to  have  a  substantial 
likelihood  d  achieving  greater 
continuous  emisuon  reduction  or 
achieve  equivalent  reductions  at  low 
cost  in  terms  of  energy,  economics,  or 
nonak  quality  impacts  before  a  waiver 
would  be  issued. 

Resource  Recovery  Facilities 

Electric  utility  steam  generating  units 
incorporated  into  resource  recovery 
facilities  are  exempt  from  the  SOi 
percent  reduction  requirements  when 
less  than  25  percent  of  the  heat  input  is 
from  fossil  fuel  on  a  quarterly  heat  input 
basis.  Such  facilities  are  subject  to  all 
other  requirements  of  this  standard.  This 
represents  a  change  from  the  proposed 
regulation,  imder  which  any  steam 
electric  generating  unit  that  combusts 
non-fossil  fuels  such  as  wood  residue, 
sewage  sludge,  waste  material,  or 
municipal  refose  would  have  been 
covered  if  the  facility  were  capaUe  of 
firing  more  than  75  MW  (250  millioa 
Btu/hr)  of  fossil  fuel 

A  number  of  comments  indicated  that 
the  proposed  standard  could  discourage 
the  construction  of  resource  recovery 
facilities  that  generate  electricity 
because  of  the  SOt  percentage  li^uction 
requirement  One  commenter  suggested 
that  most  new  resource  recovery 
facilities  will  process  municipal  refuse 
and  other  wastes  into  a  dry  fod  with  a 
low-sulfur  content  that  can  be  stored 
and  subsequently  fired.  The  commenter 
suggested  tiiat  when  firing  processed 
refuse  fuel  little  if  aity  fot^  fuel  will  be 
necessary  for  combustion  stabilization 
over  the  long  term:  however,  fossil  fuel 
will  be  necessary  for  startup.  When  a 
cold  unit  is  starti^,  100  percent  fossil 
fuel  (od  or  gas)  may  be  fired  for  a  few 
hours  prior  to  firing  100  percent 
processed  refuse. 

Other  commenters  suggested  tfiat 
resource  recovery  facilities  would  in 
many  cases  be  owned  and  operated  Ity  a 
munidpabty  and  the  electricity  and 


33590 


Federal  Register  /  Vol.  44.  No.  113  /  Monday.  June  11.  1979  /  Rules  and  Regulations 


steam  generated  would  be  sold  by 
contract  to  offset  operating  costs.  Under 
such  an  arrangement,  commenters 
suggested  that  there  may  be  a  need  to 
ffre  fossil  fuel  on  a  short-term  basis 
when  refuse  is  not  readily  available  in 
order  to  generate  a  reliable  supply  of 
steam  for  the  contract  customer. 

The  Administrator  accepts  these 
suggestions  and  does  not  wish  to 
discourage  the  construction  of  resource 
recovery  facilities  that  generate 
electricity  and/or  industrial  steam.  For 
resource  recovery  facilities,  the 
Administrator  believes  that  less  than  25 
percent  heat  input  from  fossil  fuels  will 
be  required  on  a  long-term  basis:  even 
though  100  percent  fossil  fuel  firing 
[greater  than  73  MW  (250  million  Btu/ 
hour]]  may  be  necessary  for  startup  or 
intermittent  periods  when  refuse  is  not 
available.  During  startup  such  units  are 
allowed  to  fire  100  percent  fossil  fuel 
because  periods  of  startup  are  exempt 
fi-om  the  standards  under  40  CFR  60.8(c]. 
If  a  reliable  source  of  refuse  is  not 
available  and  100  percent  fossil  fuel  is  to 
be  fired  more  than  25  percent  of  the 
time,  the  Administrator  believes  it  is 
reasonable  to  require  such  units  to  meet 
the  SOs  percent  reduction  requirements. 
This  will  allow  resource  recovery 
facilities  to  operate  with  fossil  fuel  up  to 
25  percent  of  the  time  without  having  to 
install  and  operate  an  FGD  system. 

Anthracite 

These  standards  exempt  facilities  that 
bum  anthracite  alone  from  the 
percentage  reduction  requirements  of 
the  SOt  standard  but  cover  them  under 
the  520  ng/I  (1.2  Ib/million  Btu]  heat 
input  emission  limitation  and  all 
requirements  of  the  particulate  matter 
and  NO,  standards.  The  proposed 
regulations  would  have  covered 
anthracite  in  the  same  maner  as  all 
other  coals.  Since  the  Administrator 
recognized  that  there  were  arguments  in 
favor  of  less  stringent  requirements  for 
anthracite,  this  issue  was  discussed  in 
the  preamble  to  the  proposed 
regulations. 

Over  30  individuals  or  organizations 
commented  on  the  anthracite  issue. 
Almost  all  of  the  commenters  favored 
exempting  anthracite  fi'om  the  SO* 
percentage  reduction  requirement.  Some 
of  the  reasons  cited  to  justify  exemption 
were:  (1]  the  sulfur  content  of  anthracite 
is  low:  (2]  anthracite  is  more  expensive  - 
to  mine  and  bum  than  bituminous  and 
will  not  be  used  unless  it  is  cost 
competitive:  and  (3]  reopening  the 
anthracite  mines  %vill  result  in 
improvement  of  acid-mine-water 
conditions,  elimination  of  old  mining 
scars  on  the  topography,  eradication  of 


dangerous  fires  in  deep  mines  and  culm 
banks,  and  creation  of  new  jobs.  One 
commenter  pointed  out  that  the  average 
sulfur  content  of  anthracite  is  1.00 
percent.  Other  commenters  indicated 
that  anthracite  will  be  cleaned,  which 
will  reduce  the  sulfur  content.  One 
commenter  opposed  exempting 
anthracite,  because  it  would  result  in 
more  SOi  emissions.  Another 
commenter  said  all  coal-fired  power 
plants  including  anthracite-fired  units 
should  have  scrubbers. 

After  evaluating  all  of  the  comments, 
the  Administrator  has  decided  to 
exempt  facilities  that  bum  anthracite 
alone  finm  the  percentage  reduction 
requirements  of  the  SOt  standard.  These 
facilities  will  be  subject  to  all  other 
requirements  of  this  regiilation, 
including  the  particulate  matter  and  NO, 
standards,  and  the  520  ng/J  (1.2  lb/ 
million  Btu]  heat  imput  emission 
limitation  under  the  SO,  standard. 

In  10  Northeastern  Pennsylvania 
counties,  where  about  95  percent  of  the 
nation’s  anthracite  coal  reserves  are 
located,  approximately  40,000  acres  of 
land  have  been  despoiled  finm  previous 
anthracite  mining.  The  recently  enacted' 
Federal  Surface  Mining  Control  and 
Reclamation  Act  was  passed  to  provide 
for  the  reclamation  of  areas  like  this. 
Under  this  Act,  each  ton  of  coal  mined  is 
taxed  at  35  cents  for  strip  mining  and  15 
cents  for  deep  mining  operations.  One- 
half  of  the  amount  taxed  is 
automatically  returned  to  the  State 
where  the  coal  mined  and  one-half  is  to 
be  distributed  by  the  Department  of 
Interior.  This  tax  is  expected  to  lead 
eventually  to  the  reclamation  of  the 
anthracite  region,  but  restoration  will 
require  many  years.  The  reclamation 
%vill  occur  sooner  if  culm  piles  are  used 
for  fuel,  the  abandoned  mines  are 
reopened,  and  the  expense  of 
reclamation  is  bom  directly  by  the  mine 
operator. 

The  Federal  Surface  Mining  Control 
and  Reclamation  Act  and  a  similar 
Pennsylvania  law  also  provide  for  the 
establishment  of  programs  to  regulate 
anthracite  mining.  The  State  of 
Pennsylvania  has  assured  EPA  that  total 
reclamation  will  occur  if  anthracite 
mining  activity  increases.  They  are 
actively  pursuing  with  private  industry 
the  development  of  one  area  involving 
12,000  to  19,000  acres  of  despoiled  land. 

In  Summary,  the  Administrator 
concludes  that  the  higher  SO,  emissions 
resulting  finm  the  use  of  anthracite 
without  a  flue  gas  desulfurization 
system  is  acceptable  because  of  the 
other  environmental  improvements  that 
will  result  The  impact  of  facilities  using 
anthracite  on  ambient  air  quality  will  be 


minimized,  because  they  will  have  to  be 
reviewed  to  assure  compliance  with  the 
prevention  of  significant  deterioration 
provisions  under  the  Act 

Alaskan  Coal 

The  final  standards  are  the  same  as 
the  proposed:  facilities  fired  with 
Alaskan  coal  are  covered  in  the  same 
maimer  as  facilities  fired  with  other 
coals. 

Commenters  suggested  that  problems 
unique  to  Alaska  justify  special 
provisions  for  facilities  located  in 
Alaska  and  firing  Alaskan  coal.  Reasons 
cited  as  justification  for  less  stringent 
standards  by  commenters  on  the 
proposal  were  freezing  conditions, 
problems  with  sludge  disposal,  adverse 
impact  of  FGD  on  the  reliability  of  plant 
operation,  low-sulfur  content  of  the  coal, 
and  cost  impact  on  the  consumer.  The 
Administrator  has  examined  these 
factors  and  has  concluded  that 
technically  and  economically  feasible  . 
means  are  available  to  overcome  these 
problems:  therefore  special  regulatory 
provisions  are  not  justified. 

In  reaching  this  conclusion  the 
Administrator  considered  whether  these 
factors  demonstrated  that  the  standards 
posed  a  substantially  greater  burden 
unique  to  Alaska.  In  other  northern 
States  where  severe  freezing  conditions 
are  common,  plants  are  enclosed  in 
buildings  and  insulated  vessels  and 
piping  provide  protection  from  fi'eezing, 
both  for  scrubber  operation  and  for 
liquid,  sludge  dewatering.  For  an 
equivalent  electrical  generating 
capacity,  the  disposal  sites  for  Alaskan 
plants  could  be  smaller  than  those  for 
most  plants  in  the  contiguous  48  States 
because  of  the  lower  sulfur  content  of 
Alaskan  coal.  Bmying  pipes  carrying 
sludge  to  waste  ponds  below  the  frost 
line  is  feasible,  except  possibly  in 
permafrost  areas.  The  Administrator 
expects  that  future  steam  generators 
cannot  be  sited  in  permafrost  areas 
because  fly  ash  as  well  as  scrubber 
sludge  could  not  be  properly  disposed  of 
in  accordance  with  requirements  of  the 
Resource  Recovery  and  Reclamation 
Act.  In  permafinst  areas,  turbines  or 
other  non-waste-producing  processes 
are  used  or  electricity  is  transmitted 
from  other  locations. 

One  commenter  pointed  out  that 
failures  of  the  FGD  system  would  have 
an  adverse  impact  on  the  ability  to 
supply  customers  with  reliable  electric - 
service,  since  there  are  no  extensive 
interconnections  with  other  utility 
companies.  The  Administrator  has 
provided  relief  firom  the  standards  under 
emergency  conditions  that  would 
require  a  choice  between  meeting  a 
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power  demand  or  complying  with  the  ^ 
standards.  These  emergency  provisions 
are  discussed  in  a  subsequent  section  of 
this  preamble. 

Concern  was  expressed  by  the 
commenters  that  the  cost  impact  of  the 
standard  would  be  excessive  and  that 
the  benefits  do  not  justify  the  cost, 
especially  since  Alaskan  coaLis  among 
the  lowest  sulfur-content  coal  in  the 
country.  The  Administrator  agrees  that 
for  comparable  sulfur-content  coals, 
scrubber  operating  costs  are  slightly 
higher  in  Alaska  because  of  the 
transportation  costs  of  required 
materials  such  as  lime.  However,  the 
operating  costs  are  lower  than  the 
typical  costs  of  FGD  units  controlling 
emissions  from  higher  sulfur  coals  in  the 
contiguous  48  States. 

The  Administrator  considered 
applying  a  less  stringent  SOi  standard  to 
Alaskan  coal-fired  units,  but  concluded 
that  there  is  insufficient  distinction 
between  conditions  in  Alaska  and 
conditions  in  the  northern  part  of  the  . 
contiguous  48  States  to  justify  such 
action.  The  Administrator  has 
concluded  that  Alaskan  coal-fired  units 
should  be  controlled  in  the  same  manner 
as  other  facilities  firing  low-sulfur  coal. 

Noncontinental  Areas 

Facilities  in  noncontinental  areas 
(State  of  Hawaii,  the  Virgin  Islands, 
Guam,  American  Samoa,  the 
Commonwealth  of  Puerto  Rico,  and  the 
Northern  Mariana  Islands)  are  exempt 
from  the  SO*  percentage  reduction 
requirements.  Such  facilities  are 
required,  however,  to  meet  the  SOa 
emission  limitations  of  520  ng/J  (1.2  lb/ 
million  Btu)  heat  input  (30-day  rolling 
average)  for  coal  and  340  ng/]  (0.8  lb/ 
million  Btu)  heat  input  (30-day  rolling 
average)  for  oil,  in  addition  to  all 
requirements  under  the  NO,  and 
particulate  matter  standards.  This  is  the 
same  as  the  proposed  standards. 

Although  this  provision  was  identified 
as  an  issue  in  the  preamble  to  the 
proposed  standards,  very  few  comments 
were  received  on  it.  In  general,  the 
comments  supported  the  proposal.  The 
main  question  raised  is  whether  Puerto 
Rico  has  adequate  land  available  for 
sludge  disposal. 

After  evaluating  the  comments  and 
available  information,  the  Administrator 
has  concluded  that  noncontinental 
areas,  including  Puerto  Rico,  are  unique 
and  should  be  exempt  from  the  SO* 
percentage  reduction  requirements. 

The  impact  of  new  power  plants  in 
noncontinental  areas  on  ambient  air 
quality  will  be  minimized  because  each 
will  have  to  undergo  a  review  to  assure 
compliance  with  the  prevention  of 


significant  deterioration  provisions 
under  the  Clean  Air  Act.  The 
Administrator  does  not  intend  to  rule 
out  the  possibility  that  an  individual 
BACT  or  LAER  determination  for  a 
power  plant  in  a  noncontinental  area 
may  require  scrubbing. 

Emerging  Technology 

The  final  regulations  for  emerging 
technologies  are  summarized  earlier  in 
this  preamble  under  SUMMARY  OF 
STAlb^ARDS  and  are  very  similar  to 
the  proposed  regulations. 

In  general,  the  comments  received  on 
the  proposed  regulations  were 
supportive,  although  a  few  commenters 
suggested  some  changes.  A  few 
commenters  indicated  that  section  lll(j) 
of  the  Act  provides  EPA  with  authority 
to  handle  innovative  technologies.  Some 
commenters  pointed  out  that  the 
proposed  standards  did  not  address 
certain  technologies  such  as  dry 
scrubbers  for  SO*  control.  One 
commenter  suggested  that  SRC  1  should 
be  included  under  the  solvent  refined 
coal  rather  than  coal  liquefaction 
category  for  purposes  of  allocating  the 
15,000  MW  equivalent  electrical 
capacity. 

On  the  basis  of  the  comments  and 
public  record,  the  Administrator 
believes  the  need  still  exists  to  provide 
a  regulatory  mechanism  to  allow  a  less 
stringent  standard  to  the  initial  full-scale 
demonstration  facilities  of  certain 
emerging  technologies.  At  the  time  the 
standards  were  proposed,  the 
Administrator  recognized  that  the 
innovative  technology  waiver  provisions 
imder  section  lll(j)  of  the  Act  are  not 
adequate  to  encourage  certain  capital- 
intensive,  front-end  control 
technologies.  Under  the  innovative 
technology  provisions,  the 
Administrator  may  grant  waivers  for  a 
period  of  up  to  7  years  from  the  date  of 
issuance  of  a  waiver  or  up  to  4  years 
horn  the  start  of  operation  of  a  facility, 
whichever  is  less.  Although  this  amount 
of  time  may  be  sufficient  to  amortize  the 
cost  of  tail-gas  control  devices  that  do 
not  achieve  their  design  control  level,  it 
does  not  appear  to  be  sufficient  for 
amortization  of  high-capital-cost,  front- 
end  control  technologies.  The  proposed 
provisions  were  designed  to  mitigate  the 
potential  impact  on  emerging  front-end 
technologies  and  insure  that  the 
standards  do  not  preclude  the 
development  of  such  technologies. 

Changes  have  been  made  to  the 
proposed  regulations  for  emerging 
technologies  relative  to  averaging  time 
in  order  to  make  them  consistent  with 
the  final  NO,  and  SOi  standards: 
however,  a  24-hour  averaging  period  has 


been  retained  for  SRC-1  because  it  has 
relatively  imiform  emission  rates,  which 
makes  a  24-hour  averaging  period  more 
appropriate  than  a  30-day  rolling 
average. 

Commercial  demonstration  permits 
establish  less  stringent  requirements  for 
the  SOs  or  NO,  standards,  but  do  not 
exempt  facilities  with  these  permits 
from  any  other  requirements  of  these 
standards. 

Under  the  final  regulations,  the 
Administrator  (in  consultation  with  the 
Department  of  Energy)  will  issue 
commercial  demonstration  permits  for 
the  initial  full-scale  demonstration 
facilities  of  each  specified  technology. 
These  technologies  have  been  shown  to 
have  the  potential  to  achieve  the 
standards  established  for  commercial 
facilities.  If,  in  implementing  these 
provisions,  the  Administrator  finds  that 
a  given  emerging  technology  cannot 
achieve  the  standards  for  commercial 
facilities,  but  it  offers  superior  overall 
environmental  performance  (taking  into 
consideration  all  areas  of  environmental 
impact,  including  air,  water,  solid  waste, 
toxics,  and  land  use)  alternative 
standards  can  be  established. 

It  should  be  noted  that  these  permits 
will  only  apply  to  the  application  of  this 
standard  and  will  not  supersede  the  new 
source  review  procedures  and 
prevention  of  significant  deterioration 
requirements  under  other  provisions  of 
the  Act. 

Modification/Reconstruction 

The  impact  of  the  modification/ 
reconstruction  provisions  is  the  same  for 
the  final  standard  as  it  was  for  the 
proposed  standard;  existing  facilities  are 
only  covered  by  the  final  standards  if 
the  facilities  are  modified  or 
reconstructed  as  defined  under  40  CFR 
60.14,  60.15,  or  60.40a.  Many  types  of  fuel 
switches  are  expressly  exempt  from 
modification/reconstruction  provisions 
under  section  111  of  the  Act. 

Few,  if  any,  existing  steam  generators 
that  change  fuels,  replace  burners,  etc., 
are  expected  to  qualify  under  the 
modification/reconstruction  provisions; 
thus,  few,  if  any,  existing  electric  utility 
steam  generating  units  will  become 
subject  to  these  standards. 

The  preamble  to  the  proposed 
regulations  did  not  provide  a  detailed 
discussion  of  the  modification/ 
reconstruction  provisions,  and  the 
comments  received  indicated  that  these 
provisions  were  not  well  understood  by 
the  commenters.  The  general 
modification/reconstruction  provisions 
under  40  CFR  60.14  and  60.15  apply  to  all 
source  categories  covered  under  Part  60. 
Any  source-specific  modification/ 
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reconstruction  provisions  are  defined  in 
more  detail  under  the  applicable  subpart 
(60.40a  for  this  standard). 

A  number  of  commenters  expressly 
requested  that  fuel  switching  provisions 
be  more  clearly  addressed  by  the 
standard.  In  response,  the  Administrator 
has  clarified  the  fuel  switching 
provisions  by  including  them  in  the  final 
standards.  Under  these  provisions 
existing  facilities  that  are  converted  to 
nonfossil  fuels  are  not  considered  to 
have  undergone  modification.  Similarly, 
existing  facilities  designed  to  fire  gas  or 
oil  and  that  are  converted  to  shale  oil, 
coal/oil  mixtures,  coal/oil/water 
mixtures,  solvent  refined  coal,  liquified 
coal,  gasified  coal,  or  any  other  coal- 
derived  fuel  are  not  considered  to  have 
undergone  modification.  This  was  the 
Administrator’s  intention  under  the 
proposal  and  was  mentioned  in  the 
Federal  Register  preamble  for  the 
proposal. 

SOt  Standards 

SO*  Control  Technology — ^The  final 
SO*  standards  are  based  on  the 
performance  of  a  properly  designed, 
installed,  operated  and  maintained  FGD 
system.  Although  the  standards  are 
based  on  lime  and  limestone  FGD 
systems,  other  commercially  available 
FGD  systems  (e.g.,  Wellman-Lord, 
double  alkali  and  magnesium  oxide)  are 
also  capable  of  achieving  the  final 
standard.  In  addition,  when  specifying 
the  form  of  the  final  standards,  the 
Administrator  considered  the  potential 
of  dry  SO*  control  systems  as  discussed 
later  in  this  section. 

Since  the  standards  were  proposed, 
EPA  has  continued  to  collect  SO*  data 
with  continuous  monitors  at  two  sites 
and  initiated  data  gathering  at  two 
additional  sites.  At  the  Conesville  No.  5 
plant  of  Columbus  and  Southern  Ohio 
Electric  company,  EPA  gathered 
continuous,  SO*  data  from  July  to 
December  1978.  The  Conesville  No.  5 
FGD  unit  is  a  turbulent  contact  absorber 
(TCA)  scrubber  using  thiosorbic  lime  as 
the  scrubbing  medium.  Two  parallel 
modules  handle  the  gas  flow  from  a  411- 
MW  boiler  firing  run-of-mine  4.5  percent 
sulfur  Ohio  coal.  During  the  test  period, 
data  for  only  thirty-four  24-hour 
averaging  periods  were  gathered 
because  of  frequent  boiler  and  scrubber 
outages.  The  Conesville  system 
averaged  88.8  percent  SO*  removal,  and 
outlet  SO*  emissions  averaged  0.80  lb/ 
million  Btu.  Monitoring  of  the  Wellman- 
Lord  FGD  unit  at  Northern  Indiana 
Public  Service  Company’s  Mitchell 
station  during  1978  included  one  41 -day 
continuous  period  of  operation.  Data 
from  this  period  were  combined  with 


previous  data  and  analyzed.  Results 
indicated  0.61  lb  SO*/million  Btu  and 
89.2  percent  SO*  removal  for  fifty-six  24- 
hour  periods. 

From  December  1978  to  February  1979, 
EPA  gathered  SO*  data  with  continuous 
monitors  at  the  10-MW  prototype  unit 
(using  a  'TCA  absorber  with  lime)  at 
Tennessee  Valley  Authority’s  (TV A) 
Shawnee  station  and  the  Lawrence  No. 

4  FGD  unit  (using  limestone)  of  Kansas 
Power  and  Light  Company.  During  the 
Shawnee  test,  data  were  obtained  for 
forty-two  24-hour  periods  in  which  3.0 


Since  proposing  the  standards,  EPA 
has  prepared  a  report  that  updates 
information  in  the  earlier  P^Co  report 
on  FGD  systems.  The  report  includes 
listings  of  several  new  closed-loop 
systems. 

A  variety  of  comments  were  received 
concerning  SO*  control  technology. 
Several  conunents  were  concerned  with 
the  use  of  data  from  FGD  systems 
operating  in  Japan.  These  comments 
suggested  that  the  Japanese  experience 
shows  that  technology  exists  to  obtain 
greater  than  90  percent  SO*  removal. 
’The  commenters  pointed  out  that 
attitudes  of  the  plant  operators,  the  skill 
of  the  FGD  system  operators,  the  close 
surveillance  of  power  plant  emissions  by 
the  Japanese  Government,  and  technical 
differences  in  the  mode  of  scrubber 
operation  were  primary  factors  in  the 
higher  FGD  reliabilities  and  efficiencies 
for  Japanese  systems.  These  commenters 
stated  that  the  Japanese  experience  is 
directly  applicable  to  U.S.  facilities. 
Other  comments  stated  that  the  . 
Japanese  systems  cannot  be  used  to 
support  standards  for  power  plants  in 
the  U.S.  because  of  the  possible 
differences  in  factors  such  as  the  degree 
of  closed-loop  versus  open-loop 
operation,  the  impact  of  trace 
constituents  such  as  chlorides,  the 
difierences  in  inlet  SO*  concentrations, 
SO*  uptake  per  volume  of  slurry, 
Japanese  production  of  gypsiun  instead 
of  sludge,  coal  blending  and  the  amoimt 
of  maintenance. 

The  comments  on  closed-loop 
operation  of  Japanese  systems  inferred 
that  larger  quantities  of  water  are 
purged  from  these  systems  than  from 
their  U.S.  coimterparts.  A  closed-loop 


percent  sulfur  coal  was  fired.  Sulfur 
dioxide  removal  averaged  88.6  percent 
Lawrence  No.  4  consists  of  a  12^MW 
boiler  controlled  by  a  spray  tower 
limestone  FGD  unit  In  January  and 
February  1979,  during  twenty-two  24- 
hour  periods  of  operation  with  0.5  \ 

percent  sulfur  coal  the  average  SO* 
removal  was  96.6  percent  The  Shawnee 
and  Lawrence  tests  also  demonstrated 
that  SO*  monitors  can  function  with 
reliabilities  above  80  percent.  A 
summary  of  the  recent  EPA-acquired 
SO*  monitored  data  follows: 


system  is  one  where  the' only  water 
leaving  the  system  is  by:  (1)  evaporative 
water  losses  in  the  scrubber,  and  (2)  the 
water  associated  with  the  sludge.  The 
administrator  found  by  investigating  the 
systems  referred  to  in  the  comments  that 
six  of  ten  Japanese  systems  listed  by 
one  commenter  and  two  of  four  coal- 
fired  Japanese  systems  are  operated 
within  the  above  definition  of  closed- 
loop.  The  closed-loop  operation  of 
Japanese  scrubbers  was  also  attested  to 
in  an  Interagencey  Task  Force  Report, 
“Sulfur  Oxides  Control  Technology  in 
Japan’’  (June  30, 1978)  prepared  for 
Honorable  Henry  M.  Jackson,  Chairman, 
Senate  Committee  on  Energy  and 
Natural  Resources.  It  is  also  important 
to  note  that  several  of  these  successful 
Japanese  systems  were  designed  by  U.S. 
vendors. 

After  evaluating  all  the  comments,  the 
Administrator  has  concluded  that  the 
experience  with  systems  in  Japan  is^ 
applicable  to  U.S.  power  plants  and  can 
be  used  as  support  to  show  that  the  final 
standards  are  achievable. 

A  few  commenters  stated  that  closed- 
loop  operation  of  an  FGD  system  could 
not  be  accomplished,  especially  at 
utilities  burning  high-sulfur  coal  and 
located  in  areas  where  rainfall  into  the 
sludge  disposal  pond  exceeds 
evaporation  from  the  pond.  It  is 
important  to  note  that  neither  the 
proposed  nor  final  standards  require 
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closed-loop  operation  of  the  FGD.  The 
commenters  are  primarily  concerned  - 
that  future  water  pollution  regulations 
will  require  closed-loop  operation. 

Several  of  these  commenters  ignored  the 
large  amount  of  water  that  is  evaporated 
by  the  hot  exhaust  gases  in  the  scrubber 
and  the  water  that  is  combined  with  and 
goes  to  disposal  with  the  sludge  in  a 
typical  ponding  system.  If  necessary,  the 
sludge  can  be  dewatered  by  use  of  a 
mechanical  clarifier,  filter,  or  centrifuge 
and  then  sludge  disposed  of  in  a  landHll 
designed  to  minimize  rainwater 
collection.  The  sludge  could  also  be 
physically  or  chemically  stabilized. 

Most  U.S.  systems  operate  open-loop 
(i.e.,  have  some  water  discharge  from 
their  sludge  pond)  because  they  are  not 
required  to  do  otherwise.  In  a  recent 
report  “Electric  Utility  Steam  Generating 
Units — Flue  Gas  Desulfurization 
Capabilities  as  of  October  1978“  (EPA- 
450/3-79-001),  PEDCo  reported  that 
several  utilities  burning  both  low-  and 
high-sulfur  coal  have  reported  that  they 
are  operating  closed-loop  FGD  systems. 
As  discussed  earlier,  systems  in  Japan 
are  operating  closed-loop  if  pond 
disposal  is  included  in  the  system.  Also, 
experiments  at  the  Shawnee  test  facility 
have  shown  that  highly  reliable 
operation  can  be  achieved  with  high 
sulfur  coal  (containing  moderate  to  high 
levels  of  chloride)  during  closed-loop 
operation.  The  A^inistrator  continues 
to  believe  that  although  not- required, 
closed-loop  operation  is  technically  and 
economically  feasible  if  the  FGD  and 
disposal  system  are  properly  designed. 

If  a  water  purge  is  necessary  to  control 
chloride  buildup,  this  stream  can  be 
treated  prior  to  disposal  using 
commercially  available  water  treatment 
methods,  as  discussed  in  the  report 
“Controlling  SO*  Emissions  from  Coal- 
Fired  Steam-Electric  Generators:  Water 
Pollution  Impact”  (EPA-600/7-78-045b). 

Two  comments  endorsed  coal 
cleaning  as  an  SOi  emission  control 
technique.  One  commenter  encouraged 
EPA  to  study  the  potential  of  coal 
cleaning,  and  another  endorsed  coal 
cleaning  in  preference  to  FGD.  The 
Administrator  investigated  coal  cleaning 
and  the  relative  economics  of  FGD  and 
coal  cleaning  and  the  results  are 
presented  in  the  report  “Physical  Coal 
Cleaning  for  Utility  Boiler  SOa  Emission 
Control"  (EPA-600/7-78-034).  The 
Administrator  does  not  consider  coal 
cleaning  alone  as  representing  the  best 
demonstrated  system  for  SO*  emission 
reduction.  Coal  cleaning  does  offer  the 
following  benefits  when  used  in 
conjuction  with  an  FGD  system:  (1)  the 
SOi  concentrations  entering  the  FGD 
system  are  lower  and  less  variable  than 


would  occur  without  coal  cleaning,  (2) 
percent  removal  credit  is  allowed 
toward  complying  with  the  SOa  standard 
percent  removal  requirement,  and  (3)  the 
SOa  emission  limit  can  be  achieved 
when  using  a  coal  having  a  sulfur 
content  alrave  that  which  would  be 
needed  when  coal  cleaning  is  not 
practiced.  The  amount  of  sulfur  that  can 
be  removed  from  coal  by  physical  coal 
cleaning  was  investigated  by  the  U.S. 
Department  of  the  Interior  (“Sulfur 
Reduction  Potential  of  the  Coals  of  the 
United  States,”  Bureau  of  Mines  Report 
of  Investigations/1976,  RI-8118).  Coal 
cleaning  principally  removes  pyritic 
sulfur  from  coal  by  crushing  it  to  a 
maximum  top  size  and  then  separating 
the  pyrites  and  other  rock  impurities 
from  the  coal.  In  order  to  prevent  coal 
cleaning  processes  from  developing  into 
undesirable  sources  of  energy  waste,  the 
amoimt  of  crushing  and  the  separation 
bath’s  specific  gravity  must  be  limited  to 
reasonable  levels.  The  Administrator 
has  concluded  that  crushing  to  1.5 
inches  topsize  and  separation  at  1.6 
specific  gravity  represents  common 
practice.  At  this  level,  the  sulfur 
reduction  potential  of  coal  cleaning  for 
the  Eastern  Midwest  (Illinois,  Indiana, 
and  Western  Kentucky)  and  the 
Northern  Appalachian  Coal 
(Pennsylvania,  Ohio,  and  West  Virginia) 
regions  averages  approximately  3Q 
percent.  The  washability  of  specific  coal 
seams  will  be  less  than  or  more  than  the 
average. 

Some  comments  state  that  FGD 
systems  do  not  work  on  specific  coals, 
such  as  high-sulfur  Illinois-Indiana  coal, 
high-chloride  Illinois  coal,  and  Southern 
Appalachian.coals.  After  review  of  the 
comments  and  data,  the  Administrator 
concluded  that  FGD  application  is  not 
limited  by  coal  properties.  Two  reports, 
“Controlling  SO*  Emissions  from  Coal- 
Fired  Steam-Electric  Generators:  Water 
Pollution  Impact”  (EPS-600/7-78-045b) 
and  “Flue  Gas  Desulfurization  Systems: 
Design  and  Operating  Considerations” 
(EPA-600/7-78-030b)  acknowledge  that 
coals  with  high  sulfur  or  -chloride 
content  may  present  problems. 

Chlorides  in  flue  gas  replace  active 
calcium,  magnesium,  or  sodium  alkalis 
in  the  FGD  system  solution  and  cause 
stress  corrosion  in  susceptible  materials. 
Prescrubbing  of  flue  gas  to  absorb 
^  chlorides  upstream  of  the  FGD  or  the 
use  of  alloy  materials  and  protective 
coatings  are  solutions  to  high-chloride 
coal  applications.  Two  reports,  “Flue 
Gas  Desulfurization  System  Capabilities 
for  Coal-Fired  Steam  Generators”  (EPA- 
600/7-78-032b)  and  “Flue  Gas 
Desulfurization  Systems:  Design  and 
Operating  Considerations”  (EPA  -600/ 


7-7-78-030b)  also  acknowledge  that  90 
percent  SOt  removal  (or  any  given  level) 
is  more  difficult  when  burning  high- 
sulfur  coal  than  when  burning  low-sulfur 
coal  because  the  mass  of  SOs  that  must 
be  removed  is  greater  when  high-sulfur 
coal  is  burned.  The  increased  load 
results  in  larger  and  more  complex  FGD 
systems  (requiring  higher  liquid-to-gas 
ratios,  larger  pumps,  etc).  Operation  of 
current  FGD  installations  such  as 
LaCygne  with  over  5  percent  sulfur  coal. 
Cane  Run  No.  4  on  high-sulfur 
midwestem  coal,  and  Kentucky  Utilities 
Green  River  on  4  percent  sulfur  coal 
provides  evidence  that  complex  systems 
can  be  operated  successfully  on  high- 
sulfur  coal.  Recent  experience  at  TV  A. 
Widows  Creek  No.  8  shows  that  FGD 
systems  can  operate  successfully  at  high 
SOs  removal  efficiencies  when  Southern 
Appalachian  coals  are  burned. 

Coal  blending  was  the  subject  of  two 
comments:  (1)  that  blending  could 
reduce,  but  not  eliminate,  sulfur 
variability;  and  (2)  that  coal  blending 
was  a  relatively  inexpensive  way  to 
meet  more  relaxed  standards.  The 
Administrator  believes  that  coal 
blending,  by  itself,  does  not  reduce  the 
average  sulfur  content  of  coal  but 
reduces  the  variability  of  the  sulfur 
content.  Coal  blending  is  not  considered 
representative  of  the  best  demonstrated 
system  for  SOs  emission  reduction.  Coal 
blending,  like  coal  cleaning,  can  be 
beneficial  to  the  operation  of  an  FGD 
system  by  reducing  the  variability  of 
sulfur  loading  in  the  inlet  flue  gas.  Coal 
blending  may  also  be  useful  in  reducing 
short-term  peak  SOs  concentrations 
where  ambient  SOs  levels  are  a 
problem. 

Several  comments  were  concerned 
with  the  dependability  of  FGD  systems 
and  problems  encountered  in  operating 
them.  The  commenters  suggested  that 
FGD  equipment  is  a  high-risk 
investment,  and  there  has  been  limited 
“successful”  operating  experience.  They 
expressed  the  belief  that  utilities  will 
experience  increased  maintenance 
requirements  and  that  the  possibility  of 
forced  outages  due  to  scaling  and 
corrosion  would  be  greater  as  a  result  of 
the  standards. 

One  commenter  took  issue  with  a 
statement  that  exhaust  stack  liner 
problems  can  be  solved  by  using  more 
expensive  materials.  The  commenter 
also  argued  that  EPA  has  no  data 
supporting  the  assumption  that 
scrubbers  have  been  demonstrated  at  or 
near  90  percent  reliability  with  one 
spare  module.  The  Administrator  has  , 
considered  these  comments  and  has 
concluded  that  properly  designed  and 
operated  FGD  systems  can  perform 
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reliably.  An  FGD  system  is  a  chemical 
process  which  must  be  designed  (1)  to 
include  materials  that  will  withstand 
corrosive/erosive  conditions,  (2)  with 
instruments  to  monitor  process 
chemistry  and  (3)  with  spare  capacity  to 
allow  for  planned  downtime  for  routine 
maintenance.  As  with  any  chemical 
process,  a  startup  or  shakedown  period 
is  required  before  steady,  reliable 
operation  can  be  achieved. 

The  Administrator  has  continued  to 
follow  the  progress  of  the  FGD  systems 
cited  in  the  supporting  doounents 
published  in  conjunction  with  the 
proposed  regulations  in  September  1976. 
Availability  of  the  FGD  system  at 
Kansas  City  Power  and  Light  Company’s 
LaCygne  Unit  No.  1  has  steadily 
improved.  No  FGD-related  forced  ' 
outages  were  reported  from  September 
1977  to  September  1978.  Availability 
from  January  to  September  1978 
averaged  93  percent.  Outages  reported 
were  a  result  of  boiler  and  turbine 
problems  but  not  FGD  system  problems. 
LaCygne  Unit  No.  1  bums  high-sulfur  (5 
percent)  coal,  uses  one  of  the  earlier 
FGD’s  installed  in  the  U.S.,  and  reduces 
SO*  emissions  by  80  percent  with  a 
limestone  system  at  greater  than  90 
percent  availability.  Northern  States 
Power  Company's  Sherburne  Units 
Numbers  1  and  2  on  the  other  hand 
operate  on  low-sulfur  coal  (0.8  percent). 
Sherborne  No.  1,  which  began  operating 
early  in  1976,  had  93  percent  availability 
in  both  1977  and  1978.  Sherburne  No.  2, 
which  b^an  operation  in  late  1976  had 
availabilities  of  93  percent  in  1977  and 
94  percent  in  1978.  Both  of  these  systems 
include  spare  modules  to  maintain  these 
high  availabilities. 

Several  comments  were  received 
expressing  concern  over  the  increased 
water  use  necessary  to  operate  FGD 
systems  at  utilities  located  in  arid 
regions.  The  Administrator  believes  that 
water  availability  is  a  factor  that  limits 
power  plant  siting  but  since  an  FGD 
system  uses  less  than  10  percent  of  the 
water  consumed  at  a  power  plant,  FGD 
will  not  be  the  controlling  factor  in  the 
siting  of.new  utility  plants. 

A  few  commenters  criticized  EPA  for 
not  considering  amendments  to  the 
Federal  Water  Pollution  Control  Act 
(now  the  Clean  Water  Act),  the 
Resource  Conservation  and  Recovery 
Act,  or  the  Toxic  Substances  Control 
Act  when  analyzing  the  water  pollution 
and  solid  waste  impacts  of  FGD 
systems.  To  the  extent  possible,  the 
Administrator  believes  that  the  impacts 
of  these  Acts  have  been  taken  into 
consideration  in  this  rule-making.  The 
economic  impacts  were  estimated  on  the 


basis  of  requirements  anticipated  for 
power  plants  under  these  Acts. 

Various  comments  were  received 
regarding  the  SO*  removal  efficiency 
achievable  with  FGD  technology.  One 
comment  from  a  major  utility  system 
stated  that  they  agreed  with  the 
standards,  as  proposed.  Many 
comments  stated  that  technology  for 
better  than  90  percent  SO*  removal 
exists.  One  comment  was  received 
stating  that  95  percent  SO*  removal 
should  be  required.  The  Administrator 
concludes  that  higher  SO*  removals  are 
achievable  for  low-sulfur  coal  which 
was  the  basis  of  this  comment.  While  95 
percent  SO*  removal  may  be  obtainable 
on  high-sulfur  coals  with  dual  alkali  or 
regenerable  FGD  systems,  long-term 
data  to  support  this  level  are  not 
available  and  the  Administrator  has 
concluded  that  the  demand  for  dual 
alkali/regenerable  systems  would  far 
exceed  vendor  capabilities.  When  the 
uncertainties  of  extrapolating 
performance  from  90  to  95  percent  for 
high-sulfur  coal,  or  from  95  percent  on 
low-sulfur  coal  to  high-sulfur  coal,  were 
considered,  the  Administrator 
concluded  that  95  percent  SO*  removal 
for  lime/limestone  based  systems  on 
high-sulfur  coal  could  not  be  reasonably 
expected  at  this  time. 

Another  comment  stated  that  all  FGD 
systems  except  lime  and  limestone  were 
not  demonstrated  or  not  universally 
applicable.  The  proposed  SO*  standards 
were  based  upon  the  conclusion  that 
they  were  acUevable  with  a  well 
designed,  operated,  and  maintained 
FGD  system.  At  the  time  of  proposal,  the 
Administrator  believed  that  lime  and 
limestone  FGD  systems  wo.uld  be  the 
choice  of  most  utilities  in  the  near  future 
but,  in  some  instances,  utilities  would 
choose  the  more  reactive  dual  alkali  or 
regenerable  systems.  The  use  of 
additives  such  as  magnesium  oxides 
was  not  considered  to  be  necessary  for 
attainment  of  the  standard,  but  could  be 
used  at  the  option  of  the  utility. 
Available  data  show  that  greater  than 
90  percent  SO*  removal  has  been 
achieved  at  full  scale  U.S.  facilities  for 
short-term  periods  when  high-sulfur  coal 
is  being  combusted,  and  for  long-term 
periods  at  facilities  when  low-sulfur 
coal  is  burned.  In  addition,  greater  than 
90  percent  SO*  removal  has  been 
demonstrated  over  long-term  operating 
periods  at  FGD  facilities  when  operating 
on  low-  and  medium-sulfur  coals  in 
Japan. 

Other  commenters  questioned  the 
exclusion  of  dry  scrubbing  techniques 
from  consideration.  Dry  scrubbing  was 
considered  in  EPA’s  background 
documents  and  was  not  excluded  from 


consideration.  Five  commercial  dry  SO* 
control  systems  are  currently  on  order, 
three  for  utility  boilers  (400-MW,  455- 
MW,  and  550-MW)  and  two  for 
industrial  applications.  The  utility  units 
are  designed  to  achieve  50  to  85  percent 
reduction  on  a  long-term  average  basis 
and  are  scheduled  to  conunence 
operation  in  1981-1982.  The  design  basis 
for  these  units  is  to  comply  with 
applicable  State  emission  limitations.  In 
addition,  dry  SO*  control  systems  for  six 
other  utility  boilers  are  out  for  bid. 
However,  no  full  scale  dry  scrubbers  are 
presently  in  operation  at  utility  plants  so 
information  available  to  EPA  and 
presented  in  the  background  document 
dealt  with  prototype  units.  Pilot  scale 
data  and  estimated  costs  of  full-scale 
dry  scrubbing  systems  offer  promise  of 
moderately  Ugh  (70-85  percent)  SO* 
removal  at  costs  of  three-fourths  or  less 
of  a  comparable  lime  or  limeistone  FGD 
system.  Dry  control  system  and  wet 
control  system  costs  are  approximately 
equal  for  a  2-percent-sulfur  coal.  With 
lower-sulfur  coals,  dry  controls  are 
particularly  attractive,  not  only  because 
they  would  be  less  costly  than  wet 
systems,  but  also  because  they  are 
expected  to  require  less  maintenance 
and  operating  staff,  have  greater 
turndown  capabilities,  require  less 
energy  consumption  for  operation,  and 
produce  a  dry  solid  waste  material  that 
can  be  more  easily  disposed  of  than  wet 
scrubber  sludge. 

Tests  done  at  the  Hoot  Lake  Station  (a 
63-MW  boiler)  in  Minnesota 
demonstrated  the  performance 
capability  of  a  spray  dryer-baghouse  dry 
control  system.  The  exhaust  gas 
concentrations  before  the  control 
systems  were  800  ppm  SO*  and  an 
average  of  2  gr/acf  particulate  matter. 
With  lime  as  the  sorbent,  the  control 
system  removed  over  86  percent  SO* 
and  99.96  percent  particulate  matter  at  a 
stoichiometric  ratio  of  2.1  moles  of  lime 
absorbent  per  inlet  mole  of  SO*.  When 
the  spent  lime  dust  was  recirculated 
from  the  bag  frlter  to  the  lime  slurry  feed 
tank,  SO*  removal  efficiencies  up  to  90 
percent  ware  obtained  at  stoichiometric 
ratios  of  1.3-1.5.  With  the  lime 
recirculation  process,  SO*  removal 
efficiencies  of  70-80  percent  were 
demonstrated  at  a  more  economical 
stoichiometric  ratio  (about  0.75).  Similar 
tests  were  performed  at  the  Leland  Olds 
Station  using  commercial  grade  lime. 

Based  upon  the  available  information, 
the  Administrator  has  concluded  that  70 
percent  SO*  removal  using  hme  as  the 
reactant  is  technically  feasible  and 
economically  attractive  in  comparison 
to  wet  scrubbing  when  coals  containing 
less  than  1.5  percent  sulfur  are  being 
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combusted.  The  coal  reserves  which 
contain  1.5  percent  sulfur  or  less 
represent  approximately  90  percent  of 
the  total  Western  U.S.  reserves. 

The  standards  specify  a  percentage 
reduction  and  an  emission  limit  but  do 
not  specify  technologies  which  must  be 
used.  The  Administrator  specifically 
took  into  consideration  the  potenti^  of 
dry  SOa  scrubbing  techniques  when 
specifying  the  fin^  form  of  the  standard 
in  order  to  provide  an  opportunity  for 
their  development  on  low-sulfur  coals. 

Averaging  Time 

Compiance  with  the  final  SOt 
standaids  is  based  on  a  30-day  rolling 
average.  Compliance  with  the  proposed 
standards  was  based  on  a  24-hour 
average.  ^ 

Several  comments  state  that  the 
proposed  SOt  percent  reduction 
requirement  is  attainable  using  currently 
available  control  equipment  One  utiUty 
company  commented  upon  their 
experience  with  operating  pilot  and 
prototype  scrubbers  and  a  full-scale 
limestone  FGD  system  on  a  550-MW 
plant.  They  stated  that  the  FGD  state  of 
the  art  is  sufficiently  developed  to 
support  the  propos^  standards.  Based 
on  Aeir  analysis  of  scrubber  operating 
variability  and  coal  quality  variability, 
they  indicated  that  to  achieve  an  85 
percent  reduction  in  SO*  emissions  90 
percent  of  the  time  on  a  daily  basis,  the 
30-day  average  scrubber  efiiciency 
would  have  to  be  at  least  88  to  90 
percent. 

Other  comments  stated  that  EPA 
contractors  did  not  consider  SO* 
removal  in  context  with  averaging  time, 
that  vendor  guarantees  were  not  based 
on  specific  averaging  times,  and  that 
quoted  SO*  removal  efficiencies  were 
based  on  testing  modules.  EPA  foimd 
through  a  survey  of  vendors  that  many 
would  ofier  90-95  percent  SO*  removal 
guarantees  based  upon  their  usual 
acceptance  test  criteria.  However,  the  * 
averaging  time  was  not  specified.  The 
Industrial  Gas  Cleaning  Institute  (IGCI), 
which  represents,  control  equipment 
vendors,  commented  that  the  control 
equipment  industry  has  the  present 
capability  to  design,  manufacture,  and 
install  FGD  control  systems  that  have 
the  capability  of  attaining  the  proposed 
SO*  standards  (a  continuous  24-hour 
average  basis).  Concern  was  expressed, 
however,  about  the  proposed  24-hour 
averaging  requirement,  and  this 
commenter  recommended  the  adoption 
of  30-day  averaging.  Since  minute-to- 
minute  variations  in  factors  affecting 
FGD  efficiency  cannot  be  compensated 
for  instantaneousfy,  24-hour  averaging  is 
an  impracticably  short  period  for 


implementing  effective  correction  or  for 
creating  o^etting  favorable  higher 
efficiency  periods. 

Niunerous  other  comments  were 
received  recommending  that  the 
proposed  24-hoiu'  averaging  period  be 
changed  to  30  days.  A  utility  company 
stated  that  their  experience  with 
operating  full  scale  FGD  systems  at  500- 
and  400-MW  stations  indicates  that 
variations  in  FGD  operation'make  it 
extremely  difficult,  if  not  impossible,  to 
maintain  SO*  removal  effidCTdes  in  ' 
compliance  with  the  proposed  percent 
reduction  on  a  continual  daily  basis.  A' 
commenter  representing  die  industry 
stated  that  it  is  dear  from  EPA’s  data 
that  the  averaging  time  could  be  no 
shorter  than  24  hours,  but  that  neither 
they  nor  EPA  have  data  at  this  time  to 
permit  a  reasonable  determination  of 
what  die  approiniate  averaging  time 
shodd  be. 

The  Administrator  has  diorou^ly 
reviewed  the  available  data  on  FGD 
performance  and  all  of  the  comments 
received.  Based  on  this  review,  he  has 
concluded  diet  to  alleviate  this  concern 
over  coal  sulfur  variability,  particulariy 
its  effect  on  small  plant  operations,  and 
to  allow  greater  liability  in  operating 
FGD  units,  the  ffiial  SO*  standard  should 
be  based  on  a  30-day  rolling  average 
rather  than  a  24-hour  average  as 
proposed.  A  rolling  average  has  been 
adopted  because  it  allows  the 
Adnunistrator  to  enforce  the  standard 
on  a  daily  basis.  A  30-day  average  is 
used  because  it  better  describes  the 
typical  performance  of  an  FGD  system, 
allows  adequate  time  for  owners  or 
operators  to  respond  to  operating 
problems  affecting  FGD  efficiency, 
permits  greater  flexibility  in  procedures 
necessary  to  operate  FGD  systems  in 
comidiance  with  the  standard,  and  can 
reduce  the  effects  of  coal  sulfur 
variability  on  maintaining  compliance 
with  the  final  SO*  standaids  without  the 
application  of  coal  blending  systems. 
Coal  blending  systems  may  be  required 
in  some  cases,  however,  to  provide  for 
the  attainment  and  maintenance  of  the 
National  Ambient  Air  Quality  Standards 
for  SO*. 

Emission  Limitation 

In  the  September  proposal  a  520  ng/J 
[1.20  Ib/million  Btu)  heat  iiqiut  emission 
limit  except  for  3  days  per  month,  was 
specified  for  solid  fuels.  Compliance 
was  to  be  determined  on  a  24-hour 
averaging  basis. 

Following  the  September  proposal  the 
joint  worki^  groiqi  cmnprised  of  EPA, 
The  Department  of  Energy,  the  Council 
of  Economic  Advisors,  the  Council  on 
Wage  and  Price  StabiUty,  and  others 


investigated  ceilings  lower  than  the 
proposal.  In  looking  at  these 
alternatives,  the  intent  was  to  take  full 
advantage  of  the  cost  effectiveness 
benefits  of  a  joint  coal  washing/ 
scrubbing  strategy  on  high-sulfur  coal. 
The  cost  of  washteg  is  relatively 
inexpensive;  therefore,  the  group 
anticipated  diat  a  low  emission  ceiling, 
which  would  require  coal  washing  and 
90  percent  scrubbing,  could 
substantially  reduce  emissions  in  the 
East  and  Midwest  at  a  relatively  low 
cost,  dince  coal  washing  is  now  a 
widespread  practice,  it  was  thought  that 
Eastern  coal  production  would  not  be 
seriously  impacted  by  die  lower 
emission  Umit  Anafyses  using  an 
econometric  model  of  the  utility  sector 
confirmed  diese  conclusions  and  die 
results  were  published  in  the  Federal 
Register  on  December  8, 1978  [43  FR 
57834). 

Recognizing  certain  inherent 
limitations  in  the  model  when  assessing 
impacts  at  disaggregated  levds,  the 
Administrator  undertook  a  more 
detailed  analysis  of  regional  coal 
production. impacts  in  February  using 
Bureau  of  Mines  reports  which  provided 
seam-by-seam  data  on  the  sulfur  content 
of  coal  reserves  and  the  coal  washing 
potential  of  those  reserves.  The  analysis 
identified  the  amount  of  reserves  that 
would  require  more  than  90  percent 
scrubbing  of  washed  coal  in  order  to 
meet  designated  ceilings.  To  determine 
the  sulfur  reduction  fi:om  coal  washing, 
the  Administrator  assumed  two  levels  of 
coal  preparation  technology,  which  were 
thou^t  to  represent  state-of-the-art  coal 
preparation  [crushing  to  1.5-inch  top  size 
with  separation  at  1.6  specific  gravity, 
and  %-inch  top  size  with  separation  at 
1.6  specific  gravity).  The  amount  of 
sulfur  reduction  was  determined 
according  to  chemical  characteristics  of 
coals  in  ^  reserve  base.  This 
assessment  was  made  using  a  model 
developed  by  EPA’s  Office  of  Research 
and  Development.  > 

As  a  result  of  concerns  expressed  by 
the  National  Coal  Association,  a 
meeting  was  called  for  April  5, 1979,  in 
order  for  EPA  and  the  National  Coal 
Association  to  present  their  reflective 
findings  as  they  pertained  to  potential 
impacts  of  lower  emission  liinits  cm 
hi^-sulfur  coal  reserves  in  the  Eastern 
Midwest  [Illinois,  Indiana,  and  Western 
Kentucky)  and  the  Northern 
Appalachian  (Ohio,  West  Virginia,  and 
Pennsylvania)  coal  regions.  Recognizing 
the  importance  of  discussicHi,  the 
Administrator  invited  representatives 
from  the  Sierra  Club,  the  Nabural 
Resources  Defense  Council,  the 
Environmental  Defense  Fund,  the  Utility 
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Air  Regulatory  Group,  and  the  United 
Mine  Workers  of  America,  as  well  as 
other  interested  parties  to  attend. 

At  the  April  5  meeting,  EPA  presented 
its  analysis  of  the  Eastern  Midwest  and 
Northern  Appalachian  coal  regions.  The 
analysis  showed  that  at  a  240  ng/J  (0.55 
Ib/million  Btu)  annual  emission  limit 
more  than  90  percent  scrubbing  would 
be  required  on  between  5  and  10  percent 
of  Northern  Appalachian  reserves  and 
on  12  to  25  percent  of  the  Eastern 
Midwest  reserves.  At  a  340  ng/J  (0.80  lb/ 
million  Btu)  limit,  less  than  5  percent  of 
the  reserves  in  each  of  these  regions 
would  require  greater  than  90  percent 
scrubbing.  At  that  same  meeting,  the 
National  Coal  Association  presented 
data  on  the  sulfur  content  and 
washability  of  reserves  which  are 
currently  held  by  member  companies. 
While  the  reported  National  Coal 
Association  reserves  represent  a  very 
small  portion  of  the  total  reserve  base, 
they  indicate  reserves  which  are 
planned  to  be  developed  in  the  near 
future  and  provide  a  detailed  property- 
by-property  data  base  with  which  to 
compare  EPA  analytical  results.  Despite 
the  differences  in  data  base  sizes,  the 
National  Coal  Association's  study 
served  to  conHrm  the  results  of  the  EPA 
analysis.  Since  the  National  Coal 
Association  results  were  within  5 
percentage  points  of  EPA's  estimates, 
the  Administrator  concluded  that  the 
Office  of  Research  and  Development 
model  would  provide  a  widely  accepted 
basis  for  studying  coal  reserve  impacts. 
In  addition,  as  a  result  of  discussions  at 
this  meeting  the  Administrator  revised 
his  assessment  of  state-of-the-art  coal 
cleaning  technology.  The  National  Coal 
Association  acknowledged  that  crushing 
to  1.5-inch  top  size  with  separation  at  1.6 
specific  gravity  was  common  practice  in 
industry,  but  that  crushing  to  smaller  top 
sizes  would  create  unmanageable  coal 
handling  problems  and  great  expense. 

«  In  order  to  explore  further  the 
potential  for  dislocations  in  regional 
coal  markets,  the  Administrator 
concluded  that  actual  buying  practices 
of  utilities  rather  than  the  mere  technical 
usability  of  coals  should  be  considered. 
This  additional  analysis  identified  coals 
that  might  not  be  used  because  of 
conservative  utility  attitudes  toward 
scrubbing  and  the  degree  of  risk  that  a 
utility  would  be  willing  to  take  in  buying 
coal  to  meet  the  emission  limit.  This 
analysis  was  performed  in  a  similar 
manner  to  the  analysis  described  above 
except  that  two  additional  assumptions 
were  made:  (1)  utilities  would  purchase 
coal  that  would  provide  about  a  10 
percent  margin  below  the  emission  limit 
in  order  to  minimize  risk,  and  (2)  utilities 


would  purchase  coal  that  would  meet 
the  emission  limit  (with  margin)  with  a 
90  percent  reduction  in  potential  SOi 
emissions.  This  assumption  reflects 
utility  preference  for.  buying  washed 
coal  for  which  only  85  percent  scrubbing 
is  needed  to  meet  both  the  percent 
reduction  and  the  emission  limit  as 
compared  to  the  previous  assumption 
that  utilities  would  do  90  percent 
scrubbing  on  washed  coal  (resulting  in 
more  than  90  percent  reduction  in 
potential  SOi  emissions).  This  analysis 
was  performed  using  EPA  data  at  430 
ng/J  (1.0  Ib/million  Btu)  and  520  ng/J 
(1.20  Ib/million  Btu)  monthly  emission 
limits.  The  results  revealed  that  a 
significant  portion  (up  to  22  percent)  of 
the  high-sulfur  coal  reserves  in  the 
Eastern  Midwest  and  portions  of 
Northern  Appalachian  coal  regions 
would  require  more  than  a  90  percent 
reduction  if  the  emission  limitation  was 
established  below  520  ng/J  (1.20  lb/ 
million  Btu)  on  a  30-day  rolling  average 
basis.  Although  higher  levels  of  control 
are  technically  feasible,  conservatism  in 
utility  perceptions  of  scrubber 
performance  could  create  a  signiflpant 
disincentive  against  the  use  of  these 
coals  and  disrupt  the  coal  markets  in 
these  regions.  Accordingly,  the 
Administrator  concluded  the  emission 
limitation  shpuld  be  maintained  at  520 
ng/J  (1.20  Ib/million  Btu)  on  a  30-day 
rolling  average  basis.  A  more  stringent 
emission  limit  would  be  counter  to  one 
of  the  basic  purposes  of  the  1977 
Amendments,  that  is,  encouraging  the 
use  of  higher  sulfur  coals. 

Full  Versus  Partial  Cantrol 

In  September  1978,  the  Administrator 
proposed  a  full  or  uniform  control 
alternative  and  set  forth  other  partial  or 
variable  control  options  as  well  for 
public  comment.  At  that  time,  the 
Administrator  made  it  clear  that  a 
decision  as  to  the  form  of  the  flnal 
standard  would  not  be  made  until  the ' 
public  comments  were  evaluated  and 
additional  analyses  were  completed. 

The  analytical  results  are  discussed 
later  under  Regulatory  Analysis. 

This  issue  focuses  on  whether,  power 
plants  firing  lower-sulfur  coals  should 
be  required  to  achieve  the  same 
percentage  reduction  in  potential  SO* 
emissions  as  those  burning  higher-sulfur 
coals.  When  addressing  this  issue,  the 
public  commenters  relied  heavily  on  the 
statutory  language  and  legislative 
history  of  Section  111  of  the  Clean  Air 
Act  Amendments  of  1977  to  bolster  their 
arguments.  Particular  attention  was 
directed  to  the  Conference  Report  which 
says  in  the  pertinent  part: 


In  establishing  a  national  percent  reduction 
for  new  fossil  fuel-fired  sources,  the 
conferees  agreed  that  the  Administrator  may, 
in  his  discretion,  set  a  range  of  pollutant 
reduction  that  reflects  varying  ^el 
characteristics.  Any  departure  fit>m  the 
uniform  national  percentage  reduction 
requirement,  however,  must  be  accompanied 
by  a  finding  that  such  a  departure  does  not 
undermine  the  basic  purposes  of  the  House 
provision  and  other  provisions  of  the  act, 
such  as  maximizing  the  use  of  locally 
available  fuels. 

Comments  Favoring  Full  or  Uniform 
Control.  Commenters  in  favor  of  full 
control  relied  heavily  on  the  statutory 
presumption  in  favor  of  a  uniform 
application  of  the  percentage  reduction 
requirement.  They  argued  that  the 
Conference  Report  language,  .  .  the 
Administrator  may,  in  his  discretion,  set 
a  range  of  pollutant  reduction  that 
reflects  varying  fuel 

characteristics.  .  .  ."  merely  reflects  the 
contention  of  certain  conferees  that  low- 
sulfur  coals  may  be  more  difficult  to 
treat  than  high-sulfur  coals.  This 
contention,  ftey  assert,  is  not  borne  out 
by  EPA's  technical  documentation  nor 
by  utility  applications  for  prevention  of 
significant  deterioration  permits  which 
clearly  show  that  high  removal 
efliciencies  can  be  attained  on  low- 
sulfur  coals.  In  the  face  of  this,  they 
maintain  there  is  no  basis  for  applying  a 
lower  percent  reduction  for  such  coals. 

These  commenters  further  maintain 
that  a  uniform  application  of  the  percent 
reduction  requirement  is  needed  to 
protect  pristine  areas  and  national 
parks,  particularly  in  the  West.  In  doing 
so,  they  note  that  emissions  may  be  up 
to  seven  times  higher  at  the  individual 
plant  level  under  a  partial  approach 
than  under  uniform  control.  In  the  face 
of  this,  they  maintain  that  partial  control 
cannot  be  considered  to  reflect  best 
available  control  technology.  They  also 
contend  that  the  adoption  of  a  partial 
approach  may  serve  to  undermine  the 
more  stringent  State  requirements 
currently  in  place  in  the  West. 

Turning  to  national  impacts, 
commenters  favoring  a  uniform 
approach  note  that  it  will  result  in  lower 
emissions.  They  maintain  that  these 
lower  emissions  are  significant  in  terms 
of  public  health  and  that  such 
reductions  should  be  maximized, 
particularly  in  light  of  the  Nation's 
commitment  to  greater  coal  use.  They 
also  assert  that  a  uniform  standard  is 
clearly  affordable.  They  point  out  that 
the  incremental  increase  in  costs 
associated  with  a  uniform  standard  is 
small  when  compared  to  total  utility 
expenditures  and  will  have  a  minimal 
impact  at  the  consumer  level.  They 
further  maintain  that  EPA  has  inflated 
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the  costs  of  scrubber  tedmology  and  has 
failed  to  consider  factors  that  should 
result  in  lower  costs  in  future  years. 

With  respect  to  the  oil  impacts 
associated  with  a  uniform  standard, 
these  same  commenters  are  critical  of 
the  oil  prices  used  in  the  EPA  analyses 
and  add  that  if  a  higher  oil  price  had 
been  assumed  the  supposed  oil  impact 
would  not  have  materialized. 

They  cdso  maintain  diat  the  adoption 
of  a  partial  api^oach  would  serve  to 
perpetuate  the  advantage  that  areas 
producing  low-sulfur  coal  enjoyed  under 
the  current  standard,  which  would  be 
coimter  to  one  of  the  basic  purposes  of 
the  House  bill.  On  the  other  hand,  they 
argue,  a  uniform  standard  would  not 
only  reduce  the  movement  of  low-sulfiir 
coals  eastward  but  would  serve  to 
maximize  the  use  of  local  high-sulfur 
coals. 

Finally,  one  of  the  commenters 
specified  a  more  stringent  full  control 
option  than  had  been  analyzed  by  EPA. 
It  called  for  a  95  percent  reduction  in 
potential  SOi  emissions  with  about  a 
280  ng/J  (0.65  Ib/million  Btu)  emission 
limit  on  a  monthly  basis.  In  addition, 
this  alternative  reflected  higher  oil 
prices  and  declining  scrubber  costs  with 
time.  The  results  were  presented  at  the 
December  12  and  13  public  hearing  on 
the  proposed  standees. 

Comments  Favoring  Partial  ar 
Variable  Control  Those  commenters 
advocating  a  partial  or  variable 
approach  focused  dieir  aiguments  on  the 
statutory  language  of  Section  111.  They 
maintained  that  die  standard  must  be 
based  on  the  “best  tedmological  system 
of  continuous  emission  reduction  i^ch 
(taking  into  consideration  die  cost  of 
achieving  such  emission  reduction,  any 
nonair  quality  healdi  and  environmental 
impact  and  energy  requirements)  die 
Administrator  determines  has  been 
adequately  demonstrated.”  They  also 
asserted  that  die  Conference  Report 
language  deariy  gives  the  Administrator 
authority  to  establish  a  variable 
standard  based  on  varying  fuel 
characteristics.  Le.,  coal  sdfur  content 

Their  principal  argument  is  that  a 
variable  approach  would  achieve 
virtually  the  same  emission  reductions 
at  the  national  level  as  a  uniform 
approach  but  at  substantially  lower 
costs  and  without  incurring  a  significant 
oil  penalty,  fai  view  of  this,  they 
maintain  diat  a  variable  approach  best 
satisfies  the  statutory  language  of 
Section  111. 

In  support  of  variable  control  diey 
also  note  that  die  revised  NSPS  wfll 
serve  as  a  mmimum  requirement  for 
prevention  (tf  significant  deterioration 
and  non-attainment  cmisiderations,  and 


that  ample  authority  exists  to  impose 
more  stringent  requirements  on  a  case- 
by-case  basis.  They  contend  that  these 
authorities  should  be  sufficient  to 
protect  pristine  areas  and  national  parks 
in  the  West  and  to  assure  the  attainment 
and  maintenance  of  the  health-related 
ambient  air  quality  standards.  Finally, 
they  note  that  the  NSPS  is  technology- 
based  and  not  directiy  related  to 
protection  of  the  Nation’s  public  health. 

In  addition,  they  argue  that  a  variable 
control  option  would  provide  a  better 
opportunity  for  the  development  of 
innovative  technologies.  Several 
commenters  noted  that,  in  particular,  a 
uniform  requirement  would  not  provide 
an  opportunity  for  the  development  of 
dry  SOs  control  systems  which  they  felt 
held  conuderable  promise  for  bringing 
about  SO2  emission  reductions  at  lower 
costs  and  in  a  more  reliable  manner. 

Commenters  favoring  variable  control 
also  advanced  the  arguments  that  a 
standard  based  on  a  range  of  percent 
reductions  would  provide  needed 
flexibility,  particularly  when  selecting 
intermediate  sulfur  content  coals. 
Further,  if  a  control  system  failed  to 
meet  design  expectations,  a  variable 
approach  would  allow  a  source  to  move 
to  lower-sulfur  coal  to  achieve 
compliance.  In  addition,  for  low-sulfur 
coal  applications,  a  variable  option 
would  substantially  reduce  the  energy 
penalty  of  operating  wet  scrubbers  since 
a  portion  of  the  flue  gas  could  be  used 
for  plume  reheaL 

To  support  their  advocacy  of  a 
variable  approach,  two  commenters,  the 
Department  of  Qiergy  and  tiie  Utility  Air 
Regulatory  Group  (UARG,  representing 
a  niunber  of  utilities),  presented  detailed 
results  of  analyses  that  had  been 
conducted  for  them.  UARG  analyzed  a 
standard  that  required  a  minimum 
reduction  of  20  percent  with  520  ng/J 
(1.20  Ib/million  Btu)  monthly  emission 
limit.  The  Department  of  Energy 
specified  a  partial  control  option  that 
required  a  33  percent  minimum 
requirement  with  a  430  ng/J  (li)  lb/ 
million  Btu)  monthly  emission  limit 

Faced  with  these  comments,  the 
Administrator  determined  the  final 
analyses  that  should  be  perfimned.  He 
concluded  that  analyses  should  be 
conducted  on  a  range  of  alternative 
emission  limits  and  percent  reduction 
requirements  in  order  to  determine  the 
approach  which  best  satisfies  the 
statutory  language  and  legislative 
history  of  section  111.  For  these 
analyses,  the  Administrator  specified  a 
tmiform  or  full  control  option,  a  partial 
control  option  reflecting  the  D^artment 
of  Energy’s  recommen^tion  for  a  33 


percent  minimum  control  requirement, 
and  a  variable  control  optidn  wMdi 
specified  a  520  ng/J  (1.20  Ib/million  Btu) 
emission  limitation  with  a  90  percent 
reduction  in  potential  SOi  emissions 
except  if^en  emissions  to  the 
atmosphere  were  reduced  below  260  ng/ 

J  (0.60  Ib/million  Btu).  when  only  a  70 
percent  reduction  in  potential  SOs 
emissions  would  apply.  Under  the 
variable  approach,  plants  firing  high- 
sulfur  coals  would  be  required  to 
achieve  a  90  percent  reduction  in 
potential  emissions  in  order  to  comply 
with  the  emission  limitation.  Those  using 
intermediate  and  low-sulfur  content 
coals  would  be  permitted  to  achieve 
between  70  and  90  percent  provided 
their  emissions  were  less  than  280  ng/J 
(0.60  Ib /million  BTU). 

In  rejecting  the  minimum  requirement 
of  20  percent  advocated  by  UARG,  the 
Administrator  found  that  it  not  only 
resulted  in  the  highest  emissions,  but 
that  it  was  also  the  least  cost  effective 
of  the  variable  control  options 
considered.  The  more  stringent  full 
control  option  presented  in  the 
comments  was  rejected  because  it 
required  a  95  percent  reduction  in 
potential  emissions  which  may  not  be 
within  the  capabilities  of  demonstrated 
technology  for  high-sulfiir  coals  in  all 
cases. 

Emergency  Conditions 

The  final  standards  allow  an  owner  or 
operator  to  bypass  uncontrolled  flue 
gases  around  a  malfunctioning  FGD 
system  provided  (1)  the  FGD  system  has 
been  constructed  with  a  spare  FGD 
module,  (2)  FGD  modules  are  not 
available  in  sufficent  numbers  to  treat 
the  entire  quantity  of  flue  gas  generated, 
and  (3)  all  available  electric  generating 
capacity  is  being  utilized  in  a  power 
pool  or  network  consisting  of  the 
generating  capacity  of  the  affected 
utility  company  (except  for  the  capacity 
of  the  largest  sin^e  generating  unit  in 
the  company),  and  the  amount  of  power 
that  could  be  purchased  firom 
neighboring  interconnected  utility 
companies.  The  final  standards  are 
essentially  the  same  as  those  proposed. 
The  revisions  involve  wording  changes 
to  clarify  the  Administrator’s  intent  and 
revisions  to  address  potential  load 
management  and  operating  problems. 
None  of  the  comments  received  by  EPA 
disputed  the  need  for  the  emergency 
condition  provisions  or  object^  to  their 
intent 

The  intent  of  the  final  standards  is  to 
encourage  power  plant  owners  and 
operators  to  install  the  best  availaUe 
FGD  systems  and  to  imj^ment  ^active 
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operation  and  maintenance  procedures 
but  not  to  create  power  supply 
disruptions.  FGD  systems  with  spare 
FGD  modules  and  FGD  modules  with 
spare  equipment  components  have 
greater  capability  of  reliable  operation 
than  systems  without  spares,  ^fective 
control  and  operation  of  FGD  systems 
by  engineering  supervisory  personnel 
experienced  in  chemical  process 
operations  and  properly  Gained  FGD 
system  operators  and  maintenance  staff 
are  also  important  in  attaining  reliable' 
FGD  system  operation.  While  the 
standards  do  not  require  these 
equipment  and  staffing  features,  the 
Administrator  believes  that  their  use 
will  make  compliance  with  the 
standards  easier.  Malfunctioning  FGD 
systems  are  not  exempt  from  the  SOt 
standards  except  during  infrequent 
power  supply  emergency  periods.  Since 
the  exemption  does  not  apply  unless  a 
spare  module  has  been  installed  (and 
operated],  a  spare  module  is  required  for 
the  exemption  to  apply.  Because  of  the 
disproportionate  cost  of  installing  a 
spare  module  on  steam  generators 
having  a  generating  capacity  of  125  MW 
or  less,  the  standards  do  not  require 
them  to  have  spare  modules  before  the 
emergency  conditions  exemption 
applies. 

The  proposed  standards  included  the 
requirement  that  the  emergency 
condition  exemption  apply  only  to  those 
facilities  which  have  installed  a  spare 
FGD  system  module  or  which  have  125 
MW  or  less  of  output  capacity. 

However,  they  did  not  contain 
procedures  for  demonstrating  spare 
module  capability.  This  capability  can 
be  easily  determined  once  the  facility 
commences  operation.  To  specify  how 
this  determination  is  to  be  performed, 
provisions  have  been  added  to  the 
regulations.  This  determination  is  not 
required  unless  the  owner  or  operator  of 
the  affected  facility  wishes  to  claim 
spare  module  capability  for  the  purpose 
of  availing  himself  of  the  emergency 
condition  exemption.  Should  the 
Administrator  require  a  demonstration 
of  spare  module  capability,  the  owner  or 
operator  would  schedule  a  test  within  60 
days  for  any  period  of  operation  lasting 
from  24  hours  tq  30  days  to  demonstrate 
that  he  can  attain  the  appropriate  SOt 
emission  control  requirements  when  the 
facility  is  operated  at  a  maximum  rate 
without  using  one  of  its  FGD  system 
modules.  The  test  can  start  at  any  time 
of  day  and  modules  may  be  rotated  in 
and  out  of  service,  but  at  all  times  in  the 
test  period  one  module  (but  not 
necessarily  the  same  module)  must  not 
be  operated  to  demonstrate  spare 
module  capability. 


Althou^  it  is  within  the 
Administrator’s  discretion  to  require  the 
spare  module  capability  demonstration 
test,  the  owner  or  operator  of  the  facility 
has  the  option  to  schedule  the  specifrc 
date  and  duration  of  the  test.  A 
minimum  of  only  24  hours  of  operation 
are  required  during  the  test  period 
because  this  period  of  time  is  adequate 
to  demonstrate  spare  module  capability 
and  it  may  be  unreasonable  in  all 
circumstances  to  require  a  longer  (e.g., 

30  days)  period  of  operation  at  the 
facility's  maximum  heat  input  rate. 
Because  the  owner  or  operator  has  the 
flexibility  to  schedule  the  test,  24  hours 
of  operation  at  maximum  rate  will  not 
impose  a  significant  burden  on  the 
facility 

The  Administrator  believes  that  the 
standards  will  not  cause  supply 
disruption  because  (1)  well  designed 
and  operated  FGD  systems  can  attain 
high  operating  availability,  (2)  a  spare 
FGD  module  can  be  used  to  rotate  other 
modules  out  of  service  for  periodic 
maintenance  or  to  replace  a 
malfunctioning  module,  (3)  load  shifting 
of  electric  generation  to  another 
generating  unit  can  normally  be  used  if  a 
part  or  all  of  the  FGD  system  were  to 
malfunction,  and  (4)  during  abnormal 
power  supply  emergency  periods,  the 
bypassing  exemption  ensures  that  the 
relations  would  not  require  a  unit  to 
stand  idle  if  its  operation  were  needed 
to  protect  the  reliability  of  electric 
service.  The  Administrator  believes  that 
this  exemption  will  not  result  in 
extensive  bypassing  because  the 
probability  of  a  major  FGD  malfunction 
and  power  supply  emergency  occurring 
simultaneously  is  small. 

A  commenter  asked  that  the  definition 
of  system  capacity  be  revised  to  ensure 
that  the  plant's  capability  rather  than 
plant  rated  capacity  be  used  because 
the  full  rated  capacity  is  not  always 
operable.  The  Administrator  agrees  with 
this  comment  because  a  component 
failure  (e.g..  the  failure  of  one  coal 
pulverizer)  could  prevent  a  boiler  from 
being  operated  at  its  rated  capacity,  but 
would  not  cause  the  unit  to  be  entirely 
shut  down.  The  definition  has  been 
revised  to  allow  use  of  the  plant’s 
capability  when  determining  the  net 
system  capacity. 

One  commenter  asked  that  the 
definition  of  system  capacity  be  revised 
to  include  firm  contractual  purchases 
and  to  exclude  firm  contractual  sales. 
Because  power  obtained  through, 
contractual  purchases  helps  to  satisfy 
load  demand  and  power  sold  under  ' 
contract  affects  the  net  electric 
generating  capacity  available  in  the  - 
system,  the  Administrator  agrees  with 


this  request  and  has  included  power 
purchases  in  the  definition  of  net  system 
capacity  and  has  excluded  sales  by 
adding  them  to  the  definition  of  system 
load. 

A  commenter  asked  that  the 
ownership  basis  for  proration  of  electric 
capacity  in  several  definitions  be 
modified  when  there  are  other 
contractual  arrangements.  The 
Administrator  agrees  with  this  comment 
and  has  revi.sed  the  definitions 
accordingly. 

One  commenter  asked  that  definitions 
describing  “all  electric  generating  ' 
equipment  owned  by  the  utility 
company’’  specifically  include 
hydroelectric  plants.  The  proposed 
definitions  did  include  these  plants,  but 
the  Administrator  agrees  with  the 
clarification  requested,  and  the 
definitions  have  been  revised. 

A  commenter  asked  that  the  word 
“steam"  be  removed  from  the  definition 
of  system  emergency  reserves  to  clarify 
that  nuclear  units  are  included.  The 
Administrator  agrees  with  the  comment 
and  has  revised  the  definition. 

Several  commenters  asked  that  some 
type  of  modification  be  made  to  the 
emergency  condition  provisions  that 
would  consider  projected  system  load 
increases  within  the  next  calendar  day. 
One  commenter  asked  that  emergency 
conditions  apply  based  on  a  projection 
of  the  next  day’s  load.  The 
Administrator  does  not  agree  with  the 
suggestion  of  using  a  projected  load, 
which  may  or  may  not  materialize,  as  a 
criterion  to  allow  bypassing  of  SO* 
emissions,  because  the  load  on  a 
generating  unit  with  a  malfunctioning 
FGD  system  should  be  reduced 
whenever  there  is  other  available 
system  capacity. 

A  commenter  recommended  that  a 
unit  removed  from  service  be  allowed  to 
return  to  service  if  such  action  were 
necessary  to  maintain  or  reestablish 
system  emergency  reserves.  The 
Administrator  agrees  that  it  would  be 
impractical  to  take  a  large  steam 
generating  unit  entirely  out  of  service 
whenever  load  demand  is  expected  to 
later  increase  to  the  level  where  there 
would  be  no  other  unit  available  to  meet 
the  demand  or  to  maintain  system 
emergency  reserves.  To  address  the 
problem  of  reducing  load  and  later 
returning  the  load  to  the  unit,  the 
Administrator  has  revised  the  proposed 
emergency  condition  provisions  to  give 
an  owner  or  operator  of  a  unit  with  a 
malfunctioning  FGD  system  the  option 
of  keeping  (or  bringing)  the  unit  into 
spinning  reserve  when  the  unit  is 
needed  to  maintain  (or  reestablish) 
system  emergency  reserves.  During  this 
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period,  emissions  must  be  controlled  to 
the  extent  that  capability  exists  within 
the  FGD  system,  but  bypassing 
emissions  would  be  allowed  when  the 
capability  of  a  partially  or  completely 
failed  FGD  system  is  inadequate.  This 
procedure  will  allow  the  unit  to  operate 
in  spinning  reserve  rather  than  being 
entirely  shut  down  and  will  ensure  that 
a  unit  can  be  quickly  restored  to  service. 
The  final  emergency  condition 
provisions  permit  bypassing  of 
emissions  from  a  unit  kept  in  spinning 
reserve,  but  only  (1)  when  the  unit  is  the 
last  one  available  for  maintaining 
system  emergency  reserves,  (2)  when  it 
is  operated  at  the  minimum  load 
consistent  with  keeping  the  unit  in 
spinning  reserve,  and  (3)  has  inadequate 
operational  FGD  capability  at  the 
minimum  load  to  completely  control  SOs 
emissions.  This  revision  will  still 
normally  require  load  on  a 
malfunctioning  unit  to  be  reduced  to, a 
minimum  level,  even  if  load  demand  is 
anticipated  to  increase  later,  but  it  does 
prevent  having  to  take  the  unit  entirely 
out  of  operation  and  keep  it  available  in 
spinning  reserve  to  assiune  load  should 
an  emergency  arise  or  as  load  increases 
the  following  day.  Because  emergency 
condition  periods  are  a  small  percentage 
of  total  operating  hours,  this  revision  to 
allow  bypassing  of  SOi  emissions  from  a 
unit  held  in  spinning  reserve  with 
reduced  output  is  expected  to  have 
minor  impact  on  the  amount  of  SOt 
emitted. 

One  commenter  stated  that  the 
proposed  provisions  would  not  reduce 
the  necessity  for  additional  plant 
capacity  to  compensate  for  lower  net 
reliability.  The  Administrator  does  not 
agree  with  this^  comment  because  the 
emergency  condition  provisions  allow 
operation  of  a  unit  with  a  failed  FGD 
system  whenever  no  other  generating 
capacity  is  available  for  operation  and 
thereby  protects  the  reliability  of 
electric  service.  When  electric  load  is 
shifted  from  a  new  steam-electric 
generating  unit  to  another  electric 
generating  imit,  there  would  be  no  net 
change  in  reserves  within  the  power 
system.  Thus,  the  emergency  condition 
provisions  prevent  a  failed  FGD  system 
from  impacting  upon  the  utility 
company’s  ability  to  generate  electric 
power  and  prevents  an  impact  upon 
reserves  needed  by  the  power  system  to 
maintain  reliable  electric  service. 

A  commenter  asked  that  the  definition 
of  available  system  capacity  be  clariHed 
because  (1)  some  utilities  have  certain 
localized  areas  or  zones  that,  because  of 
system  operating  parameters,  cannot  be 
served  by  all  of  the  electric  generating 
units  which  constitute  the  utility’s 


system  capacity,  and  (2)  an  a^ected 
facility  may  be  the  only  source  of  supply 
for  a  zone  or  area.  Almost  all  electric 
utility  generating  units  in  the  United 
States  are  electrically  interconnected 
through  power  transmission  lines  and 
switching  stations.  A  few  isolated  units 
in  the  U.S.  are  not  interconnected  to  at 
least  one  other  electric  generating  imit 
and  it  is  possible  that  a  new  unit  could 
also  be  constructed  in  an  isolated  area 
where  interconnections  would  not  be 
practical.  For  a  single,  isolated  unit 
where  it  is  not  practical  to  construct 
interconnections,  the  emergency 
condition  provisions  would  apply 
whenever  an  FGD  malfunction  occurred 
because  there  would  be  no  other 
available  system  capacity  to  which  load 
could  be  shifted.  It  is  also  possible  that 
two  or  three  units  could  be 
interconnected,  but  not  interconnected 
with  a  larger  power  network  (e.g., 

Alaska  and  Hawaii).  To  clarify  this 
situation,  the  definitions  of  net  system 
capacity,  system  load,  and  system 
emergency  reserves  have  been  revised 
to  include  only  that  electric  power  or 
capacity  interconnected  by  a  network  of 
power  transmission  facilities.  Few  units 
will  not  be  interconnected  into  a 
network  encompassing  the  principal  and 
neighboring  utility  companies.  Power 
plants,  including  those  without  FGD 
systems,  are  expected  to  experience 
electric  generating  malfunctions  and 
power  systems  are  planned  with  reserve 
generating  capacity  and  interconnecting 
electric  transmission  lines  to  provide 
means  of  obtaining  electricity  fi-om 
alternative  generating  facilities  to  meet 
demand  when  these  occasions  arise. 
Arrangements  for  an  affected  facility 
would  typically  include  an 
interconnection  to  a  power  transmission 
network  even  when  it  is  geographically 
located  away  fi-om  the  bulk  of  the  utility 
company’s  power  system  to  allow 
purchase  of  power  fiom  a  neighboring 
utility  for  those  localized  service  areas 
when  necessary  to  maintain  service 
reliability.  Contract  arrangements  can 
provide  for  trades  of  power  in  which  a 
localized  zone  served  by  the  principal 
company  owning  or  operating  the 
affected  facility  is  supplied  by  a 
neighboring  company.  The  power  bought 
by  the  principal  company  can.  if  desired 
by  the  neighboring  company,  be 
replaced  by  operation  of  other  available 
units  in  the  principal  company  even  if 
these  imits  are  located  at  a  distance 
fit)m  the  localized  service  zone.  The 
proposed  definition  of  emergency 
condition  was  contingent  upon  the 
purchase  of  power  from  another 
electrical  generation  facility.  To  further 
clarify  this  relationship,  the 


Administrator  has  revised  the  proposed 
definitions  to  define  the  relationship 
between  the  principal  company  (the 
utility  company  that  owns  the 
generating  unit  with  the  malfunctioning 
FGD  system)  and  the  neighboring  power 
companies  for  the  purpose  of 
determining  when  emergency  conditions 
exist. 

A  commenter  requested  that  the 
proposed  compliance  provisions  be 
revised  so  that  they  could  not  be 
interpreted  to  force  a  utility  to  operate  a 
partially  functional  FGD  module  when 
extensive  damage  to  the  FGD  module 
would  occur.  For  example,  a  severely 
vibrating  fan  must  be  shut  down  to 
prevent  damage  even  though  the  FGD 
system  may  be  otherwise  ^notional. 

’The  Administrator  agrees  with  this 
comment  and  has  revised  the 
compliance  provisions,  not  to  require 
FGD  operation  when  significant  damage 
to  equipment  would  result. 

One  commenter  asked  that  the 
definition  of  system  emergency  reserves 
account  for  not  only  the  capacity  of  the 
single  largest  generating  unit,  but  also 
for  reserves  needed  for  system  load- 
frequency  regulation.  Regulation  of 
power  frequency  can  be  a  problem  when 
the  mix  of  capacitive  and  reactive  loads 
shift.  For  example,  at  night  capacitive 
load  of  industrial  plants  can  adversely 
affect  power  factors.  The  Administrator ' 
disagrees  that  additional  capacity 
should  be  kept  independent  of  the  load 
shifting  requirements.  Under  the 
definition  for  system  emergency 
reserves,  capacity  equivalent  to  the 
largest  single  ui\it  in  the  system  was  set 
aside  for  load  management.  If  frequency 
regiilation  has  been  a  particular 
problem,  extra  reserve  margins  would 
have  been  maintained  by  the  utility 
company  even  if  an  FGD  system  were 
not  installed.  Reserve  capacity  need  not 
be  maintained  within  a  single  generating 
unit.  ’The  utility  company  can  regulate 
system  load-fi%quency  by  distributing 
their  system  reserves  throughout  the 
electric  power  system  as  needed.  In  the 
Administrator’s  judgment,  these 
regulations  do  not  impact  upon  the 
reserves  maintained  by  the  utility 
company  for  the  purpose  of  maintaining 
power  system  integrity,  because  the 
emergency  condition  provisions  do  not 
restrict  the  utility  company’s  fi-eedom  in 
distributing  their  reserves  and  do  not 
require  construction  of  additional 
reserves. 

A  commenter  asked  that  utility 
operators  be  given  the  option  to  ignore 
the  loss  of  SOs  removal  efficiency  due  to 
FGD  malfunctions  by  reducing  the  level 
of  electric  generation  fi-om  an  affected 
unit.  This  would  control  the  amount  of 
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SOt  emitted  on  a  pounds  per  hour  basis, 
but  would  also  allow  and  exemption 
from  the  percentage  of  SO*  removal 
speciHed  by  the  SOt  standards.  The 
Administrator  believes  that  allowing 
this  exemption  is  not  necessary  because 
load  can  usually  be  shifted  to  other 
electric  generating  units.  This  procedure 
provides  an  incentive  to  the  owner  or 
operator  to  properly  maintain  and 
operate  FGD  systems.  Under  the 
procedures  suggested  by  the  commenter, 
neglect  of  the  FGD  system  would  be 
encouraged  because  an  exemption 
would  allow  routine  operation  at 
reduced  percentages  of  SOa  removal. 
Steam  generating  units  are  often 
operated  at  less  than  rated  capacity  and 
a  fully  operational  FGD  system  would 
not  be  required  for  compliance  during 
these  periods  if  this  exemption  were 
allowed.  The  procedure  suggested  by 
the  commenter  is  also  not  necessary 
because  FGD  modules  can  be  designed 
and  constructed  with  separate 
equipment  components  so  that  they  are 
routinely  capable  of  independent 
operation  whenever  another  module  of 
the  steam  generating  unit’s  FGD  system 
is  not  available.  Thus,  reducing  the  level 
of  electric  generation  and  removing  the 
failed  FGD  module  for  servicing  would 
not  affect  the  remainder  of  the  FGD 
system  and  would  permit  the  utility  to 
maintain  compliance  with  the  standards 
without  having  to  take  the  generating 
unit  entirely  out  of  operation.  Each 
module  should  have  the  capability  of 
attaining  the  same  percentage  reduction 
of  SO2  from  the  flue  gas  it  treats 
regardless  of  the  operability  of  the  other 
modules  in  the  system  to  maintain 
compliance  with  the  standards. 

Although  the  efficiency  of  more  than  one 
FGD  module  may  occasionally  be 
affected  by  certain  equipment 
malfunctions,  a  properly  designed  FGD 
system  has  no  routine  need  for  an 
exemption  from  the  SOs  percentage 
reduction  requirement  when  the  unit  is 
operated  at  reduced  load.  ’The 
Administrator  has  concluded  that  the 
final  regulations  provide  sufficient 
flexibility  for  addressing  FGD 
malfunctions  and  that  an  exemption 
from  the  percentage  SO2  removal 
requirement  is  not  necessary  to  protect 
electric  service  reliability  or  to  maintain 
compliance  with  these  SOi  standards. 

Particulate  Matter  Standard 

The  final  standard  limits  particulate 
matter  emissions  to  13  ng/J  (0.03  lb/ 
million  Btu]  heat  input  and  is  based  on 
the  application  of  ESP  or  baghouse 
'  control  technology.  The  Hnal  standard  is 
the  same  as  the  proposed.  ’The 
Administrator  has  concluded  that  ESP 
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and  baghouse  control  systems  are  the 
best  demonstrated  systems  of 
continuous  emission  reduction  (taking 
into  consideration  the  cost  of  achieving 
such  emission  reduction,  and  nonair 
quality  health  and  enviommental 
impacts,  and  energy  requirements)  and 
that  13  ng/J  (0.03  Ib/million  Btu)  heat 
input  represents  the  emission  level 
achievable  through  the  application  of 
these  control  systems. 

One  group  of  commenters  indicated  . 
that  they  did  not  support  the  proposed 
standard  because  in  their  opinion  it 
would  be  too  expensive  for  the  beneHts 
obtained;  and  they  suggested  that  the 
final  standard  limit  emissions  to  43  ng/J 
(0.10  Ib/million  Btu)  heat  input  which  is 
the  same  as  the  current  standard  under 
40  CFR  Part  60  Subpart  D.  The 
Administrator  disagrees  with  the 
commenters  because  the  available  data 
clearly  indicate  that  ESP  and  baghouse 
control  systems  are  capable  of 
performing  at  the  13  ng/J  (0.03  Ib/million 
Btu)  heat  input  emission  level,  and  the 
economic  impact  evaluation  indicates 
that  the  costs  and  economic  impacts  of 
installing  these  systems  are  reasonable. 

The  number  of  commenters  expressed 
the  opinion  that  the  propSsed  standard 
was  to  strict,  particularly  for  power 
plants  firing  low-sulfur  coal,  because 
baghouse  control  systems  have  not  been 
adequately  demonstrated  on  full-size 
power  plants.  The  commenters 
suggested  that  extrapolation  of  test  data 
fi'om  small  scale  baghhouse  control 
systems,  such  as  tho^e  used  to  support 
the  proposed  standard,  to  full-size  utility 
applications  is  not  reasonable. 

The  Administrator  believes  that 
baghouse  control  systems  are 
demonstrated  for  all  sizes  of  power 
plants.  At  the  time  the  standards  were 
proposed,  the  Administrator  concluded 
that  since  baghouses  are  designed  and 
constructed  in  modules  rather  than  as 
one  large  unit,  there  should  be  no 
technological  barriers  to  designing  and 
constructing  utility-sized  facilities.  The 
largest  baghouse-controlled.  coal-fired 
power  plant  for  which  EPA  had  ' 
emission  test  data  to  support  the 
proposed  standard  was  44  MW.  Since 
the  standards  were  proposed,  additional 
information  has  become  available  which 
supports  the  Administrator’s  position 
that  baghouses  are  demonstrated  for  all 
sizes  of  power  plants.  Two  large 
baghouse-controlled,  coal-fired  power 
plants  have  recently  initiated 
operations.  EPA  has  obtained  emission 
data  for  one  of  these  units.  This  unit  has 
achieved  particulate  matter  emission 
levels  below  13  ng/J  (0.03  Ib/million  Btu) 
heat  input  The  baghouse  system  for  this 
facility  has  28  modules  rated  at  12.5  MW 
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capacity  per  module.  This  supports  the 
Administrator’s  conclusion  that 
baghouses  are  designed  and  constructed 
in  modules  rather  than  as  one  large  unit 
and  there  should  be  no  technological 
barriers  to  designing  and  constructing 
utility-sized  facilities. 

One  commenter  indicated  that 
baghouse  control  systems  are  not 
demonstrated  for  large  utility 
application  at  this  time  and 
recommended  that  EPA  gather  one  year 
of  data  firom  1000  MW  of  baghouse 
installations  to  demonstrate  that 
baghouses  can  operate  reliably  and 
acMeve  13  ng/J  (0.03  Ib/million  Btu)  heat 
input.  The  standcu'd  would  remain  at  21 
to  34  ng/J  (0.05  to  0.08  Ib/million  Btu) 
heat  input  until  such  demonstration.  The 
Administrator  does  not  believe  this 
approach  is  necessary  because 
baghouse  control  systems  have  been 
adequately  demonstrated  for  large 
utility  applications. 

One  group  of  commenters  supported 
the  proposed  standard  of  13  ng/J  (0.03 
Ib/million  Btu)  heat  input.  They 
indicated  that  in  their  opinion  the 
proposed  standard  attained  the  proper 
balance  of  cost,  energy  and 
environmental  factors  and  was 
necessary  in  consideration  of  expected 
growth  in  coal-fired  power  plant 
capacity. 

Another  group  of  commenters  which 
included  the  trade  association  of 
emission  control  system  manufacturers 
indicated  that  13  ng/J  (0.03  Ib/million 
Btu)  is  technically  achievable.  'The  trade 
association  further  indicated  the 
proposed  standard  is  technically 
achievable  for  either  high-  or  low-sulfur 
coals,  through  the  use  of  baghouses, 
ESPs,  or  wet  scrubbers. 

A  number  of  commenters 
recommended  that  the  proposed 
standard  be  lowered  to  4  ng/J  (0.01  lb/ 
million  Btu)  heat  input.  This  group  of 
commenters  presented  additional 
emission  data  for  utility  baghouse 
control  systems  to  support  their 
recommendation.  The  data  submitted  by 
the  commenters  were  not  available  at 
the  time  of  proposal  and  were  for  utility 
units  of  less  than  100  MW  electrical 
output  capacity.  The  commenters 
suggested  that  a  4  ng/J  (0.01  Ib/million 
Btu)  heat  input  standard  is  achievable 
based  on  baghouse  technology,  and  they 
suggested  that  a  standard  based  on 
baghouse  technology  would  be 
consistent  with  the  technology-forcing 
nature  of  section  111  of  the  Act.  The 
Administrator  believes  tiiat  the 
available  data  base  for  baghouse . 
performance  supports  a  standard  of  13 
ng/J  (0.03  Ib/million  Btu)  heat  input  but 
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does  not  support  a  lower  standard  such 
as  4  ng/J  (0.01  Ib/million  Btu)  heat  input 

One  commenter  suggested  that  the 
standard  should  be  set  at  26  ng/J  (0.06 
Ib/million  Btu)  heat  imput  so  that 
particulate  matter  control  systems 
would  not  be  necessary  for  oil-Bred 
utility  steam  generators.  Although  it  is 
expected  that  few  oil-fired  utility  boilers 
will  be  constructed,  the  ESP 
performance  data  which  is  contained  in 
the  '‘Electric  Utility  Steam  Generating 
Units,  Background  Information  for 
Promulgated  Emission  Standards”  (EPA 
450/3-79-021),  supports  the  conclusion 
that  ESPs  are  applicable  to  both  oil 
firing  and  coal  firing.  The  Administrator 
believes  that  emissions  from  oil-fired 
utility  boilers  should  be  controlled  to  the 
same  level  as  coal-fired  boilers. 

NOz  Standard 

The  NO.  standards  limit  emissions  to 
210  ng/J  (0.50  Ib/million  Btu)  heat  input 
fi'om  the  combustion  of  subbituminous 
coal  and  260  ng/J  (0.60  Ib/million  Btu) 
heat  imput  fi'om  the  combustion  of 
bituminous  coal,  based  on  a  30-day 
rolling  average.  In  addition,  emission 
limits  have  been  established  for  other 
solid,  liquid,  and  gaseous  fuels,  as 
discussed  in  the  rational  section  of  this 
preamble.  The  final  standards  difier 
from  the  proposed  standards  only  in 
that  the  final  averaging  time  for 
determining  compliance  with  the 
standards  is  based  on  a  30-day  rolling 
average,  whereas  a  24-hour  average  was 
proposed.  All  comments  received  during 
the  public  comment  period  were 
considered  in  developing  the  final  NO, 
standards.  The  major  issues  raised 
during  the  comment  period  are 
discussed  below. 

One  issue  concerned  the  possibility 
that  the  proposed  24-hour  averaging 
period  for  coal  might  seriously  restrict 
the  flexibility  boiler  operators  need 
during  day-to-day  operation.  For 
example,  several  commenters  noted  that 
on  some  boilers  the  control  of  boiler 
tube  slagging  may  periodically  require 
increased  excess  air  levels,  which,  in 
turn,  would  increase  NO.  emissions. 

One  commenter  submitted  data 
indicating  that  two  n^odem  Combustion 
Engineering  (CE)  boilers  at  the  Colstrip, 
Montana  plant  of  the  Montana  Power 
Company  do  not  consistently  achieve 
the  proposed  NO,  level  of  210  ng/J  (0.50 
Ib/million  Btu)  heat  input  on  a  24-hour 
basis.  The  Colstrip  boilers  burn* 
subbituminous  coal  and  are  required  to 
comply  with  the  NO.  standard  under  40 
CFR  Part  60,  Subpart  D  of  300  ng/J  (0.70 
-  Ib/million  Btu)  heat  input.  Several  other 
commenters  recommended  that  the  24- 
hour  averaging  period  be  extended  to  30 
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days  to  allow  for  greater  operational 
flexibility. 

As  an  aid  in  evaluating  the 
operational  flexibility  question,  the 
Administrator  has  reviewed  a  total  of  24 
months  of  continuously  monitored  NO, 
data  fi'om  the  two  Colstrip  boilers.  Six 
months  of  these  data  were  available  to 
the  Administrator  before  proposal  of 
these  standards,  and  two  months  were 
,  submitted  by  a  commenter.  The 
commenter  also  submitted  a  summary  of 
26  months  of  Colstrip  data  indicating  the 
number  of  24-hour  averages  per  month 
above  210  ng/J  (0.50  Ib/million  Btu)  heat 
input.  The  remaining  Colstrip  data  were 
obtained  by  the  Ad^nistrator  firom  the 
State  of  Montana  after  proposal.  In 
addition  to  the  Colstrip  data,  the 
Administrator  has  reviewed 
approximately  10  months  of 
continuously  monitored  NO,  data  fi'om 
five  modem  CE  utility  boilers.  Three  of 
the  boilers  bum  subbituminous  coal, 
two  bum  bituminous  coal,  and  all  five 
have  monitors  that  have  passed 
certification  tests.  These  data  were 
obtained  fit)m  electric  utility  companies 
after  proposal.  A  summary  of  all  of  the 
'continuously  monitored  NO.  data  that 
the  Administrator  has  considered 
appears  in  “Electric  Utility  Steam 
Generating  Units,  Background 
Information  for  Promulgated  Emission 
Standards”  (EPA  450/3-79-021). 

The  usefulness  of  these  continuously 
monitored  data  in  evaluating  the  ability 
of  modem  utility  boilers  to  continuously 
achieve  the  NO,  emission  limits  of  210 
and  260  ng/J  (0.50  and  0.60  Ib/million 
Btu)  heat  input  is  somewhat  limited. 

This  is  because  the  boilers  were 
required  to  comply  with  a  higher  NO. 
level  of  300  ng/J  (0.70  Ib/million  Btu) 
heat  input.  Nevertheless  some 
conclusions  can  be  drawn,  as  follows: 

(1)  Nearly  all  of  the  continuously 
monitored  NO.  data  are  in  compliance 
with  the  boiler  design  limit  of  300  ng/J 
(0.70  Ib/million  Btu)  heat  input  on  the 
basis  of  a  24-hour  average. 

(2)  Most  of  the  continuously 
monitored  NO,  data  would  be  in 
compliance  with  limits  of  260  ng/J  (0.60 
Ib/million  Btu)  heat  input  for  bituminous 
coal  ov  210  ng/J  (0.50  Ib/million  Btu) 
heat  input  for  subbituminous  coal  when 
averaged  over  a  30-day  period.  Some  of 
the  data  would  be  out  of  compliance 
based  on  a  24-hour  average. 

(3)  The  volume  of  continuously 
monitored  NO,  emission  data  evaluated 
by  the  Administrator  (34  months  fit)m 
seven  large  coal-fired  boilers)  is 
sufficient  to  indicate  the  emission 
variability  expected  during  day-to-day 
operation  of  a  utility-size  ^iler.  In  the 
Administrator’s  judi^ent,  this  emission 
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variability  adequately  represents 
slagging  conditions,  coal  variability, 
load  changes,  and  other  factors  that  may 
influence  Ae  level  of  NO,  emissions. 

(4)  The  variability  of  continuously 
monitored  NO,  data  is  sufficient  to 
cause  some  concern  over  the  ability  of  a  . 
utility  boiler  that  biums  solid  fuel  to 
consistently  achieve  a  NO,  boiler  design 
limit,  whether  300,  260,  or  210  ng/J  (0.70, 
0.60,  or  0.50  Ib/million  Btu)  heat  input, 
based  on  24-hour  averages.  In  contrast, 
it  appears  that  there  would  be  no 
difficulty  in  achieving  the  boiler  design 
limit  based  on  30-day  periods. 

Based  on  these  conclusions,  the 
Administrator  has  decided  to  require 
compliance  with  the  final  standards  for 
solid  fuels  to  be  based  on  a  30-day 
rolling  average.  The  Administrator 
believes  that  the  30-day  rolling  average 
will  allow  boilers  made  by  all  four  major 
boiler  manufacturers  to  achieve  the 
standards  while  giving  boiler  operators 
the  flexibility  needed  to  handle 
conditions  encountered  during  normal 
operation. 

Although  the  Administrator  has  not 
evaluated  continuously  monitored  NO, 
data  from  boilers  maniifactured  by 
companies  other  than  CE,  the  data  from 
CE  boilers  are  considered  representative 
of  the  other  boiler  manufacturers.  This  is 
because  the  boilers  of  all  four 
manufacturers  are  capable  of  achieving 
the  same  NO,  design  limit,  and  because 
the  conditions  that  occur  during  normal 
operation  of  a  boiler  (e.g.,  slagging, 
variations  in  fuel  quality,  and  load 
reductions)  are  similar  for  all  four 
manufacturer  designs.  These  conditions, 
the  Administrator  believes,  lead  to 
similar  emission  variability  and  require 
essentially  the  same  degree  of 
operational  flexibility. 

Some  conunenters  have  question  the 
validity  of  the  Colstrip  data  because  the 
Colstrip  continuous  NO,  monitors  have 
not  passed  certification  tests.  In  April 
and  Jime  of  1978  EPA  conducted  a 
detailed  evaluation  of  these  monitors. 

The  evaluation  led  the  Administrator  to 
conclude  that  the  monitors  were 
probably  biased  high,  but  by  less  than 
21  ng/J  (0.50  Ib/million  Btu)  heat  input. 
Since  this  error  is  so  small  (less  than  10 
percent),  the  Administrator  considers 
the  data  appropriate  to  use  in 
developing  the  standards. 

A  number  of  commenters  expressed 
concern  over  the  ability  of  as  many  as  ' 
three  of  the  four  major  boiler 
manufacturer  designs  to  achieve  the 
proposed  standards.  Although  most  of 
tne  available  NO,  test  data  are  fiom  CE 
boilers,  the  Administrator  believes  that 
all  four  of  the  boiler  manufacturers  will 
be  able  to  supply  boilers  capable  of 
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achieving  the  standards.  This  conclusion 
is  supported  with  (1)  emission  test 
results  from  14  CE,  seven  Babcock  and 
Wilcox  (B&W),  three  Foster  Wheeler 
(FW),  and  four  Riley  Stoker  (RS)  utility 
boilers;  (2)  34  months  of  continuously 
monitored  NO,  emission  data  from 
seven  CE  boilers;  and  (3)  an  evaluation 
of  plans  imder  way  at  B&W,  FW,  and  RS 
to  develop  low-emission  burners  and 
furnace  designs.  Full-scale  tests  of  these 
burners  and  furnace  designs  have 
proven  their  effectiveness  in  reducing 
NO,  emissions  without  apparent  long¬ 
term  adverse  side  effects. 

Another  issue  raised  by  commenters 
concerned  the  effect  that  variations  in 
the  nitrogen  cpntent  of  coal  may  have  on 
achieving  the  NO,  standards.  The 
Adminstrator  recognizes  that  NO,  levels 
are  sensitive  to  the  nitrogen  content  of 
the  coal  burned  and  that  the  combustion 
of  high-nitrogen-content  coals  might  be 
expected  to  result  in  higher  NO, 
emissions  than  those  from  coals  with 
low  nitrogen  contents.  However,  the 
Administrator  also  recognizes  that  other 
factors  contribute  to  NO,  levels, 
including  moisture  in  the  coal,  boiler 
design,  and  boiler  operating  practice.  In 
the  Administrator’s  judgment  the 
emission  limits  for  NO,  are  achievable 
with  properly  designed  and  operated 
boilers  burning  any  coal,  regardless  of 
its  nitrogen  content  As  evidence  of  this, 
three  of  the  six  boilers  tested  by  EPA 
burned  coals  with  nitrogen  contents 
above  average,  and  yet  exhibited  NO, 
emission  levels  well  below  the 
standards.  The  three  boilers  that  burned 
coals  with  lower  nitrogen  contents  also 
exhibited  emission  levels  below  the 
standards.  'The  Administrator  believes 
this  is  evidence  that  at  NO,  levels  near 
210  and  260  ng/J  (0.50  and  0.60  lb/ 
million  Btu)  heat  input,  factors  other 
than  fiiel-nitrogen-content  predominate 
in  determining  final  emission  levels. 

A  number  of  commenters  expressed 
concern  over  the  potential  for 
accelerated  tube  wastage  (i.e., 
corrosion]  during  operation  of  a  boiler  in 
compliance  with  the  proposed 
standards.  Almost  all  of  the  300-hour 
and  30-day  coupon  corrosion  tests 
conducted  during  the  EPA-sponsored 
low-NO,  studies  indicate  that  corrosion 
rates  decrease  or  remain  stable  during 
operation  of  boilers  at  NO,  levels  as  low 
as  those  required  by  the  standards.  In 
the  few  instances  where  corrosion  rates 
increased  during  low-NO,  operation,  the 
increases  were  considered  minor.  Also, 
CE  has  guaranteed  that  its  new  boilers 
will  achieve  the  NO,  emission  limits 
without  increased  tube  corrosion  rates. 
Another  boiler  manufacturer.  B&W,  has 
developed  new  low-emissipn  burners 


that  minimize  corrosion  by  surrounding 
the  flame  in  an  oxygen-rich  atmosphere. 
The  other  boiler  manufacturers  have 
also  developed  techniques  to  reduce  the 
potential  for  corrosion  during  low-NO, 
operation.  The  Administrator  has 
received  no  contrasting  information  to 
the  effect  that  boiler  tube  corrosion 
rates  would  significantly  increase  as  a 
result  of  compliance  with  the  standards. 

Several  commenters  stated  that 
according  to  a  survey  of  utility  boilers 
subject  to  the  300  ng/)  (0.70  Ib/million 
Btu)  heat  input  standard  under  40  CFR 
Part  60,  Subpart  D,  none  of  the  boilers 
can  achieve  the  standard  promulgated 
here  of  260  ng/)  (0.60  Ib/million  Btu) 
heat  input  on  a  range  of  bituminous 
coals.  Three  of  the  six  utility  boilers 
tested  by  EPA  burned  bituminous  coal. 
(Two  of  these  boilers  were 
manufactured  by  CE  and  one  by  B&W.) 

In  addition,  the  Administrator  has 
reviewed  continuously  monitored  NO, 
data  from  two  CE  boilers  that  bum 
bituminous  coal.  Finally,  the 
Administrator  has  examined  NO, 
emission  data  obtained  by  the  boiler 
manufachuars  on  seven  CE,  four  B&W, 
three  FW.  and  three  RS  modem  boilers, 
all  of  vvdiich  bum  bituminous  coal. 

Nearly  all  of  these  data  are  below  the 
260  ng/J  (0.60  Ib/million  Btu)  heat  input 
standi.  The  Administrator  believes 
that  these  data  provide  adequate 
evidence  that  the  final  NO,  standard  for 
bituminous  ooal  is  achievable  by  all  four 
boiler  manufacturer  designs. 

An  issue  raised  by  several 
commenters  concerned  the  use  of 
catalytic  ammonia  injection  and 
advanced  low-emission  bimiers  to 
achieve'  NO,  emission  levels  as  low  as 
15  ng/J  (0.034  Ib/million  Btu)  heat  input 
Since  these  controls  are  not  yet, 
available,  the  commenters 
recommended  that  new  utility  boilers  be 
designed  with  sufficient  space  to  allow 
for  the  installation  of  ammonia  injection 
and  advanced  burners  in  the  future.  In 
the  meantime  the  commenters 
recommended  that  NO,  emissions  be 
limited  to  190  ng/J  (0.45  Ib/million  Btu) 
heat  input.  The  Administrator  believes 
that  the  technology  needed  to  achieve 
NO,  levels  as  low  as  15  ng/J  (0.034  lb/ 
million  Btu)  heat  input  has  not  been 
adequately  demonstrated  at  this  time. 
Although  a  pilot-scale  catalytic- 
ammonia-injection  system  has 
successfully  achieved  90  percent  NO, 
removal  at  a  coal-fired  u^ty  power 
plant  in  Japan,  operation  of  a  full-scale 
ammonia-injection  system  has  not  yet 
been  demonstrated  on  a  large  coal-fired 
boiler.  Since  the  Clean  Air  Act  requires 
that  emission  control  technology  for  new 
source  performance  standards  be 


adequately  demonstrated,  the 
Adniinistrator  cannot  justify 
establishing  a  low  NO,  standard  based 
on  unproven  technology.  Similarly,  the 
Administrator  cannot  justify  requiring 
boiler  designs  to  provide  for  possible 
future  installation  of  unproven 
technology. 

The  recommendation  that  NO, 
emissions  be  limited  to  190  ng/J  (0.45  lb/ 
million  Btu)  heat  input  is  based  on  boiler 
manufacturer  guarantees  in  California. 
(No  such  utility  boilers  have  been  built 
as  yet)  Although  manufacturer 
guarantees  are  appropriate  to  consider 
when  establishing  emission  limits,  they 
cannot  always  be  used  as  a  basis  for  a 
standard.  As  several  commenters  have 
noted,  manufacturers  do  not  always 
achieve  their  performance  guarantees. 
The  standard  is  not  established  at  this 
level,  because  emission  test  data  are  not 
available  which  demonstrate  that  a 
level  of  190  ng/J  (0.45  Ib/million  Btu) 
heat  input  can  be  continuously  achieved 
without  adverse  side  effects  when  a 
wide  variety  of  coals  are  burned. 

Regulatory  Analysis 

Executive  Order  12044  (March  24, 
1978],  whose  objective  is  to  improve 
Government  regulations,  requires 
executive  bran^  agencies  to  prepare 
regulatory  analyses  for  regulations  that 
may  have  major  economic  - 
consequences.  EPA  has  extensively 
analyzed  the  costs  and  other  impacts  of 
these  regulations.  These  analyses,  which 
meet  the  criteria  for  preparation  of  a 
regulatory  analysis,  are  contained 
within  the  preamble  to  the  proposed 
regulations  (43  FR  42154),  the 
background  documentation  made 
available  to  the  public  at  the  time  of 
proposal  (see  STUDIES.  43  FR  42171), 
this  preamble,  and  the  additional 
background  information  document 
accompanying  this  action  ("Electric 
Utility  Steam  Generating  Units, 
Back^ound  Information  for 
Promulgated  Emission  Standards,"  EPA- 
450/3-79-021).  Due  to  the  volume  of  this 
material  and  its  continual  development 
over  a  period  of  2-3  years,  it  is  not 
practical  to  consolidate  all  analyses  into 
a  single  document.  The  following 
discussion  gives  a  summary  of  the  most 
significant  alternatives  considered.  The 
rationale  for  the  action  taken  for  each 
pollutant  being  regulated  is  given  in  a 
previous  section. 

In  order  to  determine  the  appropriate 
form  and  level  of  control  for  the 
standards.  EPA  has  performed  extensive 
analysis  of  the  potential  national 
impacts  associated  with  the  alternative 
standards.  RPA  employed  economic 
models  to  forecast  the  structure  and 
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operating  characteriatics  of  the  utility 
ii^ustry  in  future  years.  These  nwdels 
project  the  environmental,  economic, 
and  energy  impacts  of  alternative 
standards  for  the  electric  utility 
industry.  The  major  analytical  efforts 
took  place  in  three  phases  as  described 
below. 

Phase  1.  The  initial  effort  comprised  a 
preliminary  analysis  completed  in  April 
1978  and  a  revised  assessment 
completed  in  August  1978.  These 
analyses  were  presented  in  the 
September  19. 1978  Federal  RegMe<r 
proposal  (43 1^  421M).  Corrections  to 
the  September  proposal  package  and 
additional  information  was  published  on 
November  27. 1978  (43  FR  55258). 

Further  details  of  die  analyses  can  be 
found  in  **Bad(ground  Information  for 
Proposed  SOt  Knission  Standards— 
Supplement.**  EPA  450/2-78-0078—1. 

Phase  2.  Following  the  September  19 
proposal,  the  EPA  staff  conducted 
adihtional  analysis  of  the  economic, 
environmental,  and  energy  impacts 
associated  nvith  various  alternative 
sulfur  dioxide  standards.  As  part  of  this 
effort,  the  EPA  staff  met  «rith 
reinresentatives  of  the  Department  of 
Energy,  Council  of  Economic  Advisors. 
Council  on  Wage  and  Price  Stability, 
and  othms  for  the  purpose  of 
reexamining  the  assumptions  used  for 
the  August  analysis  and  to  develop 
alternative  forms  of  the  standard  for 
analysis.  As  a  result,  certain 
assumptions  were  changed  and  a 
number  of  new  regulatory  alternatives 
were  defined.  The  EPA  staff  again 
employed  the  economic  model  that  was 
us^  in  August  to  project  the  national 
and  region^  impacts  associated  with 
each  alternative  considered. 

The  results  of  the  phase  2  analysis 
were  presented  and  discussed  at  the 
public  bearings  in  December  and  were 
published  in  the  Federal  Register  on 
December  8. 1978  (43  FR  7834). 

Phase  3.  Following  the  public 
hearings,  the  EPA  staff  continued  to 
analyze  the  impacts  of  alternative  sulfur 
dioxide  standards.  There  were  two 
primary  reasons  for  the  continuing 
analysis.  First,  the  detailed  analysis 
(separate  from  the  economic  modeling) 
of  regional  coal  production  impacts 
pointed  to  a  need  to  investigate  a  range 
of  higher  emission  limits. 

Secondly,  several  comments  were 
received  from  the  public  regarding  the 
potential  of  dry  stufor  dioxide  scrubbing 
systems.  The  phase  1  and  phase  2 
analyses  had  assumed  that  utilities 
would  use  wet  scrubbers  only.  Since  dry 
scrubbing  costs  substantially  less  then 
wet  scrubbing,  adoption  of  &e  dry 
technology  would  substantially  change 


the  economic,  energy,  and 
environmental  impacts  of  alternative 
sulfiir  dioxide  standards.  Hence,  the 
phase  3  analysis  focused  on  the  impacts 
of  alternative  standards  under  a  range 
of  emission  ceilings  assuming  both  wet 
technology  and  the  adoption  of  dry 
scrubbing  for  applications  in  whic^  ft  is 
.  technically  and  economically  feasible. 

Impacts  Analyzed 

The  environmental  impacts  of  die 
alternative  standards  were  examined  by 
projecting  pollutant  emissions.  The 
emissions  were  estimated  nationally 
and  by  geographic  region  for  each  plant 
type,  foel  type,  and  age  category.  The 
^A  staff  also  evaluated  die  waste 
products  that  would  be  generated  under 
alternative  standards. 

The  economic  and  financial  effects  of 
the  alternatives  were  examined.  This 
assessment  included  an  estimation  of 
the  utility  capital  expenditures  for  new 
plant  and  pollution  control  equipment  as 
wefi  as  the  fuel  costs  and  operating  and 
maintenance  expenses  associated  with 
the  plant  and  equipment  These  costs 
were  examined  in  terms  of  annualized 
costs  and  annual  revenue  requirements. 
The  impact  on  consumers  was 
determined  by  analyzing  the  effect  of 
the  alternatives  on  average  consumer 
costs  and  residential  electric  bills.  The 
alternatives  were  also  examined  fai 
terms  of  cost  per  ton  of  SO*  removal. 
Finally,  the  present  value  costs  of  the 
alternatives  were  calculated. 

The  effects  of  the  alternative 
proposals  on  energy  production  and 
constunption  were  also  analyzed. 
National  coal  use  was  projected  and 
broken  down  in  terms  of  production  and 
consumption  by  geographic  region.  The 
amount  of  western  coal  shipped  to  the 
Midwest  and  East  was  also  estimated. 

In  addition,  utility  consumption  of  oil 
and  natural  gas  was  analyzed. 

Major  Assiunptions 

Two  types  of  assumptions  have  an 
important  effect  on  the  results  of  the 
analyses.  The  first  group  involves  the 
model  structure  and  characteristics.  The 
second  group  includes  the  assumptions 
used  to  spedfy  future  economic 
conditions. 

The  utility  model  selected  for  this 
analysis  can  be  characterized  as  a  cost 
minimizing  economic  model.  In  meeting 
demand,  it  determines  the  most 
economic  mix  of  plant  capacity  and 
electric  generation  for  the  utility  system, 
based  on  a  consideration  of  construction 
and  operating  costs  for  new  plants  and 
variable  costs  for  existing  plants.  It  also 
determines  the  optimum  operating  level 
for  new  and  existing  plants.  This 


economic'based  decision  criteria  should 
be  kept  in  mind  when  analyzing  the 
model  results.  These  criteria  imply,  for 
example,  that  all  utilities  base  decisions 
on  lowest  costs  and  that  neutral  risk  is 
associated  with  alternative  choices. 

Such  assumptions  may  not  represent 
thS  utility  decision  making  process  in  all 
cases.  For  example,  the  model  assumes 
that  a  utility  bases  supply  decisions  on 
the  cost  of  constructing  and  operating 
new  capacity  versus  the  cost  of 
operating  existing  capacity. 
Environmentally,  this  implies  a  tradeoff 
between  emissions  from  new  and  old 
sources.  The  cost  minimization 
assmnption  Implies  that  in  meeting  the 
standi^  a  new  power  plant  will  mlly 
scrub  high-sulfur  coal  if  this  option  is 
cheaper  than  folly  or  partially  scrubbing 
low-sulfur  coal.  Often  the  model  will 
have  to  make  such  a  decision,  especially 
in  the  Midwest  where  utilities  can 
choose  between  burning  local  high- 
sulfur  or  imported  western  low-stilfur 
coal.  The  assumption  of  risk  neutrality 
implies  that  a  utility  will  always  choose 
the  low-cost  option.  Utilities,  however, 
may  perceive  full  scrubbing  as  involving 
more  risks  and  pay  a  premium  to  be  able 
to  partially  scrub  the  coal.  On  the  other 
hand,  they  may  perceive  risks 
associated  witii  long-range 
transportation  of  coal,  and  thus  opt  for 
full  control  even  thou^  partial  control 
is  less  costly. 

The  assumptions  used  in  the  analyses 
to  represent  economic  conditions  in  a 
given  year  have  a  significant  impact  on 
the  final  results  reached.  The  major 
assumptions  used  in  the  analyses  are 
shown  in  Table  1  and  the  significance  of 
these  parameters  is  summarized  below. 

The  growth  rate  in  demand  for  electric 
power  is  very  important  since  this  rate 
determines  the  amount  of  new  capacity 
which  will  be  needed  and  thus  directly 
affects  the  emission  estimates  and  the 
projections  of  pollution  control  costs.  A 
high  electric  demand  growth  rate  results 
in  a  larger  emission  reduction 
associated  with  the  proposed  standards 
and  also  results  in  higher  costs. 

The  nuclear  capacity  assumed  to  be 
installed  in  a  given  year  is  also 
important  to  Ae  analysis.  Because 
nuclear  power  is  less  expensive,  the 
model  will  predict  construction  of  new 
nuclear  plants  rather  than  new  coal 
plants.  Hence,  the  nuclear  capacity 
assumption  affects  the  amount  of  new 
coal  capacity  which  will  be  required  to 
meet  a  given  electric  demand  level.  In 
practice,  there  are  a  number  of 
constraints  which  limit  the  amount  of 
nuclear  capacity  which  can  be 
constructed,  but  for  this  study,  nuclear 
capacity  was  specified  approximately 
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equal  to  the  moderate  growth 
projections  of  the  Department  of  Energy. 

Tlie  oil  price  assumption  has  a  major 
impact  on  the  amoimt  of  predicted  new 
coal  capacity,  emissions,  and  oil 
consmnption.  Since  the  model  makes 
generation  decisions  based  on  cost,  a 
low  oil  price  relative  to  the  cost  of  • 
building  and  operating  a  new  coal  plant 
will  result  in  more  oil-Hred  generation 
and  less  coal  utilization.  This  results  in 
less  new  coal  capacity  which  reduces 
capital  costs  but  increases  oil 
consumption  and  fuel  costs  because  oil 
is  more  expensive  per  Btu  than  coal. 

This  shift  in  capacity  utilization  also 
affects  emissions,  since  an  existing  oil 
plant  generally  has  a  higher  emission 
rate  than  a  new  coal  plant  even  when 
only  partial  control  is  allowed  on  the 
new  plant 

Coal  transportation  and  mine  labor 
rates  both  affect  the  delivered  price  of 
coal.  The  assumed  transportation  rate  is 
generally  more  important  to  the 
predicted  consumption  of  low-sulfur 
coal  (relative  to  high-sulfur  coal),  since 
that  is  the  coal  type  which  is  most  often 
shipped  long  distances.  The  assumed 
mining  labor  cost  is  more  important  to 
eastern  coal  costs  and  production 
estimates  since  this  coal  production  is 
generally  much  more  labor  intensive 
than  western  coal. 

Because  of  the  uncertainty  involved  in 
predicting  future  economic  conditions, 
the  Administrator  anticipated  a  large 
number  of  comments  from  the  public 
regarding  the  modeling  assumptions. 
While  the  Administrator  would  have 
liked  to  analyze  each  scenario  under  a 
range  of  assumptions  for  each  critical 
parameter,  the  number  of  modeling 
inputs  made  such  an  approach 
impractical.  To  decide  on  the  best 
assumptions  and  to  limit  the  number  of 
sensitivity  runs,  a  joint  working  group 
was  formed.  The  group  was  comprised 
of  representatives  from  the  Department 
of  Energy,  Council  of  Economic 
Advisors,  Council  on  Wage  and  Price 
Stability,  and  others.  The  group 
reviewed  model  results  to  date, 
identified  the  key  inputs,  specified  the 
assumptions,  and  identihed  the  critical 
parameters  for  which  the  degree  of 
uncertainty  was  such  that  sensitivity 
analyses  should  be  performed.  Three 
months  of  study  resulted  in  a  number  of 
changes  which  are  reflected  in  Table  1 
and  discussed  below.  These 
assumptions  were  used  in  both  the 
phase  2  and  phase  3  analyses. 

After  more  evaluation,  the  joint 
working  group  concluded  that  the  oil 
prices  assumed  in  the  phase  1  analysis 
were  too  high.  On  the  other  hand,  no 
firm  guidance  was  available  as  to  what 


oil  prices  should  be  used.  In  view  of  this, 
the  working  group  decided  that  the  best 
course  of  action  was  to  use  two  sets  of 
oil  prices  which  reflect  the  best 
estimates  of  those  governmental  entities 
concerned  with  projecting  oil  prices.  The 
oil  price  sensitivity  analysis  was  part  of 
the  phase  2  analysis  which  was 
distributed  at  the  public  hearing.  Further 
details  are  available  in  the  draft  report 
"Still  Further  Analysis  of  Alternative 
New  Source  Performance  Standards  for 
New  Coal-Fired  Power  Plants  (docket 
number  IV-A-5]."  The  analysis  showed 
that  while  the  variation  in  oil  price 
affected  the  magnitude  of  emissions, 
costs,  and  energy  impacts,  price 
variation  had  little  effect  on  the  relative 
impacts  of  the  various  NSPS  alternatives 
tested.  Based  on  this  conclusion,  the 
higher  oil  price  was  selected  for 
modeling  purposes  since  it  paralleled 
more  closely  the  middle  range 
projections  by  the  Department  of 
&iergy. 

Reassessment  of  the  assumptions 
made  in  the  phase  1  analysis  also 
revealed  that  the  impact  of  the  coal 
washing  credit  had  not  been  considered 
in  the  modeling  analysis.  Other  credits 
allowed  by  the  September  proposal, 
such  as  sulfur  removed  by  the 
pulverizers  or  in  bottom  ash  and  flyash, 
were  determined  not  to  be  significant 
when  viewed  at  the  national  and 
regional  levels.  The  coal  washing  credit, 
on  the  other  hand,  was  found  to  have  a 
significant  effect  on  predicted  emissions 
levels  and,  therefore,  was  factored  into 
the  analysis.  . 

As  a  result  m  this  reassessment, 
refinements  also  were  made  in  the  fuel 
gas  desulfurization  (FGD)  costs 
assumed.  These  refinements  include 
changes  in  sludge  disposal  costs,  energy 
penalties  calculated  for  reheat,  and 
module  sizing.  In  addition,  an  error  was 
corrected  in  &e  calculation  of  partial 
scrubbing  costs.  These  changes  have 
resulted  in  relatively  higher  partial 
scrubbing  costs  when  compared  to  full 
scrubbing. 

Changes  were  made  in  the  FGD 
availability  assumption  also.  The  phase 
1  analysis  assumed  100  percent 
availability  of  FGD  systems.  This 
assumption,  however,  was  in  conflict 
with  ^A's  estimates  on  module 
availability.  In  view  of  this,  several 
alternatives  in  the  phase  2  analysis  were 
modeled  at  lower  system  availabilities. 
The  assumed  availability  was  consistent 
with  a  90  percent  availability  for 
individual  modules  when  the  system  is 
equipped  with  one  spare.  The  analysis 
also  took  into  consideration  the 
emergency  by-pass  provisions  of  the 
proposed  relation.  The  analysis 


showed  fiiat  lower  reliabilities  would 
result  in  somewhat  higher  emissions  and 
costs  for  both  the  partial  and  full  control 
cases.  Total  coal  capacity  was  slightly 
lower  under  full  control  and  slightly 
higher  under  partial  control.  While  it 
was  postulated  that  the  lower  reliability 
assumption  would  produce  greater 
adverse  impacts  on  full  control  than  on 
partial  control  options,  the  relative 
differences  in  impacts  were  found  to  be 
insignificant  Hence,  the  working  group 
discarded  the  reliability  issue  as  a  major 
consideration  in  the  analyzing  of 
national  impacts  of  full  and  partial 
control  options.  The  Administrator  still 
believes  that  the  newer  approach  better 
reflects  the  performance  of  well 
designed,  operated,  and  maintained 
FGD  systems.  However,  in  order  to 
expedite  the  analyses,  all  subsequent 
alternatives  were  analyzed  with  an 
assumed  system  reliability  of  100  . 
percent 

Another  adjustment  to  the  analysis 
was  the  incorporation  of  dry  SOt 
scrubbing  systems.  Dry  scrubbers  were 
assumed  to  be  available  for  both  new 
and  retrofit  applications.  The  costs  of 
these  systems  were  estimated  by  EPA’s 
Office  of  Research  and  Development 
based  on  pilot  plant  studies  and 
contract  prices  for  systems  currently 
under  construction.  Based  on  economic 
analysis,  the  use  of  dry  scrubbers  was 
assumed  for  low-sulfur  coal  (less  than 
1290  ng/J  or  3  lb  SOt/million  Btu) 
applications  in  which  the  control 
requirement  was  70  percent  or  less.  For 
hi^er  sulfur  content  coals,  wet 
scrubbers  were  assumed  to  be  more 
economical.  Hence,  the  scenarios 
characterized  as  using  “dry"  costs 
contain  a  mix  of  wet  and  dry  technology 
whereas  the  “wet"  scenarios  assume 
wet  scrubbing  technology  only. 

Additional  refinements  included  a 
change  in  the  capital  charge  rate  for 
pollution  control  equipment  to  conform 
to  the  Federal  tax  laws  on  depreciation, 
and  the  addition  of  100  billion  tons  of 
coal  reserves  not  previously  accounted 
for  in  the  model 

Finally,  a  number  of  less  significant 
adjustments  were  made.  These  included 
adjustments  in  nuclear  capacity  to 
reflect  a  cancellation  of  a  plant, 
consideration  of  oil  consiunption  in 
transporting  coal  and  the  adjustment  of 
costs  to  1978  dollars  rather  than  1975 
dollars.  It  should  be  understood  that  all 
reported  costs  include  the  costs  of 
complying  with  the  proposed  particulate 
matter  standard  and  NO,  standards,  as 
well  as  the  sulfur  dioxide  alternatives. 
The  model  does  not  incorporate  the 
Agency's  PSD  regulations  nor 
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forthcoming  requirements  to  protect 
visil^ity. 

PubMc  ConuMiits 

Following  the  September  proposal,  a 
munber  of  conunents  were  received  on 
the  impact  analysis.  A  great  number 
focus^  on  the  model  inputs,  which 
were  reviewed  in  detail  by  the  joint 
working  group.  Members  of  the  joint 
woriung  group  represented  a  spectrum 
of  expertise  (energy,  jobs,  environment, 
inflation,  commerce).  The  following 
paragraphs  discuss  only  those 
conunents  addressed  to  parts  of  the 
analysis  which  were  not  discussed  in 
the  preceding  section. 

One  commenter  suggested  that  the' 
costs  of  complyi^  with  State 
Implementation  Plan  (SIP)  regulations 
and  prevention  of  significant 
deterioration  requirements  should  not 
be  charged  to  the  standards.  These  costs 
are  not  charged  to  the  standards  in  the 
analyses.  Control  requirements  under 
PSD  are  based  on  site  specific,  case-by- 
oase  decisions  for  which  the  standards 
serves  as  a  minimum  level  of  control 
Since  these  judgments  caimot  be 
forecasted  accurately,  no  additional 
ccmtrol  was  assumed  by  the  model 
beyond  the  requirements  of  these 
standards.  In  addition,  the  cost  of 
meeting  the  various  SIP  regulations  was 
included  as  a  base  cost  in  all  the 
scenarios  modeled.  Thus,  any  forecasted 
cost  differences  among  alternative 
standards  reflect  differences  in  utility 
expenditures  attributable  to  changes  in 
the  standards  only. 

Another  commenter  believed  that  the 
time  horizon  for  the  analysis  (1990/1995) 
was  too  short  since  most  plants  on  line 
at  that  time  will  not  be  subject  to  the 
revised  standard.  Beyond  1995,  our  data 
show  that  many  of  the  power  plants  on 
line  today  will  be  approaching 
retirement  age.  As  utilization  of  older 
capacity  declines,  demand  will  be 
picked  up  by  newer,  better  controlled 
plants.  As  this  replacement  occurs, 
national  SOt  emissions  will  begin  to 
decline.  Based  on  this  projection,  the 
A.dmini8trator  believes  that  the  1990- 
1M5  time  frame  will  represent  the  peak 
years  for  SOs  emissions  and  is, 
therefore,  the  relevant  time  frame  for 
this  analysis. 

Use  of  a  higher  general  inflation  rate 
was  suggested  by  one  commenter.  A 
distinction  must  be  made  between 
general  inflation  rates  and  real  cost 
escalation.  Recognizing  the  uncertainty 
of  future  inflation  rates,  the  EPA  staff 
conducted  the  economic  analysis  in  a 
manner  that  minimized  reliance  on  this 
assumption.  All  construction,  operating, 
and  fuel  costs  were  expressed  as 
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constemt  year  dollars  and  therefore  the 
analysis  is  not  affected  by  the  inflation 
rate.  Only  real  cost  escalation  was 
included  in  the  economic  analysis.  The 
inflation  rates  will  have  an  impact  on 
the  present  value  discount  rate  chosen 
since  this  factor  equals  the  inflation  rate 
plus  the  real  discount  rate.  However, 
this  impact  is  constant  across  all 
scenarios  and  will  have  little  impact  on 
the  conclusions  of  the  analysis. 

Another  commenter  opposed  the 
presentation  of  economic  impacts  in 
terms  of  monthly  residential  electric 
bills,  since  this  treatment  neglects  the 
impact  of  higher  energy  costs  to 
industry.  The  Administrator  agrees  with 
this  comment  and  has  included  indirect 
consumer  impacts  in  the  analysis.  Based 
on  results  of  previous  analysis  of  the 
electric  utility  Industry,  about  half  of  the 
total  costs  due  to  pollution  control  are 
felt  as  direct  increases  in  residential 
electric  bills.  The  increased  costs  also 
flow  into  the  commercial  and  industrial 
sectors  Kidiere  they  appear  as  increased 
costs  of  consumer  go^s.  Since  the 
Administrator  is  maware  of  any 
evidence  of  a  multiplier  effect  on  these 
costs,  straight  cost  pass  through  was 
assumed,  ^sed  on  this  analysis,  the 
indirect  consumer  impacts  (Table  5) 
were  ooncluded  to  be  equal  to  the 
nkonthly  residential  bills  (“Economic 
and  Financial  Impacts  of  Federal  Air 
and  Water  Pollution  Controls  on  the 
Electric  Utility  Industry,”  EPA-230/3- 
76/013,  May  1076). 

One  utility  company  commented  that 
the  model  did  not  adequately  simulate 
utility  operation  since  it  did  not  carry 
out  hour-by-hour  dispatch  of  generating 
units.  The  model  dispatches  by  means  of 
load  duration  cuives  which  were 
develop^  for  each  of  35  demand 
regions  across  the  United  States. 
Development  of  these  curves  took  into 
consideration  representative  daily  load 
curves,  traditional  utility  reserve 
margins,  seasonal  demand  variations, 
and  historical  generation  data.  The 
Administrator  believes  that  this 
approach  is  adequate  for  forecasting 
long-term  impacts  since  it  plans  for 
meeting  short-term  peak  demand 
requirements. 

Summary  of  Results 

The  final  results  of  the  analyses  are 
presented  in  Tables  2  through  5  and 
discussed  below.  For  the  three 
alternative  standards  presented, 
emission  limits  and  percent  reduction 
requirements  are  30-day  rolling 
averages,  and  each  standard  was 
analyzed  with  a  particulate  standard  of 
13  ng/J  (0.03  Ib/million  Btu)  and  the 
proposed  NO,  standards.  The  full 


Rules  and  Regulations 


control  option  was  specified  as  a  520 
ng/I  (1.2  Ib/million  )^)  emission  limit 
vdth  a  90  percent  redu^on  in  potential 
SOi  emissions.  The  other  options  are  the 
same  as  full  control  except  when  the 
emissions  to  the  atmosphere  are 
reduced  below  260  ng/J  (0.6  Ib/million 
Btu)  in  which  case  the  minimum  percent 
reduction  requirement  is  reduced.  The 
variable  control  option  requires  a  70 
percent  minimum  reduction  and  the 
partial  control  option  has  a  33  percent 
minimum  reduction  requirement.  The 
impacts  of  each  option  were  forecast 
first  assuming  the  use  of  wet  scrubbers 
only  and  then  assuming  introduction  of 
dry  scrubbUig  technolo^.  In  contrast  to 
the  September  proposaTwhich  focused 
on  19%  impacts,  the  analytical  results 
presented  today  are  for  the  year  1995. 
The  Administrator  believes  that  1995 
better  represents  the  differences  among 
alternatives  since  more  new  plants 
subject  to  the  standard  will  be  on  line 
by  1995.  Results  of  the  1990  analyses  are 
available  in  the  public  record. 

Wet  Scrubbing  Results 

The  projected  SOa  emissions  from 
utility  boilers  are  shown  by  plant  type 
and  geographic  region  in  Tables  2  and  3. 
Table  2  details  the  1995  national  SOa 
emissions  resulting  from  different  plant 
types  and  age  grows.  These  standards 
will  reduce  1995  S6a  emissions  by  about 
3  million  tons  per  year  (13  percent)  as 
compared  to  the  current  standards.  The 
emissions  from  new  plants  directly 
affected  by  the  standards  are  reduced 
by  up  to  55  percent.  The  emission 
reduction  from  new  plants  is  due  in  part 
to  lower  emission  rates  and  in  part  to 
reduced  coal  consumption  predicted  by 
the  model.  The  reduced  co^ 
consumption  in  new  plants  results  from 
the  increased  cost  of  constructing  and 
operating  new  coal  plants  due  to 
pollution  controls.  With  these  increased 
costs,  the  model  predicts  delays  in 
construction  of  new  plants  and  changes 
in  the  utilization  of  these  plants  after 
start-up.  Reduced  coal  consumption  by 
new  plants  is  accompanied  by  higher 
utilization  of  existing  plants  and 
combustion  turbines.  This  shift  causes 
increased  emissions  from  existing  coal- 
and  oil-fired  plants,  which  partially 
offsets  the  emission  reductions  achieved 
by  new  plants  subject  to  the  standard. 

Projections  of  1995  regional  SOt 
emissions  are  summarized  in  Table  3. 
Emissions  in  the  East  are  reduced  by 
about  10  to  13  percent  as  compared  to 
predictions  under  the  current  standards, 
whereas  Midwestern  emissions  are 
reduced  only  slightly.  The  smaller 
reductions  in  the  Midwest  are  due  to  a 
slow  growth  of  new  coal-fired  capacity. 


33606  Federal  Register  /  Vol.  44.  No.  113  /  Monday.  June  11.  1979  /  Rules  and  Regulations 


In  general,  introductions  of  coal-fired 
capacity  tends  to  reduce  emissions  since 
new  coal  plants  replace  old  coal-  and 
oil-fired  units  which  have  higher 
emission  rates.  The  greatest  emission 
reduction  occurs  in  Oie  West  and  West 
South  Central  regions  where  significant 
growth  is  expected  and  today’s 
emissions  are  relatively  low.  For  these 
two  regions  combined,  the  full  control 
option  reduces  emissions  by  40  percent 
from  emission  levels  under  the  current 
standards,  while  the  partial  and  variable 
options  produce  reductions  of  about  30 
percent. 

Table  4  illustrates  the  effect  of  the 
proposed  standards  on  1995  coal 
production,  western  coal  shipped  east, 
and  utility  oil  and  gas  consumption. 
National  coal  production  is  predicted  to 
triple  by  1995  under  all  the  alternative 
standards.  This  increased  demand 
raises  production  in  all  regions  of  the 
country  as  compared  to  1975  levels. 
Considering  these  major  increases  in 
national  production,  the  small 
production  variations  among  the 
alternatives  are  not  large.  Compared  to 
production  under  the  current  standards, 
production  is  down  somewhat  in  the 
West,  Northern  Great  Plains,  and 
Appalachia,  while  production  is  up  in 
the  Midwest.  These  shifts  occur  because 
of  the  reduced  economic  advantage  of  - 
low-sulfur  coals  under  the  revised 
standards.  While  three  times  higher  than 
1975  levels,  western  coal  shipped  east  is 
lower  under  all  options  than  imder  the 
current  standards. 

Oil  consumption  in  1975  was  1.4 
million  barrels  per  day.  The  3.1  million 
barrels  per  day  figure  for  1975 
consumption  in  Table  4  includes  utility 
natural  gas  consumption  (equivalent  of 
1.7  million  barrels  per  day]  which  the 
analysis  assumed  would  be  phased  out 
by  1990.  Hence,  in  1995,  the  1.4  million 
barrel  per  day  projection  under  current 
standards  reflects  retirement  of  existing 
oil  capacity  and  offsetting  increases  in 
consumption  due  to  gas-to-oil 
conversions. 

Oil  consumption  by  utilities  is 
predicted  to  increase  under  all  the 
options.  Compared  to  the  current 
standards,  increased  consumption  is 
200,000  barrels  per  day  under  the  partial 
and  variable  options  and  400,000  barrels 
per  day  under  full  control.  Oil 
consumption  differences  are  due  to  the 
higher  costs  of  new  coal  plants  under 
these  standards,  which  causes  a  shift  to 
more  generation  from  existing  oil  plants 
and  combustion  turbines.  This  shift  in 
generation  mix  has  important 
implications  for  the  decision-making 
process,  since  the  only  assumed 
constraint  to  utility  oil  use  was  the 


price.  For  example,  if  national  energy 
policy  imposes  other  constraints  which 
phase  out  or  stabilize  oil  use  for  electric 
pmwer  generation,  then  the  differences 
in  both  oil  consumption  and  oil  plant 
emissions  (Table  2)  across  the  various 
standards  will  be  mitigated. 

Constraining  oil  consumption,  however, 
will  spread  cost  differences  among 
standards. 

The  economic  effects  in  1995  are 
shown  in  Table  5.  Utility  capital 
expenditures  increase  under  all  options 
as  compared  to  the  $770  billion 
estimated  to  be  required  through  1995  in 
the  absence  of  a  change  in  the  standard. 
The  capital  estimates  in  Table  5  are 
increments  over  the  expenditures  under 
the  current  standard  and  include  both 
plant  capital  (for  new  capacity)  and 
pollution  control  expenditures.  As 
shown  in  Table  2.  the  model  estimates 
total  industry  coal  capacity  to  be  about 
17  GW  (3  percent)  greater  under  the 
non-uniform  control  options.  The  cost  of 
this  extra  capacity  makes  the  total 
utility  capital  expenditures  higher  under 
the  partial  and  variable  options,  than 
under  the  full  control  option,  even 
though  pollution  control  capital  is  lower. 

Annualized  cost  includes  levelized 
capital  charges,  fuel  costs,  and  ^ 
operation  and  maintenance  costs 
associated  with  utility  equipment  All  of 
the  options  cause  an  increase  in 
annualized  cost  over  the  current 
standards.  This  increase  ranges  from  a 
low  of  $3.2  billion  for  partial  control  to 
$4.1  billion  for  full  control,  compared  to 
the  total  utility  annualized  costs  of 
about  $175  billion. 

The  average  monthly  bill  is 
determined  by  estimating  utility  revenue 
requirements  which  are  a  function  of 
capital  expenditures,  fuel  costs,  and 
operation  and  maintenance  costs.  The 
average  bill  is  predicted  to  increase  only 
slightly  under  any  of  the  options,  up  to  a 
maximum  3-percent  increase  shown  for 
full  control.  Over  half  of  the  large  total 
increase  in  the  average  monthly  bill 
over  1975  levels  ($25.50  per  month)  is 
due  to  a  significant  increase  in  the 
amoimt  of  electricity  used  by  each 
customer.  Pollution  control 
expenditures,  including  those  to  meet 
the  current  standards,  account  for  about 
15  percent  of  the  increase  in  the  cost  per 
kilowatt-hour  while  the  remainder  of  the 
cost  increase  is  due  to  capital  intensive 
capacity  expansion  and  real  escalations 
in  construction  and  fuel  cost. 

Indirect  consumer  impacts  range  from 
$1.10  to  $1.60  per  month  depending  on 
the  alternative  selected.  Indirect 
consumer  impacts  reflect  increases  in 
consumer  prices  due  to  the  increased 


energy  costs  in  the  commercial  and 
industrial  sectors. 

The  incremental  costs  per  ton  of  SOt 
removal  are  also  shown  in  Table  5.  The 
figures  are  determined  by  dividing  the 
change  in  annualized  cost  by  the  change 
in  ajinual  emissions,  as  compared  to  the 
ciurent  standards.  These  ratios  are  a 
measure  of  the  cost  effectiveness  of  the 
options,  where  lower  ratios  represent  a 
more  efficient  resource  allocation.  All 
the  options  result  in  higher  cost  per  ton 
than  the  current  standards  with  the  full 
control  option  being  the  most  expensive. 

Another  measure  of  cost  effectiveness 
is  the  average  doUar-per-ton  cost  at  the 
plant  level.  This  figure  compares  total 
pollution  control  cost  with  total  SO« 
emission  reduction  for  a  model  plant 
This  average  removal  cost  varies 
depending  on  the  level  of  control  and 
the  coal  sulfur  content  The  range  for  full 
control  is  fi-om  $325  per  ton  on  high- 
sulfur  coal  to  $1,700  per  ton  on  low- 
sulfur  coal.  On  low-sulfur  coals,  the 
partial  control  cost  is  $2,000  per  ton,  and 
the  variable  cost  is  $1,700  per  ton. 

The  economic  analyses  also  estimated 
the  net  present  value  cost  of  each 
option.  Present  value  facilitates 
comparison  of  the  options  by  reducing 
the  streams  of  capital,  fuel,  and 
operation  and  maintenance  expenses  to 
one  number.  A  present  value  estimate 
allows  expenditures  occiuring  at 
different  times  to  be  evaluated  on  a 
similar  basis  by  discounting  the 
expenditiu^s  back  to  a  fixed  year.  The 
costs  chosen  for  the  present  value 
analysis  were  the  incremental  utility 
revenue  requirements  relative  to  the 
current  NS^.  These  revenue 
requirements  most  closely  represent  the 
costs  faced  by  consiuners.  Table  5 
shows  that  the  present  value  increment 
for  1995  capacity  is  $41  billion  for  full 
control,  $37  billion  for  variable  control, 
and  $32  billion  for  partial  control. 

Dry  Scrubbing  Results 

Tables  2  through  5  also  show  the 
impacts  of  the  options  under  the 
assumption  that  dry  SO*  scrubbing 
systems  penetrate  the  pollution  control 
market  ‘Diese  analyses  assume  that 
utilities  will  install  dry  scrubbing 
systems  for  all  applications  where  they 
are  technologically  feasible  and  less 
costly  than  wet  systems.  (See  earlier 
discussion  of  assumptions.) 

The  projected  SOt  emissions  fit>m 
utility  boilers  are  shown  by  plan  type 
and  geographic  region  in  Tables  2  and  3. 
National  emission  projections  are 
similar  to  the  wet  scrubbing  results. 
Under  the  dry  control  assumption, 
however,  the  variable  control  option  is 
predicted  to  have  the  lowest  national 
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emissions  primarily  due  to  lower  oil 
plant  emissions  relative  to  the  full 
control  option.  Partial  control  produces 
more  emissions  than  variable  control 
because  of  higher  emissions  from  new 
plants.  Compared  to  the  current 
standards,  regional  emission  impacts 
are  also  similar  to  the  wet  scrubbing 
projections.  Full  control  results  in  the 
lowest  emissions  in  the  West,  while 
variable  control  results  in  the  lowest 
emissions  in  the  East.  Emissions  in  the 
Midwest  and  West  South  Central  are 
relatively  unaffected  by  the  options. 

Inspection  of  Tables  2  and  3  shows 
that  with  the  dry  control  assumption  the 
current  standard,  full  control,  and 
partial  control  cases  produce  slightly 
higher  emissions  than  the  corresponding 
wet  control  cases.  This  is  due  to  several 
factors,  the  most  important  of  which  is  a 
shift  in  the  generation  mix.  This  shift 
occurs  because  dry  scrubbers  have 
lower  capital  costs  and  higher  variable 
costs  than  wet  scrubbers  and,  therefor, 
the  two  systems  have  different  effects 
on  the  plant  utilization  rates.  The  higher 
variable  costs  are  due  primarily  to 
transportation  diarges  on  intermediate 
to  low  sulfur  coal  which  must  be  used 
with  dry  scrubbers.  The  increased 
variable  cost  of  dry  controls  alters  the 
dispatch  order  of  existing  plants  so  that 
older,  uncontrolled  plants  operate  at 
relatively  higher  capacity  factors  than 
would  occur  under  the  wet  scrubbing 
assumption,  hence  increasing  total 
emissions.  Another  factor  affecting 
emissions  is  utility  coal  selection  which 
may  be  altered  by  differences  in 
pollution  control  costs. 

Table  4  shows  the  effect  to  the 
proposed  standards  on  fuels  in  1995. 
National  coal  production  remains 
essentially  the  same  whether  dry  or  wet 
controls  are  assumed.  However,  the  use ' 
of  dry  controls  causes  a  slight 
reallocation  in  regional  coal  production, 
except  under  a  full  control  option  where 
dry  controls  cannot  be  applied  to  new 
plants.  Under  the  variable  and  partial 
options  Appalachian  production 
increases  somewhat  due  to  greater 
demand  for  intermediate  sulhir  coals 
while  Midwestern  coal  production 
declines  slightly.  The  non-uniform 
options  also  result  in  a  small  shifting  in 
the  western  regions  with  Northern  Great 
Plains  production  declining  and 
production  in  the  rest  of  West 
increasing.  The  amount  of  western  coal 
shipped  east  imder  the  current  standard 
is  reduced  from  122  million  to  99  million 
tons  (20%  decrease)  due  to  the  increased 
use  of  eastern  intermediate  sulfur  coals 
for  dry  scrubbing  applications.  Western 
coal  shipped  east  is  reduced  further  by 
the  revised  standards,  to  a  low  of  55 


million  tons  under  full  control.  Oil 
impacts  under  the  dry  control 
assiunption  are  identical  to  the  wet 
control  cases,  with  full  control  resulting 
in  increased  consumption  of  200 
thousand  barrels  per  day  relative  to  the 
partial  and  variable  options. 

The  1995  economic  effects  of  these 
standards  are  presented  in  Table.  5.  In 
general,  the  dry  control  assumption 
results  in  lower  costs.  However,  when 
comparing  the  dry  control  costs  to  the 
wet  control  figures  it  must  be  kept  in 
mind  that  the  cost  base  for  comparison, 
the  current  standards,  is  different  under 
the  dry  control  and  wet  control 
assumptions.  Thus,  while  the 
uncremental  costs  of  full  control  are 
higher  under  the  dry  scrubber 
assumption  the  total  costs  of  meeting 
the  standard  is  lower  than  if  wet 
controls  were  used. 

The  economic  impact  figures  show 
that  when  dry  controls  are  assumed  the 
cost  savings  associated  with  the 
variable  and  partial  options  is 
signifrcantly  increased  over  the  wet 
control  cases.  Relative  to  full  control  the 
partial  control  option  nets  a  savings  of 
$1.4  billion  in  annualized  costs  wltich 
equals  a  $14  billion  net  present  value 
savings.  Variable  control  results  in  a 
$1.1  billion  annualized  cost  savings 
which  is  a  savings  of  $12  billion  in  net 
present  value.  These  changes  in  utility 
costs  affect  the  average  residential  b^ 
only  slightly,  with  partial  control 
resulting  in  a  savings  of  $.50  per  month 
and  variable  control  savings  of  $.40  per 
month  on  the  average  bill,  relative  to  full 
control. 

Conclusions 

One  finding  that  has  been  clearly 
demonstrated  by  the  two  years  of 
analysis  is  that  lower  emission 
standards  on  new  plants  do  not 
necessarily  result  in  lower  national  SOi 
emissions  when  total  enussions  frnm  the 
entire  utility  system  are  considered. 
There  are  two  reasons  for  this  finding. 
First,  the  lowest  emissions  tend  to  result 
from  strategies  that  encourage  the 
construction  of  new  coal  capacity.  This 
capacity,  almost  regardless  of  the 
alternative  analyzed,  will  be  less 
polluting  than  the  existing  coal-  or  oil- 
fired  capacity  that  it  replaces.  Second, 
the  higher  cost  of  operating  the  new 
capacity  (due  to  hi^er  pollution  costs)_ 
may  cause  the  newer,  cleaner  plants  tcT 
be  utilized  less  than  they  would  be 
under  a  less  stringent  alternative.  These 
situations  are  demonstrated  by  the 
analyses  presented  here. 

The  variable  control  option  produces 
emissions  that  are  equal  to  or  lower 
than  the  other  options  under  both  the 


wet  and  dry  scrubbing  assumptions. 
Compared  to  full  control,  variable 
control  is  predicted  to  result  in  12  GW  to 
17  GW  more  coal  capacity.  This 
additional  capacity  replaces  dirtier 
existing  plants  and  compensates  for  the 
slight  increase  in  emissions  from  new 
plants  subject  to  the  standards,  hence 
causing  emissions  to  be  less  than  or 
equal  to  full  control  emissions 
depending  on  scrubbing  cost  assumption 
(i.e.,  wet  or  dry).  Partial  control  and 
variable  control  produce  about  the  same 
'  coal  capacity,  but  the  additional  300 
thousand  ton  emission  reduction  from 
new  plants  causes  lower  total  emissions 
under  the  variable  option.  Regionally,  all 
the  options  produce  about  the  same 
emissions  iil  the  Midwest  and  West 
South  Central  regions.  Full  control 
produces  200  thousands  tons  less 
emissions  in  the  West  than  the  variable 
option  and  300  thousand  tons  less  than 
partial  control.  But  the  variable  and 
partial  options  produce  between  200  and 
300  thousand  tons  less  emissions  in  the 
East. 

The  variable  and  partial  control 
options  have  a  clear  advantage  over  full 
control  with  respect  to  costs  under  both 
the  wet  and  dry  scrubbing  assumptions. 
Under  the  dry  assumption,  which  the 
Administrator  believes  represents  the 
best  prediction  of  utility  behavior, 
variable  contnd  saves  about  $1.1  billion 
per  year  relative  to  full  control  and 
partial  control  saves  an  additional  $0.3 
billion. 

All  the  options  have  similar  impacts 
on  coal  prc^uction  especially  when 
considering  the  large  increase  predicted 
over  1975  production  levels.  With 
respect  to  oil  consumption,  however,  the 
full  control  option  causes  a  200,000 
barrel  per  day  increase  as  compared  to 
both  the  partial  and  variable  options. 

Based  on  these  analyses,  the 
Administrator  has  concluded  that  a  non- 
uniform  control  strategy  is  best 
considering  the  environmental,  energy, 
and  economic  impacts  at  both  national 
and  regional  levels.  Compared  to  other 
options  analyzed,  the  variable  control 
standard  presented  above  achieves  the 
lowest  emissions  in  an  efficient  manner 
and  will  not  disrupt  local  or  regional 
coal  markets.  Moreover,  this  option 
avoids  the  200  thousand  barrel  per  day 
oil  penalty  which  has  been  predicted 
under  a  number  of  control  options.  For 
these  reasons,  the  Administrator 
believes  that  the  variable  control  option 
provides  the  best  balance  of  national 
environmental,  energy,  and  economic 
objectives.  __ 
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Tabto  \.—Key  Modeling  Assumptions 


Nudear  capacrty.. 


Oil  pnoM  ($  19751- 


Coal  tranaportatow . 

Coal  nanng  labor  ooaii _ 

Capital  charge  rate _ _ 

Coal  reporting  baaia _ _ _ - _ 

FGO  ooata  — . . . 

Coal  deanng  credM . . 

Bottom  ash  and  fly  asb  oonlenl . 


1975-1965:  4J%/»r 
1965-1995:  4.0%. 

1965:  97  GW. 

1990:  165. 

1995:  228. 

1965:  $12.6(Vbbl 
199a  S16.40. 

1995:  $21.00. 

1%  per  year  real  increeae. 

U.M.W.  settlement  and  1%  real  increaie  thereafter. 

12.5%  ter  pollution  oonbol  e^wndHuraa. 

1978  dollars. 

No  change  from  phase  2  analysis  aacept  lor  «is  addNion  ol  (by 
*  scrubbing  systems  ter  certain  appicattons. 

5%-35%  SO,  reduction  assumed  tar  stdlur  biluminoua  coals 
only. 

No  cr^  assumed 


TaMo  2. — National  1995  SOt  Emissions  From  Utility  Boilers  * 


Le/el  olconbol* 


1975  Current  standards 
actual 


Partial  oonbol 
33%  mnimum 


Variable  control 
70%  mMmum 


SIP/NSPS  Pl«il*‘. 

New  Plants* _ _ _ 

on  Plants . . 

— 

Wet* 

15S 

7.1 

1.0 

Dty* 

16.6 

70 

1.0 

Wet 

160 

3.1 

1.4 

Dry 

16.2 

3.1 

M 

Wet 

15.9 

3S 

IS 

Oy 

16S 

9A 

IS 

16.0 

3S 

IS 

Dy 

16.1 

3.1 

IS 

Total  Naiianal 

Emwaiona _ 

18S 

Zil 

23S 

20.6 

20.7  ’ 

206 

20S 

20.6 

20.5 

Total  Coal 

CapidiytGW) - 

205 

552 

554 

521 

520 

534 

537 

533 

537 

Sludge  generated  (niMon 
tonsdry) _  _ 

,,,,, . . 

23 

Zl 

55 

56 

43 

39 

SO 

41 

‘Results  of  joint  EPA/DOE  analyaes  completed  in  May  1979  based  on  oil  prices  of  $12.90.  $16.40, wid  $21.00/bbl  fei  the 
years  1965, 1990,  and  1906,  respecawely. 

*  With  520  ng/ J  mosiinum  emission  bmil 

*  Ptantt  subject  to  enisling  State  regulations  or  the  current  NSPS  of  1.2  ti  SOi/mMion  BTU. 

*  Based  on  aret  SO,  scrubbing  costs. 

’  Based  on  dry  SO,  scrubbing  costs  where  applicable. 

'  Plants  subject  to  the  revised  standards. 


Tabit  X’—Peglonal  1995  SO,  Emissions  From  Utility  Boilers* 
{Million  tons) 


Level  ol  control* 


1975  Current  standards  FuN  control 


Mtsi'  Oy*  Wet  Dry 


Partial  corwol  Vaiiable  oorwol 
33%  nsnSnum  70%  mMinum 

Wet  Oy  Wet  Dy 


Total  National 
Efietaiona _ 

18.6 

23.7 

23S 

20.6 

20.7 

20S 

20.9 

80S 

20.5 

nsQiontf  Emissions! 

Essi* _ 

IIS 

IIS 

10.1 

10.1 

OS 

S8 

9.8 

S7 

MiOwaet* 

8.1 

8S 

7S 

7S 

7S 

8S 

7S 

OS 

West  Soute  Central* _ 

_ 

S6 

2.6 

1.7 

1.7 

IS 

IS 

IS 

1.7 

West* _ _ 

— 

1.7 

1.7 

0.9 

0.9 

IS 

IS 

1.1 

1.1 

Total  Coal 

Capacity  (QW) - 

205 

652 

554 

521 

520 

534 

537 

533 

537 

*  Results  at  taint  EPA/DOE  anahrtes  completed  in  May  1979  based  on  on  pnoes  at  $12.90,  $16.40,  and  $21.00/bbl  In  the 
years  1965. 1990,  and  1995,  raapectNsty. 

*  With  520  ng/J  maximum  emisaion  ImH. 

*  Based  on  wet  SO,  scrubbing  costs. 

*  Based  on  dry  SO,  scrubbing  costs  yrtiere  appficable. 

*  New  England,  Mktdte  Altanlic,  Sotdh  Atlantic,  and  East  South  Onaai  Census  Regiona. 

'East  NorVi  CanM  and  West  North  Central  Census  Regions. 

*  West  South  Caniral  Census  Regioa 

[  *  Mountain  and  PacMc  Census  Regions. 


Perfotmance  Testing 

Particulate  Matter 

The  final  regulations  require  that 
'  Method  5  or  17  under  40  CFR  Part  60, 
Appendix  A,  be  used  to  determine 
compliance  with  the  particulate  matter 
emission  limit.  Particulate  matter  may 
be  collected  with  Method  S  at  an 
outstack  filter  temperature  up  to  160  C 
(320  F);  Method  17  may  be  used  when 
stack  temperatures  are  less  than  160  C 
(320  FJ.  Compliance  with  the  opacity 
standard  in  the  final  regulation  is 
determined  by  means  of  Method  9, 
under  40  CFR  Part  60,  Appendix  A.  A 
transmissometer  that  meets 
Performance  Specification  1  under  40 
CFR  Part  60.  Appendix  B  is  required. 

Several  comments  were  received 
which  questioned  the  accuracy  of 
Methods  5  and  17  when  used  to  measure 
particulate  matter  at  the  level  of  the 
standard.  The  accuracy  of  Methods  5 
and  17  is  dependent  on  the  amount  of 
sample  collected  and  not  the 
concentration  in  the  gas  stream.  To 
maintain  an  accuracy  comparable  to  the 
accuracy  obtained  when  testing  for 
mass  emission  rates  higher  than  the 
standard,  it  is  necessary  to  sample  for 
longer  times.  For  this  reason,  the 
regulation  requires  a  minimum  sampling 
time  of  120  minutes  and  a  minimum 
sampling  volume  of  1.7  dscm  (60  dscf). 

Three  comments  raised  the  issue  of 
potential  interference  of  acid  mist  with 
the  measurement  of  particulate  matter. 
The  Administrator  recognized  this  issue 
prior  to  proposal  of  the  regulations.  In 
the  preamble  to  the  propoi^ 
regulations,  the  Adininistrator  indicated 
that  investigations  would  continue  to 
determine  the  extent  of  the  problem.  A 
series  of  tests  at  an  FQD-equipped 
facility  burning  3-percent-sul^  coal 
indicate  that  the  amount  of  sample 
collected  using  Method  5  precedures  is 
temperature  sensitive  over  the  range  of 
filter  temperatures  used  (250*  P  to  360* 

F),  with  r^uced  weights  at  hi^er 
temperatures.  Presumably,  the 
decreased  weight  at  higher  filter  - 
temperatures  reflect  vaporization  of  acid 
mist.  Recently  received  particulate 
emission  data  using  Method  5  at  32*  P  ^ 
for  a  second  coal-fired  power  plant 
equipped  with  an  electrostatic 
precipitator  and  an  PGD  system 
apparently  conflicts  with  the  data 
generated  by  EPA.  Por  this  plant, 
particulate  matter  was  measured  at  0.02 
Ibs/million  Btu.  It  is  not  known  what 
portion  of  this  particulate  matter,  if  any 
was  attributable  to  sulfuric  acid  mist 

The  intent  of  the  particulate  matter 
standard  is  to  insure  the  installation, 
operation,  and  maintenance  of  a  good 


Federal  Re^ster  /  Vol.  44.  No.  113  /  Monday,  June  11.  1979  /  Rules  and  Regulations 


33609 


Table  impacts  on  Fuels  in  199^ 


LavelolooiKrol* 


1975  Currant  standards  FiSI  oonM  Panw  control  Variable  control 

actual  33%  mininium  70%  minimum 


MW*  Dry*  We!  Oy  Wet  Oy  Wet  Dry 


U.S.  Coal  Production  (mWem 
tons): 

AptWachio _ _  396  489  624  463  465  475  466  470  484 

'  Mdrrset . . 151  404  391  487  488  456  .452  465  450 

Northern  Great  Plaina...  54655630633628622  ^76  632  602 

West _  46  230  222  182  180  212  226  203  217 


Total _  647  1.776  1.767  1.766  1.761  1.765  1.742  1,770  1.752 

Western  Coal  Shipped  East 

(rWlion  tons) . .  >21  122  99  59  56  68  59  71  70 

08  Consumplon  by  Poiver 
Plants  (miSion  bbl/day): 

Porwr  Plants . .  1,2  U  1.6  ie  14  1.4  1.4  1.4 

Coal  Transportation . . 0.2  0.2  02  02  02  02  02  02 


ToW -  3.1  14  14  14  14  1.6  1.6  1.6  1.6 


*  Results  oi  EPA  analyses  completed  in  May  1979  baaed  on  ol  prices  of  $12.90.  $16.40,  and  $2l.00/bbl  in  ths  ysara  1966, 
1990,  and  1995,  reapactiveN. 

*With  520ne/J  maxinMm  emission  Imit 
'  Based  on  «*et  SOi  scrubbing  costs. 

*  Based  on  dry  SO>  scrubbing  whera  applicable. 


Table  S.—1995  Economic  Impacts  • 
(1978do8ars| 


Lavei  of  conSoP 


Curtenl  standards 

Ful  control 

Pum  control 

Variabla  control 

33%  minimum 

70%  mMntwn 

MW' 

ay* 

Wet 

ay 

MW  ^ 

Oy 

wet 

Oy 

Awaraga  Montttly  Residential  BiRa  ($/ 

month) _ _ 

$53.00 

$52.86 

$54.50 

$54.45 

$54.15 

$63.95 

$5440 

$64.05 

Indkoct  Conaumar  Impacts  ($/month)  _  - 

- 

1.50 

1.60 

1.15 

1.10 

1.30 

120 

Incramental  UtiMy  ExpandF 

lures.  CumuMve  1976-1996  ($  b8- 

— 

Ions) - - - -  . 

- - 

4 

5 

6 

-3 

10 

-1 

Incremental  AnnuaRzed  Coal  ($  bt- 

Ions) . . - _ _  ^ 

-  —  . 

4.1 

4.4 

32 

3.0 

34 

34 

Preaeni  Valua  of  Incramental  UtKIy 

Revenue  Requiremenis  ($  bMona) _ 

41 

46 

32 

31 

37 

33 

Incramental  Coat  of  so*  Reduction  ($/ 

lon)....„  . 

— 

— 

1422 

1,426 

1.094 

1,012 

1,163 

1,036 

■ReauHs  ol  EPA  analyaes  comploted  in  May  1979  baaed  on  ol  prices  ol  $12.90,  $16.40.  and  $2l.00/bbl  in  the  years  1966, 
1990.  end  1906.  respaclivaly. 

*  With  520  ng/ J  maximum  emission  ImiL 

*  Based  on  aret  SOi  scrubbing  coals. 

*  Baaed  on  dry  SOi  scrubbing  coats  arhare  apptcaMe. 


emission  control  system.  Since 
technology  is  not  available  for  the 
control  of  sulfuric  acid  mist,  which  is 
condensed  in  the  FGD  system,  the 
Administrator  does  not  believe  the 
particulate  matter  sample  should 
include  condensed  acid  mist  The  final 


regulation,  therefore,  allows  particulate 
matter  testing  for  compliance  between 
the  outlet  of  Ae  particulate  matter 
control  device  and  the  inlet  of  a  wet 
FGD  system.  EPA  will  continue  to 
investigate  revised  procedures  to 
minimize  the  measurement  of  add  mist 


by  Methods  5  or  17  when  used  to 
measure  particulate  matter  after  the 
FGD  system.  Since  technology  is 
available  to  control  particulate  sulfate 
carryover  from  an  FGD  system,  and  the 
Administrator  believes  good  mist 
eliminators  should  be  included  with  all 
FGD  systems,  the  regulations  will  be 
amended  to  require  particulate  matter 
measurement  after  the  FGD  system 
when  revised  procedures  for  Methods  5 
or  17  are  available. 

SOt  and  NO, 

The  final  regulation  requires  that 
compliance  with  the  sulfur  dioxide  and 
nitrogen  oxides  standards  be 
determined  by  using  continuous 
monitoring  systems  (CMS)  meeting 
Performance  Specifications  2  and  3, 
under  40  CFR  Part  60,  Appendix  B.  Data 
from  the  CMS  are  used  to  calculate  a  30- 
day  rolling  average  emission  rate  and 
percentage  reduction  (sulfur  dioxide 
only)  for  the  initial  performance  test 
required  under  40  CFR  60.8.  At  the  end 
of  each  boiler  operating  day  after  the 
initial  performance  test  a  new  30-day 
rolling  average  emission  rate  for  sulfur 
dioxide  and  nitrogen  oxides  and  an 
average  percent  reduction  for  sulfur 
dioxide  are  determined.  The  final 
regulations  specify  the  minimum  amount 
of  data  that  must  be  obtained  for  each 
30  successive  boiler  operating  days  but 
requires  the  calculation  of  the  average 
emission  rate  and  percentage  reduction 
based  on  all  available  data.  The 
minimum  data  requirements  can  be 
satisfied  by  using  the  Reference 
Methods  or  other  approved  alternative 
methods  when  the  CMS,  or  components 
of  the  system,  are  inoperative. 

The  final  regulation  requires  operation 
of  the  continuous  monitors  at  all  times, 
including  periods  of  startup,  shutdown, 
malfunction  (NO,  only),  and  emergency 
conditions  (^i  only),  except  for  those 
periods  when  the  CMS  is  inoperative 
because  of  malfunctions,  calibration  or 
span  checks. 

The  proposed  regulations  would  have 
required  that  compliance  be  based  on 
the  emission  rate  and  percent  reduction 
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(sulfur  dioxide  only)  for  each  24-hour 
period  of  operation.  Continual 
determination  of  compliance  with  the 
proposed  standard  would  have 
necessitated  that  each  source  owner  or 
operator  install  redundant  CMS  or 
conduct  manual  testing  in  the  event  of 
CMS  malfunction. 

Comments  on  the  proposed  testing 
requirements  for  sulfur  dioxide  and 
nitrogen  oxides  indicated  that  CMS 
could  not  operate  without  malfunctions: 
therefore,  every  facility  would  require 
redundant  CMS.  One  commenter 
calculated  that  seven  CMS  would  be 
needed  to  provide  the  required  data. 
Comments  also  questioned  the 
practicality  and  feasibility  of  obtaining 
around-the-clock  emissions  data  by 
means  of  manual  testing  in  the  event  of 
CMS  malfunction.  The  commenter 
stated  that  the  need  for  immediate 
backup  testing  using  manual  methods 
would  require  a  stand-by  test  team  at  all 
times  and  that  extreme  weather 
conditions  or  other  circiunstances  could 
often  make  it  impossible  for  the  test 
team  to  obtain  the  required  data.  The 
Administrator  agrees  with  these 
comments  and  has  redeHned  the  data 
requirements  to  reflect  the  performance 
that  can  be  achieved  with  one  well- 
maintained  CMS.  The  final  requirements 
are  designed  to  eliminate  the  need  for 
redundant  CMS  and  minimize  the 
possibility  that  manual  testing  will  be  . 
necessary,  while  assuring  acquisition  of 
sufficient  data  to  document  compliance. 

Compliance  with  the  emission 
limitations  for  sulfur  dioxide  and 
nitrogen  oxides  and  the  percentage 
reduction  for  sulfur  dioxide  is 
determined  from  all  available  hourly 
averages,  except  for  periods  of  startup, 
shutdown,  malfunction  or  emergency 
conditions  for  each  30  successive  boiler 
operating  days.  Minimum  data 
requirements  have  been  established  for 
hourly  averages,  for  24-hour  periods, 
and  for  the  30  successive  boiler 
operating  days.  These  minimum 
requirements  eliminate  the  need  for 
redundant  CMS  and  minimize  the  need 
for  testing  using  manual  sampling 
techniques.  The  minimum  requirements 
apply  separately  to  inlet  and  outlet 
monitoring  systems. 

The  regulation  allows  calculation  of 
hourly  averages  for  the  CMS  using  two 
or  more  of  the  required  four  data  points. 
This  provision  was  added  to 
accommodate  those  monitors  for  which 
span  and  calibration  checks  and  minor 
repairs  might  require  more  than  15 
minutes. 

For  any  24-hour  period,  emissions 
data  must  be  obtained  for  a  minimum  of 
75  percent  of  the  hours  during  which  the 


affected  facility  is  operated  (including 
startup,  shutdown,  malfunctions  or 
emergency  conditions).  This  provision 
was  added  to  allow  additional  time  for 
CMS  calibrations  and  to  correct  minor 
CMS  problems,  such  as  a  lamp  failure,  a 
plugged  probe,  or  a  soiled  lens. 

Statistical  analyses  of  data  obtained  by 
EPA  show  that  there  is  no  significant 
difference  (at  the  95  percent  confidence 
interval)  between  24-hour  means  based 
on  75  percent  of  the  data  and  those 
based  on  the  full  data  set. 

To  provide  time  to  correct  major  CMS 
malfunctions  and  minimize  the 
possibility  that  supplemental  testing  will 
be  needed,  a  provision  has  been  added 
which  allows  the  source  owner  or 
operator  to  demonstrate  compliance  if 
the  minimum  data  for  each  24-hour 
period  has  been  obtained  for  22  of  the  30 
successive  boiler  operating  days.  This 
provision  is  based  on  EPA  studies  that 
have  shown  that  a  single  pair  of  CMS 
pollutant  and  diluent  monitors  can  be 
made  available  in  excess  of  75  percent 
of  the  time  and  several  comments 
showing  CMS  availability  in  excess  of 
90  percent  of  the  time. 

In  the  event  a  CMS  malfunction  would 
prevent  the  source  owner  or  operator 
from  meeting  the  minimum  data 
requirements,  the  regulation  requires 
that  the  reference  methods  or  other 
procedures  approved  by  the 
Administrator  be  used  to  supplement 
the  data.  The  Administrator  believes, 
however,  that  a  single  properly 
designed,  maintained,  and  operated 
CMS  with  trained  personnel  and  an 
appropriate  inventory  of  spare  parts  can 
achieve  the  monitoring  requirements 
with  currently  available  CMS 
equipment.  In  the  event  that  an  owner  or 
operator  fails  to  meet  the  minimum  data 
requirements,  a  procedure  is  provided 
which  may  be  used  by  the 
Administrator  to  determine  compliance 
with  the  SO*  and  NO.  standards.  The 
procedure  is  provided  to  reduce 
potential  problems  that  might  arise  if  an 
owner  or  operation  is  unable  to  meet  the 
minimum  data  requirements  or  attempts 
to  manipulate  the  acquisition  of  data  so 
as  to  avoid  the  demonstration-  of 
noncompliance.  The  Administrator 
believes  that  an  owner  or  operator 
should  not  be  able  to  avoid  a  finding  of 
noncompliance  with  the  emission 
standards  solely  by  noncompliance  with 
the  minimum  data  requirements. 
Penalties  related  only  to  failure  to  meet 
the  minimum  data  requirements  may  be 
less  than  those  for  failure  to  meet  the 
emission  standards  and  may  not  provide 
as  great  an  incentive  to  maintain 
compliance  with  the  regulations. 


The  procedure  involves  the 
calculation  of  standard  deviations  for 
the  available  inlet  SO«  monitoring  data 
and  the  available  outlet  SO*  and  NO. 
monitoring  data  and  assumes  the  data 
are  normally  distributed.  The  standard 
deviation  of  the  inlet  monitoring  data  for 
SOa  is  used  to  calculate  the  tipper 
confidence  limit  of  the  inlet  emission 
rate  at  the  95  percent  confidence 
interval.  The  upper  confidence  limit  of 
the  inlet  emission  rate  is  used  to 
determine  the  potential  combustion 
concentration  and  the  allowable 
emission  rate.  The  standard  deviation  of 
the  outlet  monitoring  data  for  SO*  and 
NOx  are  used  to  calculate  the  lower 
confidence  limit  of  the  outlet  emission 
rates  at  the  95  percent  confidence 
interval.  The  lower  confidence  limit  of 
the  outlet  emission 'rate  is  compared 
with  the  allowable  emission  rate  to 
determine  compliance.  If  the  lower 
confidence  limit  of  the  outlet  emission 
rate  is  greater  than  the  allowable 
emission  rate  for  the  reporting  period, 
the  Administrator  will  conclude  that 
noncompliance  has  occurred. 

The  regulations  require  the  source 
owner  or  operator  who  fails  to  meet  the 
minimum  data  requirements  to  perform 
the  calculations  required  by  the  added 
procedure,  and  to  report  the  results  of 
the  calculations  in  the  quarterly  report 
The  Administrator  may  use  this 
information  for  determining  the 
compliance  status  of  the  afrected 
facility. 

It  is  emphasized  that  while  the 
regulations  permit  a  determination  of 
the  compliance  status  of  a  facility  in  the 
absence  of  data  reflecting  some  periods 
of  operation,  an  owner  and  operator  is 
required  by  40  CFR  60.11(d)  to  continue 
to  operate  the  facility  at  all  times  so  as 
to  minimize  emissions  consistent  «vith 
good  engineering  practice.  Also,  the 
added  procedure  which  allows  for  a 
determination  of  compliance  when  less 
than  the  minimum  monitoring  data  have 
been  obtained  does  not  exempt  the 
source  owner  or  operator  from  the 
minimum  data  requirements.  Exemption 
from  the  minimum  data  requirements 
could  allow  the  source  owner  to 
circumvent  the  standard,  since  the 
added  procedure  assumes  random 
variations  in  emission  rates. 

One  commenter  suggested  that 
operating  data  be  used  in  place  of  CMS 
data  to  demonstrate  compliance.  The 
Administrator  does  not  believe, 
however,  that  the  demonstration  of 
compliance  can  be  based  on  operating 
data  alone.  Consideration  was  given  to 
the  reporting  of  operating  parameters 
during  those  periods  when  emissions 
data  have  not  been  obtained.  This 
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alternative  was  rejected  because  it 
would  mean  that  the  source  owner  or 
operator  would  need  to  record  the 
operating  parameters  at  all  times,  and 
would  impose  an  administrative  burden 
on  source  owners  or  operators  in 
compliance  with  the  emission 
monitoring  requirements.  The  regulation 
requires  the  owner  or  operator  to  certify 
that  the  emission  control  systems  have 
been  kept  in  operation  during  periods 
when  emissions  data  have  not  been 
obtained. 

Several  conunenters  indicated  that 
CMS  were  not  sufficiently  accurate  to 
allow  for  a  determination  of  compliance. 
One  commrater  provided  calculations 
showing  that  the  CMS  could  report  an 
FGD  efficiency  ranging  from  77.5  to  90 
percent,  with  the  scrubber  operating  at 
an  efficiency  of  85  percent  The  analysis 
submitted  by  the  commenter  is 
theoretically  possible  for  any  single  data 
point  generated  by  the  CMS.  For  the  30- 
day  averaging  periods,  however,  random 
variations  in  individual  data  points  are 
not  significant  The  criterion  of 
importance  in  showing  complicince  for 
this  longer  averaging  time  is  the 
difference  between  the  mean  values 
measiu^d  by  the  CMS  and  the  reference 
methods.  EPA  is  developing  quality 
assurance  procedures,  which  will 
require  a  periodic  demonstration  that 
the  mean  emission  rates  measured  by 
the  CMS  demonstrates  a  consistent  and 
reproducible  relationship  with  the  mean 
emission  rates  measured  by  the 
reference  methods  or  acceptable 
modifications  of  these  methods. 

A  specific  comment  received  on  the 
monitoring  requirements  questioned  the 
need  to  respan  the  CMS  for  sulfur 
dioxide  when  the  sulfur  content  of  the 
fuel  changed  by  0.5  percent.  The  intent 
of  this  requirement  was  to  assure  that  a 
change  in  fuel  sulfur  content  would  not 
result  in  emissions  exceeding  the  range 
of  the  CMS.  This  requirement  has  been 
deleted  on  the  premise  that  the  source 
owner  or  operator  will  initiate  his  own 
procedures  to  protect  himself  against 
loss  of  data. 

Several  comments  were  also  received 
concerning  detailed  technical  items 
contained  in  Performance  Specifications 
2  and  3.  One  comment,  for  example, 
suggested  that  a  single  "relative 
accuracy”  specification  be  used  for  the 
entire  CMS,  as  opposed  to  separate 
values  for  the  pollutant  and  (filuent 
monitors.  Another  comment  questioned 
the  performance  specification  on 
instrument  response  time,  while  still 
other  comments  raised  questions  on 
calibration  procedures.  EPA  is  in  the 
process  of  revising  Performance 
Specifications  2 3  to  respond  to 


these,  and  other  questions.  The  current 
performance  specifications,  however, 
are  adequate  for  the  determination  of 
compliance. 

Fuel  Pretreatment 

The  final  regulation  allows  credit  fm* 
fuel  pretreatment  to  remove  sulfur  or 
increase  heat  content  Fuel  pretreatment 
credits  are  determined  in  accordance 
with  Method  19.  This  means  that  coal  or 
oil  may  be  treated  before  firing  and  the 
sulfur  removed  may  be  credited  toward 
meeting  the  SOi  percentage  reduction 
requirement  The  final  fuel  pretreatment 
provisions  are  the  same  as  those 
proposed. 

Most  all  conunenters  on  this  issue 
supported  the  fuel  pretreatment 
creating  procedures  proposed  by  EPA. 
Several  conunenters  requested  that 
credit  also  be  given  for  sulfur  removed 
in  the  coal  bottom  ash  and  fly  ash.  This  ^ 
is  allowed  under  the  final  relation  and 
was  also  allowed  under  the  proposal  in 
the  optional  “as-fired”  fuel  sampling 
procedures  under  the  SOt  emission 
monitoring  requirements.  By  monitoring 
SOt  emissions  (ng/J,  Ib/mMlion  Btu)  with 
an  as-fired  fuel  sampling  system  located 
upstream  of  coal  pulverizers  and  with 
an  in-stack  continuous  SOt  monitoring 
system  downstream  of  die  FGD  system, 
sulfur  removal  credits  are  combined  for 
the  coal  pulverizer,  bottom  ash,  fly  ash 
and  FGD  system  into  one  removal 
efficiency,  Other  alternative  sampling 
procedures  may  also  be  submitted  to  the 
Administrator  for  approval 

Several  conunenters  indicated  that 
they  did  not  understand  the  proposed 
fuel  pretreatment  crediting  procedure  for 
refined  fuel  oil  The  Admi^strator 
intended  to  allow  fuel  pretreatment 
credits  for  all  fuel  oil  desulfurization 
processes  used  in  preparation  of  utility 
boiler  fuels.  Thus,  the  input  and  output 
from  oil  desulfurization  processes  (e.g., 
hydrotreatment  units)  that  are  used  to 
pretreat  utility  boiler  fuels  used  in 
determining  pretreatment  credits.  If 
desulfurized  oil  is  blended  with 
undesulfurized  oil,  fuel  pretreatment 
credits  qre  prorated  based  on  heat  input 
of  oils  blended.  The  Administrator 
believes  that  the  oil  input  to  the 
desulfurizer  should  be  considered  the 
input  for  credit  determination  and  not 
the  well  head  crude  oil  or  input  oil  to  the 
refinery.  Refining  of  crude  oil  results  in 
the  separation  of  the  base  stock  into 
various  density  fractions  whidi  range 
from  lighter  products  such  as  naphtha 
and  distillate  oils.  Most  of  the  sulfur 
from  the  crude  oil  is  boudd  to  the 
heavier  residual  oils  which  may  have  a 
sulfur  content  of  twice  the  input  crude 
oil.  The  residual  oils  can  be  upgraded  to 


a  lower  siilfur  utility  steam  generator 
fuel  through  the  use  of  desulfurization 
technology  (such  as 
hydrodesulfiirization).  The 
Administrator  believes  that  it  is 
appropriate  to  give  full  fuel  pretreatment 
credit  for  hydrotreatment  units  and  not 
to  penalize  hydrodesulfurization  units 
which  are  used  to  process  high-sulfur 
residual  oils.  Thus,  the  input  to  the 
hydrodesulfurization  unit  is  used  to 
determine  oil  pretreatment  credits  and 
not  the  lower  sulfur  refinery  input  crude. 
This  procedure  will  allow  ^  credit  for 
residual  oil  hydrodesulfurization  units. 

In  relation  to  fuel  pretreatment  credits 
for  coal,  conunenters  requested  that 
sampling  be  allowed  prior  to  the  initial 
coal  breaker.  Under  the  final  standards, 
coal  sampling  may  be  conducted  at  any 
location  (either  before  or  after  the  initial 
coal  breaker).  It  is  desirable  to  sample 
coal  after  the  initial  breaker  because  the 
smaller  coal  volume  and  coal  size  will 
reduce  sampling  requirements  under 
Method  19.  If  sampling  were  conducted 
before  the  initial  breaker,  rock  removed 
by  the  coal  breaker  would  not  result  in 
any  additional  sulfur  removal  credit. 
Co^  samples  are  analyzed  to  determine 
potential  SOt  emissions  in  ng/J  (lb/ 
million  Btu)  and  any  removal  of  rock  or 
other  similar  reject  material  will  not 
change  the  potential  SOt  emission  rate 
(ng/J;  Ib/mUlion  Btu). 

An  owner  or  operator  of  an  affected 
facility  who  elects  to  use  fuel 
pretreatment  credits  is  responsible  for 
insuring  that  the  EPA  Method  19 
procedures  are  followed  in  determining 
SOt  removal  credit  for  pretreatment 
equipment. 

Miscellaneous 

Establishment  of  standards  of 
performance  for  electric  utility  steam 
generating  units  was  preceded  by  the 
Administ^tor’s  determination  that  these 
sources  contribute  significantly  to  air 
pollution  which  caiues  or  contributes  to 
the  endangerment  of  public  health  or 
welfare  (36  FR  5931),  and  by  proposal  of 
regulations  on  September  19, 1978  (43  FR 
42154).  In  addition,  a  preproposal  public 
hearing  (May  25-26, 1977)  and  a 
postproposal  public  hearing  (December 
lZ-13, 1978)  was  held  after  notification 
was  given  in  the  Federal  Register.  Under 
section  117  of  the  Act,  publication  of 
these  regulations  was  preceded  by 
consultation  with  appropriate  advisory 
committees,  independent  experts,  and 
Federal  departments  and  agencies. 

Standards  of  performance  for  new 
fossil-fuel-fired  stationary  sources 
established  under  section  111  of  the 
Clean  Air  Act  reflect: 
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Application  of  the  best  technological 
system  of  continuous  emission  reduction 
which  (taking  into  consideration  the  cost  of 
achieving  such  emission  reduction,  any 
nonair  quality  health  and  environmental 
impact  and  energy  requirements)  the 
Administrator  determines  has  bran 
adequately  demonstrated,  (section  111(a)(1)] 

Although  there  may  be  emission 
control  technology  available  that  can 
reduce  emissions  below  those  levels 
required  to  comply  with  standards  of 
performance,  this  technology  might  not 
be  selected  as  the  basis  of  standards  of 
performance  due  to  costs  associated 
with  its  use.  Accordingly,  standards  of 
performance  should  not  be  viewed  as 
the  ultimate  in  achievable  emission 
control.  In  fact,  the  Act  requires  (or  has 
potential  for  requiring)  the  imposition  of 
a  more  stringent  emission  standard  in 
several  situations. 

For  example,  applicable  costs  do  not 
play  as  prominent  a  role  in  determining 
the  "lowest  achievable  emission  rate” 
for  new  or  modified  sources  located  in 
nonattainment  areas,  i.e.,  those  areas 
where  statutorily-mandated  health  and 
welfare  standards  are  being  violated.  In 
this  respect,  section  173  of  the  Act 
requires  that  a  new  or  modified  source 
constructed  in  an  area  that  exceeds  the 
National  Ambient  Air  Quality  Standard 
(NAAQS)  must  reduce  emissions  to  the 
level  that  reflects  the  "lowest 
achievable  emission  rate”  (LAER),  as 
defined  in  section  171(3),  for  such  source 
category.  The  statute  defines  LAER  as 
that  rate  of  emission  which  reflects: 

(A)  The  most  stringent  emission 
limitation  which  is  contained  in  the 
implementation  plan  of  any  State  for 
such  class  or  category  of  source,  unless 
the  owner  or  operator  of  the  proposed 
source  demonstrates  that  such 
limitations  are  not  achievable,  or 

(B)  The  most  stringent  emission 
limitation  which  is  achieved  in  practice 
by  such  class  or  category  of  squrce, 
whichever  is  more  stringent. 

In  no  event  can  the  emission  rate 
exceed  any  applicable  new  source 
performance  standard  [section  171(3)]. 

A  similar  situation  may  arise  under' 
the  prevention  of  significant 
deterioration  of  air  quality  provisions  of 
the  Act  (Part  C).  These  provisions 
require  that  certain  sources  [referred  to 
in  section  169(1)]  employ  "best  available 
control  technology"  [as  defined  in 
section  169(3)]  for  all  pollutants 
regulated  under  the  Act.  Best  available 
control  technology  (BACT)  must  be 
determined  on  a  case-by-case  basis, 
taking  eneigy,  environmental  and 
economic  impacts,  and  other  costs  into 
account.  In  no  event  may  the  application 
of  BACT  result  in  emissions  of  any 


pollutants  which  will  exceed  the 
emissions  allowed  by  any  applicable 
standard  established  pursuant  to  section 
111  (or  112)  of  the  Act. 

In  all  events.  State  implementation 
plans  (SIFs)  approved  or  promulgated 
under  section  110  of  the  Act  must 
provide  for  the  attainment  and 
maintenance  of  National  Ambient  Air 
Quality  Standards  designed  to  protect 
public  health  and  welfare.  For  this 
purpose,  SIFs  must  in  some  cases 
require  greater  emission  reductions  than 
those  required  by  standards  of 
performance  for  new  sources. 

Finally,  States  are  free  under  section 
116  of  the  Act  to  establish  even  more 
stringent  emission  limits  than  those 
established  under  section  111  or  those 
necessary  to  attain  or  maintain  the 
NAAQS  under  section  110.  Accordingly, 
new  sources  may  in  some  cases  be 
subject  to  limitations  more  stringent 
than  EPA’s  standards  of  performance 
under  section  111,  and  prospective 
owners  and  operators  of  new  sources 
should  be  aware  of  this  possibility  in 
planning  for  such  facilities. 

Under  EPA's  sunset  policy  for 
reporting  requirements  in  regulations, 
the  reporting  requirements  in  this  ■ 
regulation  will  automatically  expire  five 
years  fit)m  the  date  of  promulgation 
unless  the  Administrator  takes 
affirmative  action  to  extend  them. 
Within  the  five  year  period,  the 
Administrator  will  review  these 
requirements. 

Section  317  of  the  Clean  Air  Act 
requires  the  Administrator  to  prepare  an 
economic  impact  assessment  for 
revisions  determined  by  the 
Administrator  to  be  substantial.  The 
Administrator  has  determined  that  these 
revisions  are  substantial  and  has 
prepared  an  economic  impact 
assessment  and  included  the  required 
information  in  the  background 
information  documents. 

Dated:  ]une  1, 1979. 

Douglas  M.  Costle, 

Administrator. 

PART  60— STANDARDS  OF 
PERFORMANCE  FOR  NEW 
STATIONARY  SOURCES 

In  40  CFR  Part  60,  §  60.8  of  Subpart  A 
is  revised,  the  heading  and  §  60.40  of 
Subpart  D  are  revised,  a  new  Subpart 
Da  is  added,  and  a  new  reference 
method  is  added  to  Appendix  A  as 
follows: 

1.  Section  60.8(d}  and  §  60.8(f)  are 
revised  as  follows: 

S  60.8  Performance  testa. 
***** 


(d)  The  owner  or  operator  of  an 
affected  facility  shall  provide  the 
Administrator  at  least  30  days  prior 
notice  of  any  performance  test,  except 
as  specified  under  other  subparts,  to 
afford  the  Administrator  the  opportunity 
to  have  an  observer  present 
***** 

(f)  Unless  otherwise  specified  in  the 
applicable  subpart  each  performance 
test  shall  consist  of  three  separate  runs 
using  the  applicable  test  method.  Each 
run  shall  be  conducted  for  the  time  and 
under  the  conditions  specified  in  the 
applicable  standard.  For  the  purpose  of 
determining  compliance  with  an 
applicable  standard,  the  arithmetic 
means  of  results  of  the  three  runs  shall 
apply.  In  the  event  that  a  sample  is 
accidentally  lost  or  conditions  occur  in 
which  one  of  the  three  runs  must  be 
discontinued  because  of  forced 
shutdown,  failure  of  an  irreplaceable 
portion  of  the  sample  train,  extreme 
meteorological  conditions,  or  other 
circumstances,  beyond  the  owner  or 
operator’s  control,  compliance  may, 
upon  the  Administrator’s  approval,  be 
determined  using  the  arithmetic  mean  of 
the  results  of  the  two  other  runs. 

2.  The  heading  for  Subpart  D  is 
revised  to  read  as  follows: 

Subpart  D— Standards  of  Performance 
for  FossH-Fuel-Fired  Steam  Generators 
for  Which  Construction  Is  Commenced 
After  August  17, 1971 

3.  Section  60.40  is  amended  by  adding 
paragraph  (d)  as  follows: 

S  60.40  Applicability  and  designation  of 
affected  facility. 

***** 

(d)  Any  facility  covered  under  Subpart 
Da  is  not  covered  under  This  Subpart. 

(Sec.  Ill,  301(a)  of  the  Clean  Air  Act  as 
amended  (42  U.S.a  7411,  7601(a)).) 

4.  A  new  Subpart  Da  is  added  as 
follows: 

Subpart  Da— Standards  of  Performance  for 
Electric  Utility  Steam  Generating  Units  for 
Which  Construction  Is  Commenced  After 
September  18,1978 

Sec. 

60.40a  Applicability  and  designation  of 
affected  facility. 

60.41a  Definitions. 

60.42a  Standard  for  particulate  matter. 
60.43a  Standard  for  sulfur  dioxide. 

60.44a  Standard  for  nitrogen  oxides. 

60.45a  Commercial  demonstration  permit 
60.46a  Compliance  provisions. 

60.47a  Emission  monitoring. 

60.48a  Compliance  determination 
procedures  and  methods. 

60.49a  Reporting  requirements. 
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AathocUy:  Sec.  Ill,  301(a)  of  die  Clean  Air 
Act  at  amended  (42  U.S.C.  7411, 7601(a)),  and 
additional  authority  at  noted  below. 

Subpert  Da— Standards  of 
Performance  for  Electiie  UtIUty  Steam 
Generating  Units  for  Which 
Construction  la  Commenced  After 
September  18, 1978 

§  60.40a  AppIcabHty  and  deaighation  of 
affected  fadiity. 

(a)  The  affected  facility  to  which  this 
subpart  applies  is  each  electric  utility 
steam  generating  unit 

(1)  That  is  capable  of  combusting 
more  than  73  megawatts  (250  million 
Btu/hour)  heat  input  of  fossil  fuel  (either 
alone  or  in  combination  with  any  other 
fuel):  and 

(2)  Fch*  which  construction  or  * 
mochficatibn  is  commenced  after 
September  18, 1978. 

(b)  This  subpart  applies  to  electric 
ut^ty  combined  cyde  gas  turbines  that 
are  capable  of  combusting  more  than  73 
megawatts  (260  million  Btu/hour)  heat 
input  of  fossil  fuel  in  the  steam 
generator.  Only  emissions  resulting  from 
oombustion  of  fueb  in  the  steam 
generating  unit  are  subject  to  this 
sul^part.  (The  gas  turbine  emissions  are 
subject  to  Subpart  GG.) 

(c)  Any  change  to  an  existing  fossil- 
fttd-fired  steam  generating  unit  to 
aooommodate  the  use  of  combustible 
materials,  other  than  fossil  fuels,  shall 
not  bring  that  unit  under  the  ■ 
applicability  of  this  subpcurt. 

(d)  Any  diange  to  an  existing  steam 

generating  unit  originally  designed  to 
fire  gaseous  or  liquid  fossil  fuels,  to 
accommodate  the  use  of  any  other  fuel 
(fossil  or  nonfossil)  shall  not  bring  that 
unit  under  the  applicability  of  this 
subpart.  ^ 

leCUIa  DefMtione. 

As  used  in  this  subpart,  all  terms  not 
defined  herein  shall  have  the  meaning 
given  them  in  the  Act  and  in  subpart  A 
of  this  part. 

“Steam  generating  unit"  means  any 
furnace,  boiler,  or  other  device  used  for 
combusting  fuel  for  the  purpose  of 
produdng  steam  (including  fossil-fuel- 
fired  steam  generators  assodated  with 
combined  cycle  gas  turbines;  nuclear 
steam  generators  are  not  included). 

“Electric  utility  steam  generating  imit" 
means  any  steam  electric  generating 
unit  that  is  constructed  for  the  purpose 
of  supplying  more  than  one-thi^  of  its 
potential  electric  output  capacity  and 
more  than  25  MW  electrical  output  to 
any  utility  power  distribution  system  for 
sale.  Any  steam  supplied  to  a  steam 
distribution  system  for  the  purpose  of 
providing  steam  to  a  steam-electric 


generator  that  would  produce  electrical 
energy  for  sale  is  also  considered  in 
determining  the  electrical  energy  output 
capadty  of  the  affeded  facility. 

“Fossil  fuel”  means  natural  gas, 
etroleum,  coal,  and  any  form  of  solid, 
quid,  or  gaseous  fuel  derived  from  such 
material  for  the  purpose  of  creating 
useful  heat. 

“Subbituminous  coal”  means  coal  that 
is  classified  as  subbituminous  A,  B,  or  C 
according  to  the  American  Sodety  of 
Testing  and  Materials’  (ASTM) 

Standi  Spedfication  for  Classification 
of  Coals  by  Rank  D388-66. 

“Lignite”  means  coal  that  is  dassified 
as  li^te  A  or  B  according  to  the 
American  Sodety  of  Testing  and 
Materials’  (ASTM)  Standard 
Specification  for  Classification  of  Coals 
by  Rank  D388-66. 

“Coal  refuse”  means  waste  products 
of  coal  mining,  physical  coal  deaning, 
and  coal  preparation  operations  (e.g. 
culm,  gob,  etc.)  containing  coal,  matrix 
material,  day,  and  other  oi^ganic  and 
inorganic  material. 

“Potential  combustion  concentration” 
means  the  theoretical  emissions  (ng/J, 
Ib/million  Btu  heat  input)  that  would 
result  fixim  oombustion  of  a  fuel  in  an 
undeaned  state  9without  emission 
control  systems)  and: 

(6)  For  particulate  matter  is: 

(1)  3,000  n^]  (7.0  Ib/million  Btu)  heat 
inj^t  for  sdid  fuel:  and 

(2)  75  ni^I  (0.17  Ib/million  Btu)  heat 
input  for  liquid  fuels. 

(b)  For  sulfur  dioxide  is  determined 
under  S  60.48a(b). 

(c)  For  nitrogen  oxides  is: 

(1)  290  ng/J  (0.67  Ib/million  Btu)  heat 
input  for  gaseous  fuels; 

(2)  310  ng/I  (0.72  Ib/million  Btu)  heat 
input  forliquid  fuels:  and 

(3)  990  ng/J  (2.30  Ib/million  Btu)  heat 
input  for  solid  fuels. 

“Combined  cycle  gas  turbine”  means 
a  stationary  turbine  combustion  system 
where  heat  from  the  turbine  exhaust 
gases  is  recovered  by  a  steam 
generating  unit. 

“Interconnected”  means  that  two  or 
more  electric  generating  units  are 
electrically  tied  together  by  a  network  of 
power  transmission  lines,  and  other 
power  transmission  equipment. 

“Electric  utility  company”  means  the 
largest  interconnected  organization, 
business,  or  governmental  entity  that 
generates  electric  power  for  sale  (e.g.,  a 
holding  company  with  operating 
subsidiary  companies). 

“Prindpal  company”  means  the 
electric  utility  company  or  companies 
which  own  the  affected  facility. 

“Neighboring  company”  means  any 
one  of  those  electric  utility  companies 


with  one  or  more  electric  power 
interconnections  to  the  prindpal 
company  and  which  have 
geographically  adjoining  service  areas. 

“Net  system  capadty”  means  the  sum 
of  the  net  electric  generating  capability 
(not  necessarily  equal  to  rated  capadty) 
of  all  electric  generating  equipment 
owned  by  an  electric  utility  company 
(inducting  steam  generating  units, 
internal  combustion  engines,  gas 
turbines,  nudear  units,  hydroelectric 
units,  and  all  other  electric  generating 
equipment)  plus  firm  contractual 
purchases  t^t  are  interconnected  to  the 
affected  facility  that  has  the 
malfunctioning  flue  gas  desulfurization 
system.  The  elecfric  generating 
capability  of  equipment  under  multiple 
ownership  is  prorated  based  on 
ownership  unless  the  proportional 
entitlement  to  electric  output  is 
otherwise  established  by  contractual 
arrangement. 

“System  load”  means  the  entire 
electric  demand  of  an  electric  utility 
company's  service  area  interconnected 
with  the  affected  facility  that  has  the 
malfunctioning  flue  gas  deeulfurization 
system  plus  finn  contractual  sales  to 
other  electric  utility  companies.  Sales  to 
other  electric  utility  companies  (e.g., 
emergency  power)  not  on  a  firm 
contractual  basis  may  also  be  included 
in  the  system  load  when  no  available 
system  capadty  exists  in  the  electric 
utility  company  to  which  the  power  is 
supplied  for  sale. 

“System  emergency  reserves”  means 
an  amount  of  electric  generating 
capacity  equivalent  to  the  rated 
capadty  of  the  single  laigest  electric 
generating  unit  in  tiie  electric  utility 
company  (including  steam  generating 
units,  internal  combustion  engines,  gas 
turbines,  nuclear  units,  hydroelectric 
units,  and  all  other  electric  generating 
equipment)  which  is'  interconnected  with 
the  affected  fadlity  that  has  the 
malfunctioning  flue  gas  desulfurization 
system.  The  electric  generating 
capability  of  equipment  under  multiple 
ownership  is  prorated  based  on 
ownership  unless  the  proportional 
entitlement  to  electric  output  is 
otherwise  established  by  contractual 
arrangement. 

“Available  system  capadty”  means 
the  capacity  determined  by  subtracting 
the  system  load  and  the  system 
emergency  reserves  fi:om  the  net  system 
capadty. 

“Spinning  reserve”  means  the  sum  of 
the  unutilized  net  generating  capability 
of  all  imits  of  the  electric  utility 
company  that  are  synchronized  to  the 
power  distribution  system  and  that  are 
capable  of  immediately  accepting 
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additional  load.  The  electric  generating 
capability  of  equipment  under  multiple 
ownership  is  prorated  based  on 
ownership  unless  the  proportional 
entitlement  to  electric  output  is 
otherwise  established  by  contractual 
arrangement. 

“Available  purchase  power"  means 
the  lesser  of  the  following: 

(a)  The  sum  of  available  system 
capacity  in  all  neighboring  companies. 

(b)  The  sum  of  ^e  rated  capacities  of 
the  power  interconnection  devices 
between  the  principal  company  and  all 
neighboring  companies,  minus  the  sum 
of  ^e  electric  power  load  on  these 
interconnections. 

(c)  The  rated  capacity  of  the  power 
transmission  lines  between  the  power 
interconnection  devices  and  the  electric 
generating  units  (the  unit  in  the  principal 
company  that  has  the  malfunctioning 
flue  gas  desulfurization  system  and  the 
imit(s)  in  the  neighboring  company 
supplying  replacement  electrical  power) 
less  the  electric  power  load  on  these 
transmission  lines. 

“Spare  flue  gas  desulfurization  system 
module"  means  a  separate  system  of 
sulfur  dioxide  emission  control 
equipment  capable  of  treating  an 
amount  of  flue  gas  equal  to  the  total 
amount  of  flue  gas  generated  by  an 
affected  facility  when  operated  at 
maximum  capacity  divided  by  the  total 
number  of  nonspare  flue  gas 
desulfurization  modules  in  the  system. 

“Emergency  condition"  means  that 
period  of  time  when: 

(a)  The  electric  generation  output  of 
an  afl^ected  facility  with  a 
malfunctioning  flue  gas  desulfurization 
system  cannot  be  reduced  or  electrical 
output  must  be  increased  because: 

(1)  All  available  system  capacity  in 
the  principal  company  interconnected 
with  the  affected  facility  is  being 
operated,  and 

(2)  All  available  purchase  power 
interconnected  with  the  ejected  facility 
is  being  obtained,  or 

(b)  llie  electric  generation  demand  is 
being  shifted  as  quickly  as  possible  from 
an  affected  facility  with  a 
malfunctioning  flue  gas  desulfurization 
system  to  one  or  more  electrical 
generating  units  held  in  reserve  by  the 
principal  company  or  by  a  neighboring 
company,  or 

(c)  An  affected  facility  with  a 
malhmctioning  flue  gas  desulfurization 
system  becomes  the  only  available  unit 
to  maintain  a  part  or  all  of  the  principal 
company's  system  emergency  reserves 
and  the  unit  is  operated  in  spinning 
reserve  at  the  lowest  practical  electric 
generation  load  consistent  with  not 
causing  significant  physical  damage  to 


the  unit  If  the  unit  is  operated  at  a 
higher  load  to  meet  load  demand,  an 
emergency  condition  would  not  exist 
unless  the  conditions  under  (a)  of  this 
definition  apply. 

“Electric  utility  combined  cycle  gas 
tiu'bine"  means  any  combined  cycle  gas 
turbine  used  for  electric  generation  that 
is  constructed  for  the  purpose  of 
supplying  more  than  one-third  of  its 
potential  electric  output  capacity  and 
more  than  25  MW  electrical  output  to 
any  utility  power  distribution  system  for 
sale.  Any  steam  distribution  system  that 
is  constructed  for  the  purpose  of 
providing  steam  to  a  steam  electric 
generator  that  would  produce  electrical 
power  for  sale  is  also  considered  in 
determining  the  electrical  energy  output 
capacity  of  the  affected  facility. 

“Potential  electrical  output  capacity" 
is  deHned  as  33  percent  of  the  maximum 
design  heat  input  capacity  of  the  steam 
generating  unit  (e.g.,  a  steam  generating 
unit  with  a  100-^fW  (340  million  Btu/hr) 
fossil-fuel  heat  input  capacity  would 
have  a  33-MW  potential  electrical 
output  capacity).  For  electric  utility 
combined  cycle  gas  turbines  the 
potential  electrical  output  capacity  is 
determined  on  the  basis  of  the  fossil-fuel 
firing  capacity  of  the  steam  generator' 
exclusive  of  Ae  heat  input  and  electrical 
power  contribution  by  the  gas  turbine. 

“Anthracite"  means  coal  that  is 
classified  as  anthracite  according  to  the 
American  Society  of  Testing  and 
Materials’  (ASTM)  Standard 
Specification  for  Classification  of  Coals 
by  Rank  D36&-66. 

“Solid-derived  fuel”  means  any  solid, 
liquid,  or  gaseous  fuel  derived  from  solid 
fuel  for  the  purpose  of  creating  useful 
heat  and  includes,  but  is  not  Ifrnited  to, 
solvent  refined  coal,  liquified  coal,  and 
gasified  coal. 

“24-hour  period”  means  the  period  of 
time  between  12:01  a.m.  and  12:00 
midnight 

“Resource  recovery  unit”  means  a 
facility  that  combusts  more  than  75 
percent  non-fossil  fuel  on  a  quarterly 
(calendar)  heat  input  basis. 

“Noncontinental  area"  means  the 
State  of  Hawaii,  the  Virgin  Islands, 
Guam.  American  Samoa,  the 
Commonwealth  of  Puerto  Rico,  or  the 
Northern  Mariana  Islands. 

“Boiler  operating  day"  means  a  24- 
hour  period  during  which  fossil  fuel  is 
combusted  in  a  steam  generating  unit  for 
the  entire  24  hours. 

§  60.42a  Standard  for  particulate  matter. 

(a)  On  and  after  the  date  on  which  the 
performance  test  required  to  be 
conducted  under  S  W.8  is  completed,  no 
owner  or  operator  subject  to  the 


provisions  of  this  subpart  shall  cause  to 
be  discharged  into  the  atmosphere  fr'om 
any  affected  facility  any  gases  which 
contain  particulate  matter  in  excess  of: 

(1)  13  ng/J  (0.03  Ib/million  Btu)  heat 
input  derived  from  the  combustion  of 
solid,  liquid,  or  gaseous  fuel; 

(2)  1  percent  of  the  potential 
combustion  concentration  (99  percent 
reduction)  when  combusting  solid  fuel; 
and 

(3)  30  percent  of  potential  combustion 
concentration  (70  percent  reduction) 
when  combusting  liquid  fuel. 

(b)  On  and  after  the  date  the 
particulate  matter  performance  test 
required  to  be  conducted  under  §  60.8  is 
completed,  no  owner  or  operator  subject 
to  the  provisions  of  this  subpart  shall 
cause  to  be  discharged  into  the 
atmosphere  frt>m  any  affected  facility 
any  gases  which  exUbit  greater  than  20 
percent  opacity  (6-minute  average),  ^ 
except  for  one  6-minute  period  per  hour 
of  not  more  than  27  percent  opacity. 

S  60.43a  Standard  for  sulfur  dioxida. 

(a)  On  and  after  the  date  on  which  the 
initial  performance  test  required  to  be 
conducted  under  §  60.8  is  completed,  no 
owner  or  operator  subject  to  the 
provisions  of  this  subpart  shall  cause  to 
be  discharged  into  the  atmosphere  from 
any  affected  facility  which  combusts 
solid  fuel  or  solid-derived  fuel,  except  as 
provided  under  paragraphs  (c),  (d),  (f)  or 
(h)  of  this  section,  any  gases  which 
contain  sulfur  dioxide  in  excess  of: 

(1)  520  ng/J  (1.20  Ib/million  Btu)  heat 
input  and  10  percent  of  the  potential 
combustion  concentration  (90  percent 
reduction),  or 

(2)  30  percent  of  the  potential  ' 
combustion  concentration  (70  percent 
reduction),  when  emissions  are  less  than 
260  ng/J  (0.60  Ib/million  Btu)  heat  input. 

(b)  On  and  after  the  date  on  which  the 
initial  performance  test  required  to  be 
conducted  under  §  60.8  is  completed,  no 
owner  or  operator  subject  to  the 
provisions  of  this  subpart  shall  cause  to 
be  discharged  into  the  atmosphere  frt)m 
any  affected  facility  which  combusts 
liquid  or  gaseous  fuels  (except  for  liquid 
or  gaseous  fuels  derived  fr^m  solid  friels 
and  as  provided  under  paragraphs  (e)  or 
(h)  of  this  section),  any  gases  which 
contain  sulfur  dioxide  in  excess  of: 

(1)  340  ng/J  (0.80  Ib/million  Btu)  heat 
input  and  10  percent  of  the  potential 
combustion  concentration  (90  i>ercent 
reduction),  or 

(2)  100  percent  of  the  potential 
combustion  concentration  (zero  percent 
reduction)  when  emissions  are  less  than 
86  ng/J  (0.20  Ib/million  Btu)  heat  input. 

(c)  On  and  after  the  date  on  which  the 
initial  performance  test  required  to  be 
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conducted  under  S  60.8  is  complete,  no 
owner  or  operator  subject  to  the 
provisions  of  this  subpart  shall  cause  to 
be  discharged  into  the  atmosphere  firom 
any  affected  facility  which  combusts 
solid  solvent  refined  coal  (SRC-I)  any 
gases  which  contain  sulfur  dioxide  in 
excess  of  520  ng/J  (1.20  Ib/million  Btu) 
heat  input  and  15  percent  of  the 
potential  combustion  concentration  (85 
percent  reduction)  except  as  provided 
under  paragraph  (f)  of  this  section; 
compliance  with  the  emission  limitation 
is  determined  on  a  30-day  rolling 
average  basis  and  compliance  with  the 
percent  reduction  requirement  is 
determined  on  a  24-hour  basis. 

(d)  Sulfur  dioxide  emissions  are 
United  to  520  ng/J  (1.20  Ib/million  Btu) 
heat  input  fi^m  any  affected  facility 
which: 

(1)  Combusts  100  percent  anthracite. 

(2)  Is  classified  as  a  resource  recovery 
fadhty.  or 

(3)  Is  located  in  a  noncontinental  area 
and  combusts  solid  fuel  or  solid-derived 
fuel. 

(e)  Sulfur  dixoide  emissions  are 
liinited  to  340  ng/J  (0.80  Ib/million  Btu) 
heat  input  from  any  affected  facility 
which  is  located  in  a  noncontinentd 
area  and  combusts  liquid  or  gaseous 
fuels  (exduding  solid-derived  fuels). 

(f)  The  emission  reduction 
requirements  under  this  section  do  not 
apply  to  any  affected  facility  that  is 
operated  under  an  SO*  commercial 
demonstration  permit  issued  by  the 
Administrator  in  accordance  with  the 
provisioiu  of  §  60.45a. 

(g)  Compliance  with  the  emission 
limitation  and  percent  reduction 
requirements  under  this  section  are  both 
determined  on  a  30-day  rolling  average 
basis  except  as  provided  under 
paragraph  (c)  of  this  section. 

(h)  When  different  fuels  are 
combusted  simultaneously,  the 
applicable  standard  is  determined  by 
proration  using  the  following  formula: 

(1)  If  emissions  of  sulfur  dioxide  to  the 
atmosphere  are  greater  than  280  ng/) 
(0.60  Ib/million  Btu)  heat  input 

Ego,  >=  [340  X  -I-  ^  y]/l00  and 
Pk),  s  10  percent 

(2)  If  emissions  of  sulfur  dioxide  to  the 
atmosphere  are  equal  to  or  less  than  260 
ng/)  (0.60  Ib/million  Btu)  heat  input 

^ot  =  [340  X  -I-  520  y]/l00  and 
Pk).  «  [90x  -I-  70y]/l00 
where: 

Ego.  is  the  prorated  sulfur  dioxide  emission 
limit  (ng/I  heat  input). 

P«o,  is  the  percentage  of  potential  sulfur 
dioxide  emission  allowed  (percent 
reduction  required  «  100— Pm,). 


X  is  the  percentage  of  total  heat  input  derived 
from  the  combustion  of  liquid  or  gaseous 
fuels  (excluding  solid-derived  fuels) 
y  is  the  percentage  of  total  heat  input  derived 
from  the  combustion  of  solid  fuel 
(including  solid-derived  fuels) 

S  60.44a  Standard  for  nitrogan  oxidas. 

(a)  On  and  after  the  date  on  which  the 
initial  performance  test  required  to  be 
conducted  under  S  60.8  is  completed,  no 
owner  or  operator  subject  to  the 
provisions  of  this  subpart  shall  cause  to 
be  discharged  into  the  atmosphere  from 
any  affected  facility,  except  as  provided 
under  paragraph  (b)  of  this  section,  any 
gases  whi(^  contain  nitrogen  oxides  in 
excess  of  the  following  emission  limits, 
based  on  a  30-day  rolUog  average. 

(1)  NOg  Emission  Limits — 
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(b)  The  emission  limitations  under 
paragraph  (a)  of  this  section  do  not 

'  apply  to  any  affected  facility  which  is 
combusting  coal-derived  liquid  fuel  and 
is  operating  under  a  commercial 
demonstration  permit  issued  by  the 
Administrator  in  accordance'  with  the 
provisions  of  8  60.45a. 

(c)  When  two  or  more  fuels  are 
combusted  simultaneously,  the 
applicable  standard  is  determined  by 
proration  using  the  following  formula: 

Em.  «[86  w-i-130  x-l-210  y+2eo  z]/l00 


where: 

Em,  is  the  applicable  standard  for  nitrogen 
oxides  when  multiple  fuels  are 
combusted  simultaneously  (ng/j  heat 
input); 

w  is  the  percentage  of  total  heat  input 
derived  from  the  combustion /)f  fuels 
subject  to  the  86  ng/)  heat  input 
standard; 

X  is  the  percentage  of  total  heat  input  derived 
from  the  combustion  of  fuels  subject  to 
the  130  ng/)  heat  input  standard; 
y  is  the  percentage  of  total  heat  input  derived 
from  the  combustion  of  fuels  subject  to 
the  210  ng/)  heat  input  standard;  and 
z  is  the  percentage  of  total  heat  input  derived 
from  the  combustion  of  fuels  subject  to 
the  260  ng/j  heat  input  standard. 

8  60.45a  CommarcM  damonatration 
parmit 

(a)  An  owne;*  or  operator  of  an 
affected  facility  proposing  to 
demonstrate  an  emerging  technology 
may  apply  to  the  Administrator  for  a 
commercial  demonstration  permit.  The 
Administrator  will  issue  a  commercial  * 
demonstration  permit  in  accordance 
with  paragraph  (e)  of  this  section. 
Commercial  demonstration  permits  may 
ba  issued  only  by  the  Administrator, 
and  this  authority  will  not  be  delegated. 

(b)  An  owner  or  operator  of  an 
affected  facility  that  combiuts  solid 
solvent  refined  coal  (SRC-4)  and  who  is 
issued  a  commercial  demonstration 
permit  by  the  Administrator  is  not 
subject  to  the  SOg  emission  reduction 
requirements  under  8  60.43a(c)  but  must, 
as  a  minimum,  reduce  SOg  emissions  to 
20  percent  of  the  potential  combustion 
concentration  (80  percent  reduction)  for 
each  24-hour  peric^  of  steam  generator 
operation  and  to  less  than  520  ng/)  (1.20 
Ib/million  Btu)  heat  input  on  a  30-day 
rolling  average  basis. 

(c)  An  owner  or  operator  of  a  fluidized 
bed  combustion  ele^c  utility  steam 
generator  (atmospheric  or  pressurized) 
who  is  issued  a  commercial 
demonstration  permit  by  the 
Administrator  is  not  subject  to  the  SOg 
emission  reduction  requirements  under 

8  60.43a(a)  but  must,  as  a  minimum, 
reduce  SOg  emissions  to  15  percent  of 
the  potential  combustion  concentration 
(85  percent  reduction)  on  a  30-day 
rolling  average  basis  and  to  less  than 
520  ng/)  (1.20  Ib/million  Btu)  heat  input 
on  a  30^ay  rolling  average  basis. 

(d)  The  owner  or  operator  of  an 
affected  facility  that  combusts  coal- 
derived  liquid  fuel  and  who  is  issued  a 
commercial  demonstration  permit  by  the 
Administrator  is  not  subject  to  the 
applicable  NO.  emission  limitation  and 
percent  reduction  under  8  60.44a(a)  but 
must  as  a  minimum,  reduce  emissions 
to  less  than  300  ng/)  (0.70  Ib/million  Btu) 
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heat  input  on  a  30-day  rolling  average 
basis. 

(e)  Commercial  demonstration  permits 
may  not  exceed  the  following  equivalent 
MW  electrical  generation  capacity  for 
any  one  technology  category,  and  the 
total  equivalent  MW  electrical 
generation  capacity  for  all  commercial 
demonstration  plants  may  not  exceed 
15.000  MW. 
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$  60.46a  CompRanee  provisions. 

(a)  Compliance  with  the  particulate 
matter  emission  limitation  under 

S  60.42a(a)(l)  constitutes  compliance 
with  the  percent  reduction  requirements 
for  particulate  matter  under 
§  60.42a(a)(2)  and  (3). 

(b)  Compliance  with  die  nitrogen 
oxides  emission  limitation  under 

S  60.44a(a)  constitutes  compliance  with 
the  percent  reduction  requirements 
under  i  60.44a(a)(2). 

(c)  The  particulate  matter  emission 
standards  under  1 60.42a  and  the 
nitrogen  oxides  emission  standards 
under  {  60.44a  apply  at  all  times  except 
during  periods  of  startup.  shutdoKvn,  or 
malfunction.  The  sulfur  dioxide  emission 
standards  under  8  60.43a  apply  at  all 
times  except  during  periods  of  startup, 
shutdown,  or  when  both  emergency 
conditions  exist  and  the  procedures 
under  paragraph  (d)  of  this  section  are 
implement^ 

(d)  During  emergency  conditions  in 
the  prindpd  company,  an  affected 
facility  with  a  malfunctioning  flue  gas 
desulhirization  system  may  be  operated 
if  sulfur  dioxide  emissions  are 
minimized  by: 

(1)  Operating  all  operable  flue  gas 
desulfurization  system  modules,  and 
bringing  back  into  operation  any 
malfunctioned  module  as  soon  as 
repairs  are  completed, 

(2)  Bypass!^  flue  gases  around  only 
those  flue  gas  desulfurization  system 
modules  that  have  been  taken  out  of 
operation  because  they  were  incapable 
of  any  sulfur  dioxide  emission  reduction 
or  wUch  would  have  suffered  significant 
physical  damage  if  they  had  remained  in 
operation,  and 


(3)  Designing,  constructing,  and 
operating  a  spare  flue  gas 
desulfurization  system  module  for  an 
affected  facility  larger  than  365  MW  - 
(1,250  million  Btu/lu)  heat  input 
(approximately  125  MW  electrical 
output  capacity).  The  Administrator 
may  at  his  discretion  require  the  owner 
or  operator  within  60  days  of 
notification  to  demonstrate  spare 
module  capability.  To  demonstrate  this 
capability,  the  owner  or  operator  must 
demonstrate  compliance  with  the 
appropriate  requirements  under 
paragraph  (a),  (b),  (d).  (e).  and  (i)  under 
§  60.43a  for  any  peri^  of  operation 
lasting  from  24  hours  to  30  days  when; 

(i)  Any  one  flue  gas  desulfurization 
module  is  not  operated, 

(ii)  The  affected  facility  is  operating  at 
the  maximum  heat  input  rate, 

(iii)  The  fuel  fired  during  tiie  24-hour 
to  30-day  period  is  representative  of  the 
type  and  average  sulfur  content  of  fuel 
used  over  a  typical  30-day  period,  and 

(iv)  The  owner  or  operator  has  given 
the  Administrator  at  least  30  days  notice 
of  the  date  and  period  of  time  over 
which  the  demonstration  will  be 
performed. 

(e)  After  the  initial  performance  test 
required  under  §  60.6,  compliance  with 
the  sulfur  dioxide  emission  limitations 
and  percentage  reduction  requirements 
under  §  60.43a  and  the  nitrogen  oxides 
emission  limitations  under  8  60.44a  is 
based  on  the  average  emission  rate  for 
30  successive  boiler  operating  days.  A 
separate  performance  test  is  completed 
at  the  end  of  each  boiler  operating  day 
after  the  initial  performance  test,  and  a 
new  30  day  average  emission  rate  for 
both  sulfur  dioxide  and  nitrogen  oxides 
and  a  new  percent  reduction  for  sulfur 
dioxide  are  calculated  to  show 
compliance  with  the  standards. 

(f)  For  the  initial  performance  test 
required  under  8  60.8.  compliance  with 
the  sulfur  dioxide  emission  limitations 
and  percent  reduction  requirements 
under  8  60.43a  and  the  nitrogen  oxides 
emission  limitation  under  8  60.44a  is 
based  on  the  average  emission  rates  for 
sulfur  dioxide,  nitrogen  oxides,  and 
percent  reduction  for  sulfur  dioxide  for 
the  first  30  successive  boiler  operating 
days.  The  initial  performance  test  is  tiie 
only  test  in  which  at  least  30  days  prior 
notice  is  required  unless  otherwise 
specified  by  the  Administrator.  Tbe 
initial  performance  test  is  to  be 
scheduled  so  that  tiie  firat  boiler 
operating  day  of  the  30  succeskive  boiler 
operating  days  is  completed  within  60 
days  after  adiieving  the  maximum 
production  rate  at  whicb  tiie  affected 
facility  will  be  operated,  but  not  later 


than  180  days  after  initial  startiqi  of  the 
facility. 

(g)  Compliance  is  determined  by 
calculating  the  arithmetic  average  of  all 
hourly  emission  rates  for  SOt.and  NO. 
for  the  30  successive  boiler  operating 
days,  except  for  data  obtained  during 
startup,  shutdown,  malfunction  (NO, 
only),  or  emergency  conditions  (SO> 
only).  Compliance  with  the  percentage 
reduction  requirement  for  SO*  is 
determined  based  on  the  average  inlet 
and  average  outlet  SO*  emission  rates 
for  the  30  successive  boiler  operating 
days. 

(h)  If  an  owner  or  operator  has  not 
obtained  the  minimum  quantity  of 
emission  data  as  required  under  8  60.47a 
of  this  subpart,  compliance  of  the 
affected  facility  with  the  emission 
requirements  under  88  60.43a  and  60.44a 
of  this  subpart  for  the  day  on  which  the 
30-day  period  ends  may  be  determined 
by  the  Administrator  by  following  the 
applicable  procedures  in  sections  6.0 
and  7.0  of  Reference  Method  19 
(Appendix  A). 

8  60.47a  Emission  monitoring. 

(a)  The  owner  or  operator  of  an 
affected  facility  shall  instaU,  calibrate, 
maintain,  and  operate  a  continuous 
monitoring  system,  and  record  the 
output  of  the  system,  for  measuring  the 
opacity  of  emissions  discharged  to  the 
atmosphere,  except  whma  gaseous  fuel 
is  the  only  fuel  combusted.  If  opacity 
interference  due  to  water  droplets  exists 
in  the  stack  (for  example,  from  the  use 
of  an  FGD  system),  the  opacity  is 
monitored  upstream  of  the  interference 
(at  the  inlet  to  the  FGD  system).  If 
opacity  interference  is  experienced  at 
all  locations  (both  at  the  inlet  and  outlet 
of  the  sulfur  ^oxide  control  system), 
alternate  parameters  indicative  of  the 
particulate  matter  control  system’s 
performance  are  monitored  (subject  to 
the  approval  of  the  Administrator). 

(b)  *1110  owner  or  operator  of  an 
affected  facility  shall  install,  calibrate, 
maintain,  and  operate  a  continuous 
monitoring  system,  and  record  the 
output  of  the  system,  for  measuring 
sulfur  dioxide  emissions,  except  where ' 
natural  gas  is  the  only  fiiel  combusted, 
as  follows: 

(1)  Sulfur  dioxide  emissions  are 
monitored  at  both  the  inlet  and  outlet  of 
the  sulfur  dioxide  control  device. 

(2)  For  a  facility  which  qualifies  under 
the  provisions  of  8  6a43a(d),  sulfiir 
dioxide  emissions  are  only  monitored  as 
discharged  to  the  atmosphere. 

(3)  An  **as  fired”  fuel  monitoring 
system  (upstream  tA  coal  pulverizers) 
meeting  tte  requirements  of  Metimd  19 
(Appendix  A)  may  be  used  to  determine 
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potential  sulfur  dioxide  emissions  in 
place  of  a  continuous  sulfur  dioxide 
emission  monitor  at  the  inlet  to  the 
sulfur  dioxide  control  device  as  required 
under  paragraph  (b)(1)  of  this  section. 

(c)  l^e  owner  or  operator  of  an 
affected  facility  shall  install,  calibrate, 
maintain,  and  operate  a  continuous 
monitoring  system,  and  record  the 
output  of  the  system,  for  measuring 
nitrogen  oxides  emissions  discharged  to 
the  atmosphere. 

(d)  The  owner  or  operator  of  an 
affected  facility  shall  install,  calibrate, 
maintain,  and  operate  a  continuous 
monitoring  system,  and  record  the 
output  of  die  system,  for  measuring  the 
oxygen  or  carbon  dioxide  content  of  the 
flue  gases  at  each  location  where  sulfur 
dioxide  or  nitrogen  oxides  emissions  are 
monitored. 

(e)  The  continuous  monitoring 
systems  under  paragraphs  (b),  (c),  and 
(d)  of  this  section  are  operated  and  data 
recorded  during  all  periods  of  operation 
of  the  affected  facility  including  periods 
of  startup,  shutdown,  malfunction  or 
emergency  conditions,  except  for 
continuous  monitoring  system 
breakdowns,  repairs,  calibration  checks, 
and  zero  and  span  adjustments. 

(f)  When  emission  data  are  not 
obtained  because  of  continuous 
monitoring  system  breakdowns,  repairs. . 
calibration  checks  and  zero  and  span 
adjustments,  emission  data  will  be 
obtained  by  using  other  monitoring 
systems  as  approved  by  the 
Administrator  or  the  reference  methods 
as  described  in  paragraph  (h)  of  this 
section  to  provide  emission  data  for  a 
minimum  of  18  hours  in  at  least  22  out  of 
30  successive  boiler  operating  days. 

(g)  The  1-hour  averages  required 
under  paragraph  {  60.13(h)  are 
expressed  in  ng/J  (Ibs/niillion  Btu)  heat 
input  and  used  to  calculate  the  average 
emission  rates  under  8  60.46a.  The  1- 
hour  averages  are  calculated  using  the 
data  points  required  under  8  60.13(b).  At 
least  two  data  points  must  be  used  to 
calculate  the  1-hour  averages. 

(h)  Reference  methods  used  to 
supplement  continuous  monitoring 
system  data  to  meet  the  minimum  data 
requirements  in  paragraph  8  60.47a(f) 
will  be  used  as  specified  below  or 
otherwise  approved  by  the 
Administrator. 

(1)  Reference  Methods  3, 6,  and  7.  as 
applicable,  are  used.  The  sampling 
loMtioa(s)  are  the  same  as  th^  need 
for  the  ooBthuioas  monitoiiag  aystaa^ 
For  Method  6.  dm  nrinfanasn 
saanphog  tina  is  30  minutes  aad  tiba 
mhaiiiHma  sampling  vohnne  is  OJOZ  dscm 
(OJl  dsof)  for  each  sample.  Samples  foe 
taken  at  iq>proxiBBatel]r  60-minute 


intervals.  Each  sample  represents  a  1- 
hour  average. 

(3)  For  Method  7,  samples  are  taken  at 
approximately  30-minute  intervals.  The 
arithmetic  average  of  these  two 
consective  samples  represent  a  1-hour 
average. 

(4)  For  Method  3,  the  oxygen  or 
carbon  dioxide  sample  is  to  be  taken  for 
each  hour  when  continuous  SO*  and 
NO,  data  are  taken  or  when  Methods  6 
and  7  are  required.  Each  sample  shall  be 
taken  for  a  minimum  of  30  minutes  in 
each  hour  using  the  integrated  bag 
method  specified  in  Method  3.  Each 
sample  represents  a  1-hour  average. 

(5)  Fpr  each  1-hour  average,  the 
emissions  expressed  in  ng/J  (Ib/million 
Btu)  heat  input  are  determined  and  used 
as  needed  to  achieve  the  minimum  data 
requirements  of  paragraph  (f)  of  this 
section. 

(i)  The  following  procedures  are  used 
to  conduct  monitoring  system 
performance  evaluations  under  ' 

8  60.13(c)  and  calibration  checks  under 
8  60.13(d). 

(1)  Reference  method  6  or  7,  as 
applicable,  is  used  for  conducting 
performance  evaluations  of  sulfur 
dioxide  and  nitrogen  oxidfes  continuous 
monitoring  systems. 

(2)  Sulfur  ^oxide  or  nitrogen  oxides, 
as  applicable,  is  used  for  preparing 
calibration  gas  mixtures  under 
performance  specification  2.of  appendix 
B  to  this  part 

(3)  For  affected  facilities  burning  only 
fossil  fuel,  the  span  value  for  a 
continuous  monitoring  system  for 
measuring  opacity  is  between  60  and  80 
percent  and  for  a  continuous  monitoring 
system  measiuing  nitrogen  oxides  is 
determined  as  follows: 


FomIIimI 

Span  vakM  for 
nHrogan  ooddaa  (ppm) 

«-■  . 

500 

1  »Ti*«  . 

600 

. 

1X)00 

fiOO  lva.wla.1  note 

where: 

X  is  the  fraction  of  total  heat  input  derived 
from  gaseous  fossil  fuel 
y  is  the  fraction  of  total  heat  input  derived 
from  liquid  fossil  fuel  and 
z  is  the  fraction  of  total  heat  input  derived 
from  solid  fossil  fuel 

(4)  All  span  values  computed  under 
paragraph  (b)(3)  of  this  section  kx 
bnn^  aombhutions  of  fosiA  fuels  era 
roanded  to  tiM  nearest  100  ppm. 

(i)  For  afisetad  iedMee  bummg  foead 
fu^  alone  or  in  oomldnation  wrilh  non- 
foaail  fnd.  the  span  value  of  sulfur 
dioxide  eonthwous  monitoring  systen  at 
the  inlet  to  the  su^  dioxide  oontrol 


device  is  125  percent  of  the  maximum 
estimated  hourly  potential  emissions  of 
the  fuel  fired,  and  the  outlet  of  the  sulfur 
dioxide  control  device  is  50  percent  of 
maximiun  estimated  hourly  potential 
emissions  of  the  fuel  fired. 

(Sec.  114,  Clean  Air  Act  as  amended  (42 
U.S.C.  7414).) 

8  60.48a  CompNance'determination 
procedures  and  metfwds. 

(a)  The  following  procediu^s  and 
reference  methods  are  used  to  determine 
compliance  with  the  standards  for 
particulate  matter  under  8  60.42a. 

(1)  Method  3  is  used  for  gas  analysis 
when  applying  method  5  or  method  17. 

(2)  Method  5  is  used  for  determining 
particulate  matter  emissions  and 
associated  moisture  content  Method  17 
may  be  used  for  stack  gaS  temperatures 
less  than  160  C  (320  F). 

(3)  For  Methods  5  or  17,  Method  1  is 
used  to  select  the  sampling  site  and  the 
number  of  traverse  sampling  points.  The 
sampling  time  for  each  run  is  at  least  120 
minutes  and  the  minimum  sampling 
volume  is  1.7  dscm  (60  dscf)  except  that 
smaller  sampling  times  or  volumes, 
when  necessitated  by  process  variables 
or  other  factors,  may  be  approved  by  the 
Administrator. 

(4)  For  Method  5,  the  probe  and  filter 
holder  heating  system  in  the  sampling  - 
train  is  set  to  provide  a  gas  temperature 
no  greater  than  160*C  (32*F). 

(5)  For  determination  of  particulate 
emissions,  the  oxygen  or  carbon-dioxide 
sample  is  obtained  simultaneously  with 
each  run  of  Methods  5  or  17  by 
traversing  the  duct  at  the  same  sampling 
location.  Method  1  is  used  for  selection 
of  the  number  of  traverse  points  except 
that  no  more  than  12  sample  points  are 
required. 

(6)  For  each  run  using  Methods  5  or  17, 
the  emission  rate  expressed  in  ng/)  heat 
input  is  determined  using  the  oxygen  or 
carbon-dioxide  measurements  and 
particulate  matter  measurements 
obtained  under  this  section,  the  dry 
basis  Fc-factor  and  the  dry  basis 
emission  rate  calculation  procedure 
contained  in  Method  19  (Appendix  A). 

(7)  Prior  to  the  Administrator’s 
issuance  of  a  particulate  matter 
reference  method  that  does  not 
experience  sulfuric  add  mist 
interference  problems,  particulate 
matter  emisdons  may  be  sampled  prior 
to  a  wet  flue  gas  deeulforisatira  systeei. 

(b)  The  foDowiag  inooedares  and 
mediods  an  need  to  dntownine 
oooH)liaiioe  widh  &e  aolfar  diaNide 
standards  under  8  60.43a. 

(1)  Oetarraine  dw  percent  of  potential 
oombnetioQ  oonacntration  (percent  PCC) 
emitted  to  die  atmosidieTe  as  follows: 
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(1)  Fuel  Pretreatment  (%  Rf): 

Determine  the  percent  reduction 
achieved  by  any  fuel  pretreatment  using 
the  procedures  in  Me^od  19  (Appendix 
A).  Calculate  the  average  percent 
reduction  for  fuel  pretreatment  on' a 
quarterly  basis  using  fuel  analysis  data. 
Tlie  determination  of  percent  Rf  to 
calculate  the  percent  of  potential 
combustion  concentration  emitted  to  the 
atmosphere  is  optional.  For  purposes  of 
determining  compliance  with  any 
percent  reduction  requirements  under 

§  60.43a.  any  reduction  in  potential  SO* 
emissions  resulting  from  the  following 
processes  may  be  credited: 

(A)  Fuel  pretreatment  (physical  coal 
cleaning,  hydrodesulfurization  of  fuel 
oil,  eta), 

(B)  Coal  pulverizers,  and 

(C)  Bottom  and  flyash  interactions. 

(ii)  Sulfur  Dioxide  Control  System  (% 
Rg);  Determine  the  percent  sulfrir 
dioxide  reduction  achieved  by  any 
sulfur  dioxide  control  system  using 
emission  rates  measured  before  and 
after  the  control  system,  following  the 
procedures  in  Method  19  (Append  A): 
or.  a  combination  of  an  “as  fired”  fuel 
monitor  and  emission  rates  measured 
after  the  control  system,  following  the 
procedures  in  Method  19  (Appendix  A). 
When  the  “as  fired”  fuel  monitor  is 
used,  the  percent  reduction  is  calculated 
using  the  average  emission  rate  from  the 
sulfur  dioxide  control  device  and  the 
average  SO*  input  rate  from  the  “as 
fired”  fuel  analysis  for  30  successive 
boiler  operating  days. 

(iii)  Overall  percent  reduction  (%  Ro): 
Determine  the  overall  percent  reduction 
using  the  results  obtained  in  paragraphs 

(b)(l]  (i)  and  (ii)  of  this  section  following 
the  procedures  in  Method  19  (Appendix 
A).  Results  are  calculated  for  each  30- 
day  period  using  the  quarterly  average 
percent  sulfur  reduction  determined  for 
fuel  pretreatment  from  the  previous 
quarter  and  the  sulfur  dioxide  reduction 
achieved  by  a  sulfur  dioxide  control 
system  for  each  30-day  period  in  the 
current  quarter. 

(iv)  Percent  emitted  (%  PCC): 
Calculate  the  percent  of  potential 
combustion  concentration  emitted  to  the 
atmosphere  using  the  following 
equation;  Percent  PCC =100— Percent  R, 

(2)  Determine  the  sulfur  dioxide 
emission  rates  following  the  procedures 
in  Method  19  (Appendix  A). 

(c)  The  procedures  and  methods 
outlined  in  Method  19  (Appendix  A)  are 
used  in  conjunction  with  the  30-day 
nitrogen-oxides  emission  data  collected 
under  $  60.47a  to  determine  compliance 
with  the  applicable  nitrogen  oxides 
standard  under  $  60.44. 


(d)  Electric  utility  combined  cycle  gas 
turbines  are  performance  tested  for 
particulate  matter,  sulfur  dioxide,  and 
nitrogen  oxides  using  the  preceding  of 
Method  19  (Appendix  A).  The  sulfur 
dioxide  and  nitrogen  oxides  emission 
rates  from  the  gas  turbine  used  in 
Method  19  (Appendix  A)  calculations 
are  determined  when  the  gas  turbine  is 
performance  tested  under  subpart  GG. 
The  potential  uncontrolled  particulate 
matter  emission  rate  &t>m  a  gas  turbine 
is  defined  as  17  ng/J  (0,04  Ib/million  Btu) 
heat  input.  ^ 

S  60.49a  Reporting  requirements. 

(a)  For  sulfur  dioxide,  nitrogen  oxides, 
and  particulate  matter  emissions,  the 
performance  test  data  from  the  initial 
performance  test  and  from  the 
performance  evaluation  of  the 
continuous  monitors  (including  the 
transmissometer)  are  submitted  to  the 
Administrator. 

(b)  For  sulfur  dioxide  and  nitrogen 
oxides  the  following  information  is 
reported  to  the  Administrator  for  each 
24-hour  period. 

(1)  Calendar  date. 

(2)  The  average  sulfur  dioxide  and 
nitrogen  oxide  emission  rates  (ng/J  or 
Ib/million  Btu)  for  each  30  successive 
boiler  operating  days,  ending  with  the 
last  30-day  period  in  the  quarter; 
reasons  for  non-compliance  with  the 
emission  standards:  and,  description  of 
corrective  actions  taken. 

(3)  Percent  reduction  of  the  potential 
combustion  concentration  of  sulfur 
dioxide  for  each  30  successive  boiler 
operating  days,  ending  with  the  last  30- 
day  period  in  the  quarter;  reasons  for 
non-compliance  with  the  standard:  and, 
description  of  corrective  actions  taken. 

(4)  Identification  of  the  boiler 
operating  days  for  which  pollutant  or 
dilutent  data  have  not  been  obtained  by 
an  approved  method  for  at  least  18 
hours  of  operation  of  the  facility; 
justification  for  not  obtaining  sufficient 
data;  and  description  of  corrective 
actions  taken. 

(5)  Identification  of  the  times  when 
emissions  data  have  been  excluded  from 
the  calculation  of  average  emission 
rates  because  of  startup,  shutdown, 
malfunction  (NO,  only),  emergency 
conditions  (SOi  only),  or  other  reasons, 
and  justification  for  excluding  data  for 
reasons  other  than  startup,  shutdown, 
malfunction,  or  emergency  conditions. 

(6)  Identification  of  “F’  factor  used  for 
calculations,  method  of  determination, 
and  type  of  fuel  combusted. 

(7)  Identification  of  times  when  hourly 
averages  have  been  obtained  based  on 
manual  sampling  methods. 


(8)  Identification  of  the  times  when 
the  pollutant  concentration  exceeded 
full  span  of  the  continuous  monitoring 
systeriL 

(9)  Description  of  any  modifications  to 
the  continuous  monitoring  system  which 
could  affect  the  ability  of  the  continuous 
monitoring  system  to  comply  with 
Performance  Specifications  2  or  S. 

(c)  If  the  minimum  quantity  of 
emission  data  as  required  by  8  60.47a  is 
not  obtained  for  any  30  successive 
boiler  operating  days,  the  foilo«ving 
information  obtained  under  the 
requirements  of  8  60.46a(h)  is  reported 
to  the  Administrator  for  that  30-<lay 
pepod: 

(1)  The  number  of  hourly  averages 
avaUable  for  outlet  emission  rates  (no) 
and  inlet  emission  rates  (nd  as 
applicable. 

(2)  The  standard  deviation  of  hourly 

averages  for  outlet  emission  rates  (So) 
and  iidet  emission  rates  (sj)  as  ^ 

applicable.  ^ 

(3)  The  lower  confidence  limit  for  the 
mean  outlet  emission  rate  (Eo*)  and  the 
upper  confidence  limit  for  the  mean  inlet 
emission  rate  (E|*)  as  applicable.  . 

(4)  The  applicable  potential 
combustion  concentration. 

(5)  The  ratio  of  the  upper  confidence 
limit  for  the  mean  outlet  emission  rate 
(Eo*)  and  the  allowable  emission  rate 
(E,ui)  as  applicable. 

(d)  If  any  standards  under  8  60.43a  are 
exceeded  during  emergency  conditions 
because  of  control  system  malfunction, 
the  owner  or  operator  of  the  affected 
facility  shall  submit  a  signed  statement; 

(1)  Indicating  if  emergency  conditions 
existed  and  requirements  under 

8  60.46a(d)  were  met  during  each  period, 
and 

(2)  Listing  the  following  information: 

(i)  Time  periods  the  emergency 
condition  existed; 

(ii)  Electrical  output  and  demand  on 
the  owner  or  operator's  electric  utility 
systeih  and  the  affected  facility; 

(iii)  Amount  of  power  purchased  from 
interconnected  neighboring  utility 
companies  during  the  emergency  period; 

(iv)  Percent  reduction  in  emissions 
achieved; 

(v)  Atmospheric  emission  rate  (ng/J) 
of  the  pollutant  discharged;  and 

(vi)  Actions  taken  to  correct  control 
system  malfunction. 

(e)  If  fuel  pretreatment  credit  toward 
the  sulfur  dioxide  emission  standard 
under  8  60.43a  is  claimed,  the  owner  or 
operator  of  the  affected  facility  shall 
submit  a  signed  statement: 

(1)  Indicating  what  percentage 
cleaning  credit  was  taken  for  the 
calendar  quarter,  and  whether  the  credit 
was  determined  in  accordance  with  the 
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provisions  of  8  60.48a  and  Method  19 
(Appendix  A);  and 

(2)  Listing  the  quantity,  heat  content, 
and  date  each  pretreated  fuej  shipment 
was  received  during  the  previous 
quarter,  the  name  and  location  of  the 
fuel  pretreatment  facility;  and  die  total 
quantity  and  total  heat  content  of  all 
^els  received  at  the  affected  facility 
during  the  previous  quarter. 

(f)  For  any  periods  for  which  opacity, 
sulfur  dioxide  or  nitrogen  oxides 
emissions  data  are  not  available,  the 
owner  or  operator  of  the  affected  facility 
shall  submit  a  signed  statement 
indicating  if  any  changes  were  made  in 
operation  of  the  emission  control  system 
during  the  period  of  data  unavailability. 
Operations  of  the  control  system  and 
affected  facility  during  periods  of  data 
unavailability  are  to  be  compared  with 
operation  of  the  control  system  and 
affected  facility  before  and  following  the 
period  of  data  unavailability. 

(g)  The  owner  or  operator  of  the 
affected  facility  shall  submit  a  signed 
statement  indicating  whether 

(1)  The  required  continuous 
monitoring  system  calibration,  span,  and 
drift  checks  or  other  periodic  audits 
have  or  have  not  been  performed  as 
specified. 

(2)  The  data  used  to  show  compliance 
was  or  was  not  obtained  in  accoMance 
with  approved  methods  and  procedures 
of  this  part  and  is  representative  of 
plant  performance. 

(3)  The  minimum  data  requirements 

have  or  have  not  been  met;  or,  the 
minimum  data  requirements  have  not 
been  met  for  errors  that  were 
unavoidable.  ^ 

(4)  Compliance  with  the  standards  has 
or  has  not  been  achieved  during  the 
reporting  period. 

(h)  For  the  purposes  of  the  reports 
required  under  8  60.7,  periods  of  excess 
emissions  are  defined  as  all  6-minute 
periods  during  which  the  average 
opacity  exceeds  the  applicable  opacity 
standards  under  8  60.42a(b).  Opacity 
levels  in  excess  of  the  applicable 
opacity  standard  and  die  date  of  sudi 
excesses  are  to  be  submitted  to  the 
Administrator  each  calendar  quarter. 

(i)  The  owner  or  operator  of  an 
affected  facility  shall  submit  the  written  ' 
reports  required  under  this  section  and 
subpart  A  to  the  Administrator  for  every 
calendar  quarter.  All  quarterly  reports 
shall  be  postmarked  by  the  30th  day 
following  the  end  of  each  calendar 
quarter. 

(Sec.  114,  Clean  Air  Act  as  amended  (42 
U.S.C  7414J.) 


4.  Appendix  A  to  part  60  is  amended 
by  adding  new  reference  Method  19  as 
follows: 

♦ 

Appendix  A — Reference  Methods 
•  •  •  •  •  * 

Method  19.  Determination  of  Sulfur 
Dioxide  Removal  Efficiency  and 
Particulate,  Sulfur  Dioxide  and  Nitrogen 
Oxides  Emission  Rates  From  Electric 
Utility  Steam  Generators 

1.  Principle  and  Applicability 

1.1  Principle. 

1.1.1  Fuel  samples  from  before  and 
after  fuel  pretreatment  systems  are 
cc^lected  and  analyzed  for  sulfur  and 
heat  content  and  the  percent  sulfur 
dioxide  (ng/joule,  Ib/million  Btu) 
reduction  is  calculated  on  a  dry  basis. 
(Optional  Procedure.) 

1.1.2  Sulfur  dioxide  and  oxygen  or 
carbon  dioxide  concentration  data 
obtained  from  sampling  emissions 
upstream  and  do%vnstream  of  sulfur 
dioxide  control  devices  are  used  to 
calculate  sulfur  dioxide  removal 
efficiencies.  (Minimum  Requirement)  As 
an  alternative  to  sulfur  dioxide 
monitoring  upstream  of  sulfur  dioxide 
control  devices,  fuel  samples  may  be 
collected  in  an  as-fired  condition  and 
analyzed  for  sulfur  and  heat  content 
(Optional  Procedure.) 

1.1.3  An  overall  sulfur  dioxide 
emission  reduction  efficiency  is 
calculated  from  the  efficiency  of  fuel 
pretreatment  systems  and  the  efficiency 
of  sulfur  dioxide  cmitrol  devices. 

1.1.4  Particulate,  sulfur  dioxide, 
nitrogen  oxides,  and  oxygen  or  carbon 
dioxide  concentration  data  obtained 
from  sampling  emissions  downstream 
from  sulfur  dioxide  control  devices  are 
used  along  with  F  factors  to  calculate 
particulate,  sulfur  dioxide,  and  nitrogen 
oxides  emission  rates.  F  factors  are 
values  relating  combustion  gas  volume 
to  the  heat  content  of  fuels. 

1.2  Applicability.  This  method  is 
applicable  for  determining  sulfur 
removal  efficiencies  of  fuel  pretreatmmit 
and  sulfur  dioxide  control  devices  tmd 
the  overall  reduction  of  potential  sulfur 
dioxide  emissions  from  electric  utility 
steam  generators.  This  method  is  also 
applicable  for  the  determination  of 
particulate,  sulfru*  dioxide,  and  nitrogen 
oxides  emission  rates. 

2.  Determination  of  Sulfur  Dioxide 
Removal  Efficiency  of  Fuel 
Pretreatment  Systems 

2.1  Solid  Fossil  Fuel. 

2.1.1  Sample  Increment  Collection. 
Use  ASTM  D  2234  *,  TVpe  L  conditions 


'Um  the  most  recent  revision  or  designation  of 
the  ASTM  procedure  specified. 


A.  B,  or  C,  and  systematic  spacing. 
Determine  the  number  and  weight  of 
increments  required  per  gross  sample 
representing  each  coal  lot  according  to 
Table  2  or  Paragraph  7.1.6.2  of  ASTM  D 
2234  *.  Collect  one  gross  sample  for  each 
raw  coal  lot  and  one  gross  sample  for 
each  product  coal  lot. 

2.1.2  ASTM  Lot  Size.  For  the  purpose 
of  Section  2.1.1,  the  product  coal  lot  size 
is  defined  as  the  wei^t  of  product  coal 
produced  from  one  type  of  raw  coal.  The 
raw  coal  lot  size  is  the  weight  of  raw 
coal  used  to  produce  one  product  coal 
lot  Typically,  the  lot  size  is  the  weight 
of  coal  processsed  in  a  1-day  (24  hours) 
period.  If  more  than  one  type  of  coal  is 
treated  and  produced  in  1  day,  then 
gross  samples  must  be  collected  and 
analyzed  for  each  type  of  coaL  A  coal 
lot  size  equaling  the  90-day  quarteriy 
fuel  quantity  fw  a  specific  power  plant 
may  be  used  if  representative  sampling 
can  be  conducted  for  the  raw  coal  and 
product  coaL 

Note, — ^Alternate  definitions  of  fiiel  lot 
sizes  may  be  specified  subfect  to  prior 
approval  of  the  Administrator. 

2.1.3  Gross  Sample  Analysis. 
Determine  the  percent  sulfur  content 
(%S)  and  gross  calorific  value  (GCV)  of 
the  solid  frel  on  a  dry  basis  for  each 
gross  sample.  Use  ASTM  2013  *  for 
sample  preparation.  ASTM  D  3177  *  for 
sulfur  analysis,  and  ASTM  D  3173  ^  for 
moisture  analysis.  Use  ASTM  D  3176  ^ 
for  gross  calorific  value  determination. 

2.2  Liquid  Fossil  Fuel. 

2.2.1  Sample  Collection.  Use  ASTM 
D  270  *  following  the  practices  outlined 
for  continuous  sampling  for  each  gross 
sample  representing  eadi  fuel  lot 

2.2.2  Lot  Size.  For  the  purposes  of 
Section  2.2.1,  the  weight  of  product  fuel 
from  one  pretreatment  facility  and 
intended  as  one  shipment  (ship  load, 
barge  load,  etc.)  is  defined  as  one 
product  fuel  lot.  The  weight  of  each 
crude  liquid  fuel  type  used  to  produce 
one  product  fuel  lot  is  defined  as  one 
inlet  fuel  lot 

Note,^ —  Alternate  definitions  of  fuel  lot 
sizes  may  be  specified  subject  to  prior 
approval  of  the  Administrator. 

Note. —  For  the  purposes  of  this  method, 
raw  or  inlet  fuel  (coal  or  oil)  is  defined  as  the 
fuel  delivered  to  the  desulfurization 
pretreatment  facility  or  to  the  steam 
graerating  plant.  For  pretreated  oil  the  input 
oil  to  the  oil  desulfurization  process  (e.g. 
hydrotreatment  emitted)  is  sampled. 

2.2.3  Sample  Analysis.  Determine 
the  percent  sulfur  content  (%S)  and 
gross  calorific  value  (GCV).  Use  ASTMD 
240  *  for  the  sample  analysis.  This  value 
can  be  assumed  to  be  on  a  dry  basis. 


'  Use  the  most  recent  revision  or  designation  of 
the  ASTM  procedure  specified. 
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2.3  Calculation  of  Sulfur  Dioxide 
Removal  Efficiency  Due  to  Fuel 
Pretreatment.  Calculate  the  percent 
sulfur  dioxide  reduction  due  to  fuel 
pretreatment  using  the  following 
equation: 


»  100 

Where: 

%Rf= Sulfur  dioxide  removal  e^iciency  due 
pretreatment;  percent 

%So= Sulfur  content  of  the  product  fuel  lot  on 
a  dry  basis;  weight  percent 
%S|=Sulfur  content  of  the  inlet  fuel  lot  on  a 
dry  basis;  weight  percent. 

GCVo= Gross  calorific  value  for  the  outlet 
fuel  lot  on  a  dry  basis;  k|/kg  (Btu/lb). 
GCV|= Gross  calorific  value  for  the  inlet  fuel 
lot  on  a  dry  basis;  kj/kg  (Btu/lb). 

Note. — If  more  than  one  fuel  type  is  used  to 
produce  the  product  fuel,  use  the  following 
equation  to  calculate  the  sulfur  contents  per 
unit  of  heat  content  of  the  total  fuel  lot,  %S/ 
GCV: 


tsj/GCV^ 


n 

SS/GCV  »  Z  '^i,(*S,j/SCV,^) 
k«l 


Where: 

Yk=The  fraction  of  total  mass  input  derived 
from  each  type,  k,  of  fuel. 

%Sk=Sulfur  content  of  each  fuel  type,  k,  on  a 
dry  basis;  weight  percent 
GCVk=Gross  calorific  value  for  each  fuel 
type,  k,  on  a  dry  basis;  kJ/kg  (Btu/lb). 
n=The  number  of  different  types  of  fuels. 

3.  Determination  of  Sulfur  Removal 
Efficiency  of  the  Sulfur  Dioxide  Control 
Device 


3.1  Sampling,  Determine  SOt 
emission  rates  at  the  inlet  and  outlet  of 
the  sulfur  dioxide  control  system 
according  to  methods  specified  in  the 
applicable  subpart  of  the  regulations 
and  the  procedures  specified  in  Section 
5.  The  inlet  sulfur  dioxide  emission  rate 
may  be  determined  through  fuel  analysis 
(Optional,  see  Section  3.3.) 

3.2.  Calculation.  Calculate  the 
percent  removal  efficiency  using  the 
following  equation: 


-  100  X  (1.0 

«(■) 


Where:  _ 

s  Sulfur  dioxide  removal  efiiciency  of 
the  sulfur  dioxide  control  system  using 
inlet  and  oatlet  monitoring  data;  percent 
Eao  •= Sulfur  dioxide  emission  rate  firom  the 
outlet  of  the  sulfur  dioxide  control 
system;  ng/]  (Ib/million  Btu). 

Eso  I— Sulfur  dioxide  emission  rate  to  the 
outlet  of  the  sulfur  dioxide  control 
system;  ng/)  (Ib/million  Btu). 

3.3  As-fired  Fuel  Analysis  (Optional 
Procedure).  If  the  owner  or  operator  of 
an  electric  utility  steam  generator 
chooses  to  determine  the  sulfur  dioxide  ' 
imput  rate  at  the  inlet  to  the  sulfur 
dioxide  control  device  through  an  as- 
fired  fuel  analysis  in  lieu  of  data  from  a 
sulfur  dioxide  control  system  inlet  gas 
monitor,  fuel  samples  must  be  collected 
in  accordance  widi  applicable 

2.0(tSj  , 

■  tor  S. 


paragraph  in  Section  2.  The  sampling 
can  be  conducted  upstream  of  any  fuel 
processing,  e.g.,  plant  coal  pulverizatioiL 
For  the  purposes  of  this  section,  a  fuel 
lot  size  is  defined  as  the  weight  of  fuel 
consumed  in  1  day  (24  hours)  and  is 
directly  related  to  the  exhaust  gas 
monitoring  data  at  the  outlet  of  the 
sulfur  dioxide  control  system. 

3.3.1  Fuel  Analysis.  Fuel  samples 
must  be  analyzed  for  sulfur  content  and 
gross  calorific  value.  The  ASTM 
procedures  for  determining  sulfur 
content  are  defined  in  the  applicable 
paragraphs  of  Section  2. 

3.3.2  Calculation  of  Sulfur  Dioxide 
Input  Rate.  The  sulfur  dioxide  imput  rate 
determined  fi^m  fuel  analysis  is 
calculated  by: 


I.  units. 


I 


s 


2.0(*S^) 

"ICv 


X  10^ 


for  English  units. 


Where: 


■  Sulfur  dioxide  Input  rate  frosi  as-fired  fuel  analysis, 
ng/J  (Ib/nllllon  Btu). 

XS^  >  Sulfur  content  of  as-fired  fuel,  on  a  dry  basis;  weight 
percent. 

GCV  •  Gross  calorific  value  for  as-fired  fuel,  oh  a  dry  basis; 


kJ/kg  (Btu/lb). 


3.3.3  Calculation  of  Sulfur  Dioxide 
Emission  Reduction  Using  As-fired  Fuel 
Analysis.  The  sulfur  dioxide  emission 
reduction  efficiency  is  calculated  using 
the  sulfur  imput  rate  from  paragraph 


* 

3.3.2  and  the  sulfur  dioxide  emission 
rate,  Esos.  determined  in  the  applicable 
paragraph  of  Section  5.3.  The  equation 
for  sulfur  dioxide  emission  reduction 
efficiency  is: 


100  X  (1.0 


Wiere: 


•  Sulfur  dioxide  renwval  efficiency  of  the  sulfur 
dioxide  control  system  using  as- fired  fuel  analysis 
data;  percent. 

•  Sulfur  dioxide  emission  rate  from  sulfur  dioxide  control 
system;  ng/J  (1b/ml111on  Btu). 


>  Sulfur  dioxide  Input  rate  from  as-fired  fuel  anelysis; 
eg/J  (Ib/mllllon  Btu). 
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4.  Calculation  of  Overall  Reduction  in 
Potential  Sulfur  Dioxide  Emission . 

4.1  The  overall  percent  sulfur 
dioxide  reduction  circulation  uses  die 
sulftn  dioxide  concentration  at  the  inlet 
to  the  sulfur  dioxide  control  device  as 


tile  base  value.  Any  sulfur  reduction 
realized  throu^  fuel  cleaning  is 
introduced  into  the  equation  as  an 
average  percent  reduction,  %Rf. 

4.2  Calculate  the  overall  percent 
sulfur  reduction  as: 


tooci.o  -  O.o-^Sff)  ('  0  -T^)] 


*  Overall  iulfur  dioxide  reduction;  percent. 

«  Sulfur  dioxide  removal  efficiency  of  fuel  pretreatment 
from  Section  2;  percent.  Refer  to  applicable  subpart 
for  definition  of  applicable  averaging  period. 

tR_  •  Sulfur  dioxide  removal  efficiency  of  sulfur  dioxide  control 
9 

'  device  either  O2  or  CO2  *  based  calculation  or  calculated 
from  fuel  analysis  and  emission  data,  from  Section  3; 
percent.  Refer  to  applicable  subpart  for  definition  of 
applicable  averaging  period.  ' 

5.  Calculation  of  Particulate,  Sulfur 

Dioxide,  and  Nitrogen  Oxides  Emission  ^ 

Rates 


and  oxygen  concentrations  have  been  ^ 
determine  in  Section  5.1,  wet  or  dry  F  ' 
factors  are  used.  (F«)  factors  and 
associated  emission  calculation 
procedures  are  not  applicable  and  muiy 
not  be  used  after  wet  scrubbers;  (Fe)  or 
(F«)  factors  and  associated  emission 
calculation  procedures  are  used  after 
wet  scrubbers.)  When  poUutant  and 
carbon  dioxide  concentrations  have 
been  determined  in  Section  ^1,  F« 
factors  are  used. 

5.2.1  Average  F Factors.  Table  1 
shows  average  F4,  F«,  and  F,  factors 
(scm/J,  scf/million  Btu)  determined  for 
commonly  used  fuels.  For  fuels  not 
listed  in  Table  1,  the  F  factors  are 
calculated  accqrding  to  the  procedures 
outlined  in  Section  5.2.2  of  tiiis  section. 

5.2.2  Calculating  an  F  Factor.  If  tiie 
fuel  burned  is  not  listed  in  Table  1  or  if 
the  owner  or  operator  chooses  to 
determine  an  F  factor  rather  than  use 
the  tabulated  data,  F  factors  are 
calculated  using  the  equations  below. 
The  sampling  and  analysis  procedures 
followed  in  obtaining  data  for  these 
calculations  are  subject  to  the  approval 
of  the  Administrator  and  the 
Administrator  should  be  consulted  prior 
to  data  collection. 


5.1  Sampling.  Use  the  outlet  SOa  or 
Oa  or  COa  concentrations  data  obtained 
in  Section  3.1.  Determine  the  particulate. 
NO,,  and  Oa  or  COa  concentrations  ^ 
according  to  methods  specified  in  an 
applicable  subpart  of  the  regulations. 

5.2  Determination  of  an  F  Factor. 
Select  an  average  F  factor  (Section  5.2.1) 
or  calculate  an  applicable  F  factor 
(Section  5.2.2.).  If  combined  fuels  are 
fired,  the  selected  or  calculated  F  factors 
are  prorated  using  the  procedures  in 
Section  5.2.3.  F  factors  are  ratios  of  the 
gas  volume  released  during  combusticm 
of  a  fuel  divided  by  the  heat  content  of 
the  fuel  A  dry  F  factor  (FJ  is  the  ratio  of 
the  volume  of  dry  flue  gases  generated 
to  the  calorific  value  of  the  fuel 
combusted;  a  wet  F  factor  (F,,)  is  the 
ratio  of  the  volume  of  wet  flue  gases 
generated  to  the  calorific  value  (A  the 
fuel  combusted;  and  the  carbon  F  factor 
(Fc)  is  the  ratio  of  the  volume  of  carbon 
dioxide  generated  to  the  calorific  value 
of  the  fuel  combusted.  When  pdlutant 


For  SI  Units: 


227.0(tH)  ♦  95.7(1C)  ♦  3S.4(tS)  ♦  8.6(«0  -  28.S(t01 


347.4(tH)+9S.7(XC)+35.4(XS)+8.6(tN)-28.5(X0)+n.0(tH20)** 


For  English  Units: 


r5.S7(XH)  »  1.S3(tCl 


♦  O.S7(tS) 
GCV 


♦  0.14(XII)  -  0.46(t0) 


10®C5.57(*H)+1 .53(XC)4O.57(XS)+0.14(XJ1)-0.46(X0)+0.21 (XH20)**] 


10^C(f.321(tC) 


The  tH20  term  may  h*  omitted  If  XH  and  XO  Inclede  the  unevallable 
hydrogen  and  oxygen  in  the  form  of  H2O. 
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Where: 

F«,  F„  and  F(  have  the  units  of  scm/I,  or  scf/ 
million  Btu;  %C  %S,  %N,  and 
%HtO  are  the  concentrations  by  weight 
(expressed  in  percent)  of  hydn^en, 
carbon,  sulfur,  nitrogen,  oxygen,  and 
water  ^m  an  ultimate  analysis  of  the 
fuel:  and  GCV  is  the  gross  calorific  value 
of  the  fuel  in  kj/kg  or  Btu/lb  and 
consistent  with  the  ultimate  analysis. 
Follow  ASTM  D  2015*  for  solid  fuels,  D 
240*  for  liquid  fuels,  and  D 1826*  for 
gaseous  fuels  as  applicable  in 
determining  GCV. 

5.2.3  Combined  Fuel  Firing  F  Factor. 
For  affected  facilities  firing 
combinations  of  fossil  fuels  or  fossil 
fuels  and  wood  residue,  the  Fd,  Fw.  or  Fc 
factors  determined  by  Sections  5.2.1  or 

5.2.2  of  this  section  shall  be  prorated  in 
accordance  with  applicable  formula  as 
follows: 


n 

£ 

k«l 


or 


n 

£ 

k-1 


k  Mk 


or 


n 

£ 

k«l 


’‘k  ^ck 


Where: 

Xk^The  fi'action  of  total  heat  input  derived 
from  each  type  of  fuel,  K. 
n=The  number  of  fuels  being  burned  in 
combination. 


5.3  Calculation  of  Emission  Rate. 
Select  from  the  following  paragraphs  the 
applicable  calculation  procedure  and 
calculate  the  particulate,  SOt,  and  NO, 
emission  rate.  The  values  in  the 
equations  are  defined  as: 

E= Pollutant  emission  rate,  ng/J  (Ib/million 
Btu). 

C= Pollutant  concentration,  ng/scm  (Ib/sc^. 

Note. — ^It  is  necessary  in  some  cases  to 
convert  measured  concentration  units  to 
other  units  for  these  calculations. 

Use  the  following  table  for  such 
conversions: 


Conversion  Factors  for  Concentration 


From—  To—  MuMptyby— 


g/acm - ng/scm _  10* 

mg/sem -  ng/scm _  10* 

fc/sci - ng/scm - 1.e02x10>* 

ppm(SOJ -  ng/scm - SesOxlO* 

Ppm(NOJ -  ng/scm -  1412x10* 

P|)m/(SOJ_„ - - —  It/sd -  1400x10*' 

ppm/(N0J - b/sd-: _  1.104x10*' 


5.3.1  Oxygen-Based  F  Factor 
Procedure. 

5.3.1.1  Dry  Basis.  When  both  percent 
oxygen  (%OsJ  and  the  pollutant 
concentration  (Cd)  an  measured  in  the 
flue  gas  on  a  dry  basis,  the  following 
equation  is  applicable: 


5.3.1.2  Wet  Basis.  When  both  the 
percent  oxygen  (%Osw)  and  the  pollutant 
concentration  (Cw)  are  measured  in  the 
flue  gas  on  a  wet  basis,  the  following 
equations  are  applicable:  (Note:  F^ 
factors  are  not  applicable  after  wet 
scrubbers.) 

(a)  E  • 

Where: 

B«.s  Proportion  by  volume  of  water  vapor  in 
the  ambient  air. 

In  lieu  of  actual  measurement 
may  be  estimated  as  follows: 

Note.^The  following  estimating  factors  are 
selected  to  assure  that  any  negative  error 
introduced  in  the  term: 

,  20.9 

<JS.5(1  ■-  S„)  - 

will  not  be  larger  than  —1.5  percent 
However,  positive  errors,  or  over¬ 
estimation  of  emissions,  of  as  much  as  5 
percent  may  be  introduced  depending 
upon  the  geographic  location  of  the 
facility  and  the  associated  range  of 
ambient  mositure. 

(i) Bw.  c:0i)27.  This  factor  may  be  used 
as  a  constant  value  at  any  location. 

(ii)  8^*=  Highest  montUy  average  of 
Bwa  whi^  occurred  within  a  calendar 
year  at  the  nearest  Weather  Service 
Station. 

(iii)  Highest  daily  average  of 
wUch  occurred  within  a  calendar  mon A 
at  the  nearest  Weather  Service  Station, 
calculated  from  the  data  for  the  past  3 
years.  This  factor  shall  be  calculated  for 
each  month  and  may  be  used  as  an 
estimating  factor  for  the  respective 
calendar  month. 

(b)  E  •  ^24.5  (1  .^6^)  - 

Where: 

B«,sProportion  by  volume  of  water  vapor  in 
the  stack  gas. 

5.3.1.3  Dry /Wet  Bdkis.  When  the 
pollutant  concentration  (Cw)  is  measured 
on  a  wet  basis  and  the  oxygen 
concentration  (%Oad)  or  measured  on  a 
dry  basis,  the  following  equation  is 
applicable: 


When  the  pollutapt  concentration  (C«) 
is  measured  on  a  dry  basis  and  the 
oxygen  concentration  (%Otd)  is 
measured  on  a  wet  basis,  the  following 
equation  is  applicable: 


20.9  - 


20.9 

ss 


2w 


5.3.2  Carbon  Dioxide-Based  F  Factor 
Procedure. 

5.3.2.1  Dry  Basis.  When  both  the 
percent  carbon  dioxide  (%COid)  and  the 
pollutant  concentration  (Cd)  are 
measured  in  the  flue  gas  on  a  dry  basis, 
the  following  equation  is  applicable: 


r  c  /  100  1 


'd 


'2d 


5.3.2.2  Wet  Basis.  When  both  the 
percent  carbon  dioxide  (%COtw)  and  the 
pollutant  concentration  (Cw)  are 
measured  on  a  wet  basis,  the  following 
equation  is  applicable: 


'.fc 


,  100  , 


5.3.2.3  Dry /Wet  Basis.  When  the 
pollutant  concentration  (Cw)  is  measured 
on  a  wet  basis  and  the  percent  carbon 
dioxide  (%COad)  is  measured  on  a  dry 
basis,  the  following  equation  is 
applicable: 


E 


When  the  pollutant  concentration  (Cd) 
is  measured  on  a  dry  basis  and  the 
precent  carbon  dioxide  (%COaw)  is 
measured  on  a  wet  basis,  the  following 
equation  is  applicable: 

'  ■  'd  fe 

5.4  Calculation  of  Emission  Rate 
from  Combined  Cycle-Gas  Turbine 
Systems.  For  gas  turbine-steam 
generator  combined  cycle  systems,  the  ~ 
emissions  from  supplemental  fuel  fired 
to  the  steam  generator  or  the  percentage 
reduction  in  potential  (SOa)  emissions 
cannot  be  determined  directly.  Using 
measurements  from  the  gas  turbine 
exhaust  (performance  test  subpart  GG) 
and  the  combined  exhaust  gases  from 
the  steam  generator,  calculate  the 
emission  rates  for  these  two  points 
following  the  appropriate  paragraphs  in 
Section  5.3. 

Note. — Pw  factors  shall  not  be  used  to 
determine  emission  rates  from  gas  turbines 
because  of  the  injection  of  steam  nor  to 
calculate  emission  rates  after  wet  scrubbers: 
Fd  or  F,  factor  and  associated  calculation 
procedures  are  used  to  combine  effluent 
emissions  according  to  the  procedure  in 
Paragraph  5.2.3. 

The  emission  rate  from  the  steam  generator 
is  calculated  as: 
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■sg 


Where: 

Pollutant  emission  rate  from  steam 
generator  effluent  ng/J  Ob/million  Btu). 
Ec= Pollutant  emission  rate  La  combined 
cycle  effluent  ng/J  (Ib/million.Btu). 

Egt>=  Pollutant  emission  rate  frY>m  gas  turbine 
effluent  ng/J  (lb/ million  Btu). 
Xa,=Fraction  of  total  heat  input  firom 
supplemental  fuel  ffred  to  the  steam 
generator. 

= Fraction  of  total  heat  input  from  gas 
turbine  exhaust  gases. 

Note. — ^The  total  heat  input  to  the  steam 
generator  is  the  sum  of  the  heat  input  from 
supplemental  fuel  fired  to  the  steam 
generator  and  the  heat  input  to  the  steam 
generator  from  the  exhaust  gases  from  the 
gas  turbine. 


5.5  Effect  of  Wet  Scrubber  Exhaust, 
Direct-Fired  Reheat  Fuel  Burning.  Some 
wet  scrubber  systems  require  that  the 
temperature  of  the  exhaust  gas  be  raised 
above  the  moistm*e  dew-potot  prior  to 
the  gas  entering  the  staclc  One  method  « 
used  to  accomplish  this  is  directfiring  of 
an  auxiliary  burner  into  the  exhaust  gas. 
The  heat  required  for  such  burners  is 
from  1  to  2  percent  of  total  heat  input  of 
the  steam  generating  plant  The  effect  of 
this  fuel  burning  on  the  exhaust  gas 
components  will  be  less  than  ±1.0 
percent  and  will  have  a  similar  effect  on 
emission  rate  calculations.  Because  of 
this  small  effect  a  determination  of 
effluent  gas  constituents  frnm  direct- 
fired  reheat  burners  for  correction  of 
stack  gas  concentrations  is  not 
necessary. 


.  Where: 

Substandard  deviation  of  the  average  outlet 
hourly  average  emission  rates  for  the 
reporting  period;  ng/J  (Ib/million  Btu). 
S|=Standard  deviation  of  &e  average  inlet 
hourly  average  emission  rates  for  the 
reporting  period;  ng/J  (Ib/million  BtuJ. 

6.3  Confidence  Limits.  Calculate  the 
lower  confidence  limit  for  the  mean 
outlet  emission  rates  for  SO*  and  NO, 
and,  if  applicable,  the  upper  confidence 
limit  for  the  mean  inlet  emission  rate  for 
SOt  using  the  following  equations: 

E,* = ^ — U.»»So 
E|* = E| + 1».«8| 

Where: 

Ea^acThe  lower  confidence  limit  for  the  mean 
outlet  emission  rates:  ng/J  (Ib/million 
BtuJ. 

E|*bThe  upper  confidence  limit  for  the  mean 
inlet  en^ion  rate;  ng/J  (Ib/million  BtuJ. 
U.M«  Values  shown  below  for  the  indicated 
number  of  available  data  points  (n): 


Table  Factors  tor  Various  Ms* 


F4 


Fusliyp* 


dMi 
10*  Btu 


•cf 

lO'Blu 


BiluminouB*. 


Ooifc 

a7ixio-»  (10100) 

^6^x10'’  (9780) 

Ugnas _  2.e6x10-»  (9060) 

OI» _ 2.47x10-’  (9190) 

Q§g; 

Natural _  2.43X10-*  (8710) 

2^4x10-’  (8710) 

2^4x10-*  (B710) 

Wood. _ Z48X10-*  (9240) 

WoodBwIi _  ^SSxlO-’  (9600) 


2^3X10-* 

2J6X10-’ 

8.21X10-* 

Z77X10-* 

tasxio-* 

2.74X10-* 

2.79X10-* 


(10540) 

(1064(9 

(11950) 

(10320) 

(10610) 

(10200) 

(10390) 


Vahioator  Va 


ttm 

6ai 

2.42 

2.35 

^13 

^02 

ia4 


•  As  olaMMM  aoconSng  to  ASTM  D  386-66. 

*Orude,  raNdual,  or  dWfSato. 

♦Dstormltrad  at  standard  corxStions:  20*  C  (66*  F)  and  760  ram  Hg  (29^2  to.  Hg). 


0.530x10-* 

(1970) 

S 

1J9 

0.484X10-* 

-  (1300) 

0 

1J6 

0.513x10-* 

(1910) 

10 

ia3 

0^63x10-* 

(1420) 

11 

141 

* 

12-16 

1.77 

02S7X10-* 

(1040) 

17-21 

1.73 

0J21X10-* 

(1190) 

22-26 

1.71 

0J37X10-* 

(1250) 

27-31 

1.70 

0.492x10-* 

(1630) 

32-51 

1.0S 

0.497X10-* 

(1650) 

52-01 

147 

92-151 

1.06 

*152  or  ram 

145 

6.  Calculation  of  Confidence  Limits  for 
Inlet  and  Outlet  Monitoring  Data 

6.1  Mean  Emission  Rates.  Calculate 
the  mean  emission  rates  using  hourly 
averages  in  ng/J  (Ib/million  Btu)  for  SOs 
and  NO,  outlet  data  and,  if  applicable. 
SOs  inlet  data  using  the  following 
equations: 

E  •  - - 

»  "o 

I  x. 


6.2  Standard  Deviation  of  Hourly 
Emission  Rates.  Calculate  the  standiard 
deviation  of  the  available  outlet  hourly 
average  emission  rates  for  SOs  and  NO, 
and,  if  applicable,  the  available  inlet 
hourly  average  emission  rates  for  SOs 
using  the  foUowdng  equations: 


((t  -  *0  0^ 


•(/s;  -  70  0 


M 


Where: 

E,=Mean  outlet  emission  rate:  ng/J  (lb/ 
million  Btu).  , 

Et=Mean  inlet  emission  rate:  ng/J  (Ib/million 
Btu). 

x«3B Hourly  average  outlet  emission  rate:  ng/J 
(Ib/million  Btu). 

XtsHourly  average  in  let  emission  rate:  ng/J 
(Ib/million  Btu). 

OasNumber  of  outlet  hourly  averages 
available  for  the  reporting  period. 

.  ni=sNumber  of  inlet  hourly  averages 
available  for  reporting  period. 


The  values  of  this  table  are  corrected  for 
n-1  degrees  of  freedom.  Use  n  equal  to 
the  number  of  hourly  average  data 
points. 

7.  Calculation  to  Demonstrate 
Compliance  When  Available 
Monitoring  Data  Are  Less  Than  the 
Required  Minimum 

7.1  Determine  Potential  Combustion 
Concentration  (PCC)  for  SO%. 

7.1.1  When  the  removal  efficiency 
due  to  fuel  pretreatment  (%  R()  is 
included  in  the  overall  reduction  in 
potential  sulfur  dioxide  emissions  [%  Ro) 
and  the  “as-fired”  fuel  analysis  is  not 
used,  the  potential  combustion 
concentration  (PCC)  is  determined  as 
follows: 


PCC 


PCC 


El** 


£.♦  ♦  2 


Where: 


**^10*- 


ng/J 


Ib/nllllon  Btu. 


/*Et  *e7\. 


Potential  esilsslons  removed  by  the  pretreatment _ 
process*  using  the  fuel  parameters  defined  In 
section  2.3;  ng/J  (Ib/mllllon  Btu). 
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7.1.2  When  the  “as-fired”  fuel 
analysis  is  used  and  the  removal 
efficiency  due  to  fuel  pretreatment  (%  Rf) 
is  not  induded  in  the  overall  reduction 
in  potential  sulfur  dioxide  emissions  (% 
R«),  the  potential  combustion 
concentration  (PCC)  is  determined  as 
follows: 

PCC«I, 


7.1.4  When  inlet  monitoring  data  are 
used  and  the  removal  effidency  due  to 
fuel  pretreatment  (%  R()  is  not  included 
in  the  overall  reduction  in  potential 
sulfur  dioxide  emissions  (%  Ro),  the 
potential  combustion  concentration 
(PCC)  is  determined  as  follows: 

PCC  =  E,* 

Where: 

Et*  =  The  upper  confidence  limit  of  the  mean 
inlet  emission  rate,  as  determined  in 
section  6.3. 

7.2  Determine  Allowable  Emission 
Rates  (Aid). 

7.2.1  NO^.  Use  the  allowable 
emission  rates  for  NO,  as  directly 
defined  by  the  applicable  standard  in 
terms  of  ng/J  (Ib/million  Btu). 

7.2.2  SO*.  Use  the  potential 
combustion  concentration  (PC(!)]  for  SOs 
as  determined  in  section  7.1,  to 
determine  the  applicable  emission 
standard.  If  the  applicable  standard  is 
an  allowable  emission  rate  in  ng/J  (lb/ 
million  Btu),  the  allowable  emission  rate 


Where: 

^■•Tbe  sulfiir  dioxide  input  rate  as  defined 
in  section  83 

7.1.3  When  fixe  “as-fired”  fuel 
analysis  is  used  and  the  removal 
efficiency  due  to  fuel  pretreatment  (%  RJ 
is  included  in  the  overall  reduction  (% 
Re),  the  potential  combustion 
concentration  (PCC)  is  determined  as 
follows: 


i  ng/J 


;  Ib/nllllon  Btu. 

is  used  as  Ecm-  If  the  applicable  standard 
is  an  allowable  percent  emission, 
calculate  the  allowable  emission  rate 
(EmJ  using  the  following  equation: 

Ert4  =  %PCC/lOO 
Where: 

%  PCC  =  Allowable  percent  ei^ssion  as 
defined  by  the  applicable  standard: 
peroenL 

7.3  Calculaie  /^.  To  determine 
compliance  for  the  reporting  period 
calculate  the  latio: 

Where: 

E,*  s  The  lower  aonfidence  limit  for  the 
mean  outlet  emission  rates,  as  defined  in 
section  6.3;  ng/)  (Ib/million  Btu). 

Egu  =  Allowable  emission  rate  as  defined  in 
*  section  7.2;  ng/)  (Ib/million  Btu). 

If  Bo*/^  is  equal  to  or  less  than  1.0,  the 
facility  is  in  compliance;  if  E>*/E,«4  is  greater 
than  1.0,  the  facility  is  not  in  compliance  for 
the  reporting  period. 
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